Regulatory Impact Analysis for:

Revisions to 43 CFR 3100 (Onshore Oil and Gas
Leasing) and 43 CFR 3600 (Onshore O1l and Gas
Operations)

Additions of 43 CFR 3178 (Royalty-Free Use of
Lease Production) and 43 CFR 3179 (Waste

Prevention and Resource Conservation)

US. Bureau of Land Management

January 14, 2016



Contents

1. EXECULIVE SUMMATY ..ottt 1
1.1 Back@round ... 1
1.2 Need for Regulatory ACHON .....cccuiiiiiiiiiiiiciiiiciii s 2
1.3 Summary of RESUILS ..c.cciuiiiiiiiiiiiiii e 3

1.3.1  Baseline Gas LLosS EStIMALES .....c.cueuiriririrueriiinirieicictiriercett ettt ene e 3
1.3.2 MONEHZEA COSLS.cuuiuiuiiiiiiiiiieieieieieieieieieieiet ettt 4
1.3.3  Monetized BENELILS ..cceuiiuiuciiiiiiciiiiceiciriccete et 5
1.3.4  Non-monetized Costs and BENefits ......ocovuviviririririniiiiicccceiceeeeeeeesess e 7
1.3.5 Net BENEILS i 7
1.3.6  Distributional IMpPacts........cccviiiiiiiiiiiiiiiiciic e 9

2. Requirements for Analyzing the Impacts of a Proposed Regulatory Action ..........ccccvevvcreurunee 11

3. Background on Venting and Flaring from Oil and Gas Operations ...........ceeeeuevrinceeeurinicrenrinnens 13

4. Estimated Venting and Flaring on Federal and Indian LLeases ........ccccooevvvvvvinininininicccccccnne, 18
41  GAO Estimates for 2008.........ccoviiiiiiiiiiniiciiieiiie e ssssans 18
42 BLM Estimates fOr 2013 ..ot eeetcseeseeeiesesere et sesesst st 19

5. Current Regulatory Framework. ... 22

6. Proposed Regulatory Action and Alternatives Considered........cccoevvviiininrinininininiiicccceeenes 25

7. Examination of the Proposed Requirements and AlterNatives ........ccoevveeuevrenicreerinieenrinierenseneens 32
7.1 Estimating Costs, Benefits, and Net Benefits ..., 32
7.2 Climate Effects and Evaluation ..ot 32
7.3 DISCOUNE RALE .ueviiieiieiieccrc ettt ettt ettt sttt na b 40
7.4 Period Of ANALYSIS c.cciiiiiiiiiiiiiirirss ettt ettt 41
7.5 UNCEITAINLY ottt ettt et sttt et b e 41
7.6 Flared ASSOCIAtEd (GAS ....vuiuiiiniiiiiiiiciir e 45
7.7 Well Drilling, Completions, and MaiNtENANCE .......c.ouvverevreimememririeienriieerensiieeesseseesesseseesensens 72
7.8 Pneumatic CONtrOllers ... ..o s 77
7.9 Pneumatic PUMPS.....cccooiiiiiiiiiiii s 80
7.10  Liquids UnlOading......cccceueuiiiiiirinininiiiiiiiccceeeee ettt s 84
7T Storage TanKS ... 90
7.12  Leak Detection and REPair .......ccuviviiiviniiiiiiiiicicccics e 103
713 Administrative Burden ....c.cooieiiiiice e 121

1



7.14  Royalty Free Use of PrOdUCON. ...ttt eseseeeaeserenenen 125

7.15  Change of Royalty Rate Language .........cccccccevuviiiiniiiniiiiiiicicesicensieessisenessecenens 125

8. Summary Of IMPAaCtS.....cccviviiiiiiiiiic e 127
8.1 Costs Of The RULE ..t 127
8.2  Benefits Of The RUlC...ccoiiiiiiiiiieiciic e 130
8.3 INEt BENELILS ot 137
8.4  Distributional IMPaCtS.....ccvuiuiiiiiiiiiiiiiiciiiic e 140
8.4.1  ENEr@Y SYStEMS..uiuiiiiiiiiiiiiiiicc s 140
8.4.2  RoOYalty IMPACS ...cvriiiiiiiiiicccc et 143
8.43  Employment IMPAaCES ...ccccuviviiiiiiiiiiiiiiiiiciiiieniieice e 148
8.44 Impacts on Tribal Lands ... 148
8.4.5  Additional ConsIdErations .........cccvucuriecuiiciiiiciiicinicce e 150

9. Initial Regulatory Flexibility ANalysis........ccciiiiiiiiiiiiiiiiiiiiiccccccceee s 154
9.1  Reasons why Action is Being Considered ... 155
9.2 Statement of Objectives and Legal Basis for Proposed Rule .......cccoeieeivniccnniccnnnee. 156
9.3  Description and Estimate of Affected Small ENtities......ooceevriieerriniereericericcereenens 157
9.4  Compliance Cost Impact ESMALES ..o 158
9.5  Projected Reporting, Recordkeeping and Other Compliance Requirements..............c....... 160
9.6 Related Federal RUles........cccciuiiiiimiiiiiiiiiiccr s 163
9.7 Regulatory Flexibility AIternatives ........cccoviiiiiiiiiiiiiiiiciene s 163
10. Statutory And Executive Order REVIEWS......ccviiiiiiiiiiiiiiiicines 166
10.1  Executive Order 12866 Regulatory Planning and RevIew ........ccoeveuvivnicicininiccinnicciaes 166

10.2  Regulatory Flexibility Act and Small Business Regulatory Enforcement Fairness Act of
1996 166

10.3  Unfunded Mandates Reform Act of 1995.......ccccoiiiiiiiiiiiiiiccncans 167
10.4  Executive Order 13211 Actions Concerning Regulations that Significantly Affect Energy
Supply, Distribution, OF USE ... nens 168
11. REFEICIICES ..ot 169
12. APPENALX 1ottt bbb 172
Appendix A-1: U.S. Methane Emissions Estimates, 2015 GHG Inventory........cccccoevveeivninnnnnn. 173
Appendix A-2: U.S. Dry Natural Gas and Crude Oil Production and Natural Gas and Crude Oil
Production on Federal and Indian Lands, in 2013, by State Jurisdiction and NEMS Region ...... 176

Appendix A-3: Methane Emission Factors for the Natural Gas Production Stage, by Region .. 177

Appendix A-4: Natural Gas (Whole Gas) Emission Factors for the Natural Gas Production
Stage, DY REGION ... s 179



Appendix A-5: Methane and Natural Gas (Whole Gas) Emission Factors for the Petroleum

PrOdUCHON STAGE ....ouvueiiieiiiciicce e 181
Appendix A-6: Social Cost of Carbon EStMAtes .......ccccvvieiririieriniieiiceicceeceeeseeenene 182
Appendix A-7: Detail of Small Business Impacts ANalysis........cocovvvvnininiiiccicceieeeeeenes 183
Appendix A-8: Detail Of Tribal IMPACES ....ccviuiiiiiiiiiiiiiiciiccceee s 185
Appendix A-9: Detail Of BLM’s Venting And Flaring EStimates ........coeveeiiccccececcninnenene, 199
Appendix A-10: Results of BLM Survey of Royalty-Free Flaring Requests........cccccoevviviininnnnnne. 223

iv



Acronyms and Abbtreviations

AQCC
Bef
BLM
CA
CBM
CFR
CH,
CO,
CO,e
DPHE
EIA
EPA
GAO
Gg
GHG
IMDA
IRR
LA
LDAR
Mcf
Mcfd
Mcfy
MMbbl
MMcf
NDIC
NESHAP
NGL
NPV
NSPS
NTL-4A
OIRA
OMB
Psia
RFA
SBREFA
scf
scfd
scth
TSD
VOC
2015 GHG Inventory

Colorado Air Quality Control Division

Billion Cubic Feet

Bureau of Land Management

Communitized Agreement

Coalbed Methane

Code of Federal Regulations

Methane

Carbon Dioxide

Carbon Dioxide Equivalent

Colorado Department of Public Health and Environment
Energy Information Administration
Environmental Protection Agency
Government Accountability Office

Giga gram (or 1,000 Mg or 1,000 metric tons)
Greenhouse Gas

Indian Mineral Development Act

Internal Rate of Return

Lease Agreement

Leak Detection and Repair

Thousand Cubic Feet

Thousand Cubic Feet per Day

Thousand Cubic Feet per Year

Million Batrrels

Million Cubic Feet

North Dakota Industrial Commission

National Emission Standards for Hazardous Air Pollutants
Natural Gas Liquids

Net Present Value

New Source Performance Standards

Notice to Lessees 4A

Office of Information and Regulatory Affairs
Office of Management and Budget

Pounds per Square Inch Absolute

Regulatory Flexibility Act

Small Business Regulatory Enforcement Fairness Act
Standard Cubic Feet

Standard Cubic Feet per Day

Standard Cubic Feet per Hour

Technical Support Document

Volatile Organic Compounds

Inventory of U.S. Greenhouse Gas Emissions and Sinks: 1990-2013



1. Executive Summary

1.1 Background

This analysis examines the regulatory impacts of the Bureau of Land Management’s (BLM)
proposed rulemaking, which would update 43 CFR Part 3100 (Onshore Oil and Gas Leasing) and
43 CFR Part 3160 (Onshore Oil and Gas Operations) and propose new regulations 43 CFR Chapter
I1, Subpart 3178 (Royalty-Free Use of Lease Production) and Subpart 3179 (Waste Prevention and
Resource Conservation). The proposed Subparts 3178 and 3179 would update and replace the
BLM’s current policy document Notice to Lessees-4A (or “NTL-4A”).

With respect to 43 CFR Part 3100, the proposed rule would conform the BLM’s royalty rate
provisions for competitive oil and gas leases to the corresponding statutory text, which prescribes a
rate “not less than” 12.5%.

With respect to 43 CFR Part 3610, the proposed rule would require the operator to submit
additional information to the BLM with its Application for Permit to Drill (APD) for a new oil well.
Specifically, the operator must submit its plan to minimize the waste of natural gas from the planned
well to the degree reasonably possible. The plan itself would not be incorporated in the APD or
otherwise enforced.

Proposed Subpart 3178 would clarify the parameters for an operator to use production on lease
without paying royalties on that production. The changes would ensure that the royalty free use of
production applies only to uses on the lease, unit, or CA. The changes would not prohibit the
operator from using the production off the lease, unit, or CA, but those uses would incur royalties.

Proposed Subpart 3179 would modify the requirements that limit the venting and flaring of
produced natural gas. The main provisions are as follows. The proposed rule would prohibit venting
of gas except in certain circumstances, and would limit gas flaring during normal production
operations from development oil wells to 7,200 Mcf/month (on average, per well, across all of the
producing wells on a lease) for the first year of the rule’s implementation, 3,600 Mcf/month/well
for the second year of the rule’s implementation, and 1,800 Mcf/month/well thereafter.Gas flared
from a well that is connected to infrastructure would be royalty-bearing except in certain narrow
circumstances, such as emergencies.

The rule would also limit losses of gas through venting and leaks by placing requirements on other
activities and equipment, including well drilling, completions and workovers, production testing,
pneumatic controllers and pumps, storage tanks, liquids unloading, and leak detection and repair
(LDAR). As a practical matter, many of the proposed requirements would impact only existing
equipment or facilities that are not regulated by the Environmental Protection Agency’s (EPA)
existing New Source Performance Standards (NSPS) Subpart OOOO (nor by the EPA’s recently
proposed Subpart OOOQOa, if that rule is finalized).



1.2 Need for Regulatory Action

Circular A-4, the Office of Management and Budget’s (OMB) guidance on the development of
regulatory analyses under Executive Order 12860, instructs Federal agencies to explain the need for
the policy action, whether to correct a significant market failure, such as an externality, or to meet
some other compelling public need, such as improving governmental processes.

A 2010 GAO investigation and our subsequent analysis show that a large amount of natural gas is
being wasted through venting and flaring at oil and gas production sites on Federal and Indian lands,
despite the fact that much of this gas could be economically captured and delivered to the market.
The GAO estimated that, in 2008, about 128 billion cubic feet (Bcf) of natural gas was either vented
ot flared from Federal leases, about 50 Bef of which was economically recoverable (about 40% of
the total volume lost). This economically recoverable volume represents about $23 million in lost
Federal royalties and 16.5 million metric tons of carbon dioxide equivalent (CO,e) emissions.'

The GAO recommended that the BLM improve its data collection to ensure a complete and
accurate picture of vented and flared gas, and revise its guidance to operators requiring the use of
capture technologies when the capture of gas is economically viable. The GAO identified specific
technologies and practices as being “generally considered technically and economically feasible,”
including reduced emissions completions during drilling and completion operations, plunger lift
systems for wells requiring liquids unloading, vapor recovery units to capture gas from crude oil and
condensate storage tanks, flash tank separators and glycol circulation optimization for dehydration
units, and low-bleed pneumatic devices (GAO 2010, pp. 7-8).

When gas is wasted rather than captured and brought to market, society loses out on the ability to
consume the resource and social benefits are not maximized. In addition, when the wasted gas in
question comes from the Federal or Tribal mineral estate, the public or Tribes are often not
compensated for the loss if royalty is not assessed. Additionally, state governments do not receive
the compensation they are owed through royalty sharing from Federal production.

Wasting gas also produces air pollution, which imposes costs to society that are not reflected in the
market price of the gas. Gas that is vented to the atmosphere or flared contributes greenhouse gas
(GHG), volatile organic compound (VOC), and hazardous air pollutant emissions that have negative
climate, health, and welfare impacts. These uncompensated costs to society are referred to as
negative externalities.

Several market inefficiencies occur when society rather than the producer bears the costs of
pollution damage. Since the damage is not borne by the producer, it is not reflected in the market
price of the commodity, and uncontrolled markets produce an excessive amount of the commodity,
dedicate an inadequate amount of resources to pollution control, and generate an inefficiently large
amount of pollution. With stock pollutants, like methane and carbon dioxide, which build up in the
environment and cause damage over time, the burden will be greater on future generations. Further,

!'The BLM’s estimates smaller volumes of annual gas loss through venting and flaring, but we recognize that a
substantial volume of gas is being lost despite being economically recoverable.



the fact that operators do not always bear the full costs of production introduces perverse incentives
to the market. Operators that voluntarily make investments to limit or avoid the loss put themselves
at a competitive disadvantage in relation to operators who do not make such investments.

1.3  Summary of Results

1.3.1 Baseline Gas Loss Estimates

In 2013, we estimate that 98 Bcf of natural gas was vented and flared from Federal and Indian
leases. At a $4/Mcf price of natural gas, this volume has a sales value of $392 million and a royalty
value of $49 million. Of the 98 Bcf, we estimate that 22 Bcef was vented and 76 Bef was flared. We
estimate that 44 Bcf of the flared gas came from the Federal and Indian mineral estates with 32 Bcf
coming from the estates of other mineral owners.” With this analysis, the BLM estimates the costs
and benefits of the proposed requirements, which pertain to vented and flared gas from the Federal
and Indian mineral estates and to vented and flared gas from non-Federal and non-Indian mineral
estates, where applicable.

Table 1a: Estimated Vented Gas from Federal and Indian Leases in 2013, by Source

Natural Gas Lost Through Venting
Source Volume (Bcf)

Well completions 2.08
Pneumatic controllers 5.37
Pneumatic pumps 2.46
Gas Engines 1.11
Compressors 0.42
Liquids Unloading 3.26
Storage Tanks 2.77
Other Production (Includes Leaks) 4.35

Total Venting 21.82

Table 1b: Estimated Flared Gas from Federal and Indian Leases in 2013, by Mineral
Ownership, Volume in Bcf

Mineral Ownership
Non-Federal,
Source Federal Indian Non-Indian Total
Flared oil-well gas (Bcf) 24.3 16.3 30.8 71.4
Flared gas-well gas (Bcf) 2.4 0.7 1.5 4.6
Total (Bcf) 26.7 16.9 32.3 75.9

2 The volumes vented and flared represent all natural gas flared from Federal and Indian leases, but the ownership of
those minerals is mixed between Federal, Indian, and non-Federal non-Indian owners.



1.3.2 Monetized Costs

We expect to see the highest levels of compliance activity during the first few, transitional years of
the program. The requirements to replace existing equipment would necessitate immediate
expenditures. For the purpose of this analysis, we annualize the capital costs of equipment
replacement over a reasonable estimate of the functional life of the equipment (generally 10 years).’
Also, we expect the flaring limit to have a more significant impact in the initial years of the
regulation, before the industry transitions to higher capture rates.

After reviewing the proposed requirements, we estimate that, if the EPA does not finalize Subpart
O0OO0Oa, this rule would pose costs of about $139 — 174 million per year (with a 7% discount rate)
or $130 — 147 million per year (with a 3% discount rate) over the next 10 years, as shown in Table
2a. These costs include engineering compliance costs and the social cost of minor additions of
carbon dioxide to the atmosphere.* The compliance costs presented do not include potential cost
savings from the recovery and sale of natural gas or natural gas liquids (those savings are shown in
the summary of benefits).

If the EPA finalizes Subpart OOOOQa as proposed, then the BLM rule would impact fewer sources
and the estimated costs would be lower. Under that scenario, we estimate that this rule would pose
costs of about $125 — 161 million per year (with a 7% discount rate) or $117 — 134 million per year
(with a 3% discount rate), as shown in Table 2b.

We believe that the estimated costs represent the likely upper bound of potential impacts. The
estimated impacts account for activities that available data suggest operators already undertake to
comply with state or other federal regulations. To the extent that operators are already in compliance
with the requirements, the estimated impacts overstate the likely actual impacts of the rule.

Table 2a: Estimated Annual Costs, 2017 — 2026 ($ in millions)

Requirement 7% Discount Rate 3% Discount Rate

Flaring Requirements $33 — 69 $27 — 44
Well Completion $8 — 12 $12
Pnumatic Controllers $6 $5
Pneumatic Pumps $3 $3
Liquids Unloading $6 $5-6
Storage Tanks $6 $6

LDAR $71 $70 — 71
Administrative Burden $2-3 $2-3

Total $139 — 174 $130 — 147

3 After the initial replacement of existing equipment that would be required by this proposal, any other replacement or
modification of such equipment would be subject to EPA’s requirements that apply to new or modified sources — the
NSPS Subpart OOOO (currently in place), or proposed NSPS Subpart OOOOa (if finalized).

4 Some gas that would have otherwise been vented would now be combusted on-site or presumably downstream to
generate electricity. The estimated value of the carbon additions do not exceed $30,000 in any given year.



Table 2b: Estimated Annual Costs if EPA Finalizes Subpart OO0OOa, 2017 — 2026 ($ in
millions)

Requirement 7% Discount Rate 3% Discount Rate

Flaring Requirements $33 — 69 $27 — 44
Well Completion $0 $0
Pnumatic Controllers $6 $5
Pneumatic Pumps $3 $3
Liquids Unloading $6 $5 -6
Storage Tanks $6 $6

LDAR $69 $68
Administrative Burden $2-3 $2-3

Total $125 - 161 $117 — 134

1.3.3 Monetized Benefits

We identify the benefits of the rule as the cost savings that the industry would receive from the
recovery and sale of natural gas, and the environmental benefits of reducing the amount of
greenhouse gases (GHG) and other air pollutants released into the atmosphere. As with the
estimated costs, we expect benefits on an annual basis.

After reviewing the proposed requirements, we estimate that, if the EPA does not finalize Subpart
O0OO0Oa, this rule would result in net benefits ranging from $270 — 354 million per year (present
value of annual cost savings calculated using a 7% discount rate and using model averages of the
social cost of methane with a 3% discount rate) or $270 — 384 million per year (present value of
annual cost savings calculated using a 3% discount rate and using model averages of the social cost
of methane with a 3% discount rate). Of that amount, we estimate cost savings to the industry of
about $76 — 98 million per year (present value calculated using a 7% discount rate) or $77 — 108
million per year (present value calculated using a 3% discount rate). We estimate the monetized
value of the methane reductions to be $193 — 195 million per year from 2017 — 2019, $232 — 237
million per year from 2020 — 2024, and $275 — 277 million per year from 2025 — 2026 (using model
averages of the social cost of methane with a 3% discount rate; see section 7.2 for a discussion on
the climate effects and evaluation).

If the EPA finalizes Subpart OOOOQa as proposed, then the BLM rule would impact fewer sources,
and the estimated benefits would be less. Under that scenario, we estimate that this rule would result
in net benefits ranging from $255 — 329 million per year (present value of annual cost savings
calculated using a 7% discount rate and using model averages of the social cost of methane with a
3% discount rate) or $255 — 357 million per year (present value of annual cost savings calculated
using a 3% discount rate and using model averages of the social cost of methane with a 3% discount
rate). Of that amount, we estimate cost savings to the industry of about $74 — 95 million per year
(present value calculated using a 7% discount rate) or $75 — 105 million per year (present value
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calculated using a 3% discount rate). We estimate the monetized value of the methane reductions to
be $180 — 182 million per year from 2017 — 2019, $215 — 218 million per year from 2020 — 2024,
and $252 — 253 million per year from 2025 — 2026.

As with the estimated costs, these benefits are likely representative of upper bound estimates for the
potential emissions reductions impacts. Where data are available, they suggest that operators already
undertake some activities that reduce venting and flaring, either voluntarily or to comply with state
or other federal regulations. The estimates do not, however, fully account for any such actions
already undertaken by operators. To the extent that operators are already in compliance with the
requirements of the proposed rule, the estimated impacts overstate the likely actual impacts of the
rule.

Table 3a: Estimated Annual Benefits, 2017 — 2026 ($ in millions)

Requirement 7% Discount Rate 3% Discount Rate

Flaring Requirements $40 — 58 $40 — 64
Well Completion $15—24 $15 — 24
Pnumatic Controllers $59 — 74 $59 — 78
Pneumatic Pumps $20 — 28 $20 — 28
Liquids Unloading $40 — 58 $40 — 61
Storage Tanks $8 - 11 $8—11
LDAR $89 — 115 $89 — 119

Total $270 — 354 $270 — 384

Table 3b: Estimated Annual Benefits if EPA Finalizes Subpart OO0Oa, 2017 — 2026 ($ in
millions)

Requirement 7% Discount Rate 3% Discount Rate

Flaring Requirements $40 — 58 $40 — 64
Well Completion $1-2 $1-2
Pnumatic Controllers $59 — 74 $59 — 78
Pneumatic Pumps $19 — 25 $19 — 26
Liquids Unloading $40 — 58 $40 — 61
Storage Tanks $8 - 11 $8—11
LDAR $88 — 112 $88 — 117

Total $255 — 329 $255 — 357




1.3.4 Non-monetized Costs and Benefits

The rule is expected to have additional impacts, both costs and benefits, that this analysis examines
but does not include in the calculation of monetized costs and benefits. Although the analysis
monetizes the benefits of reduced methane releases and the costs of carbon dioxide additions, the
analysis does not monetize other climate benefits, or the benefits to public health and the
environment of reducing VOC emissions by 400,000 — 423,000 tons per year and reducing
emissions of hazardous air pollutants. If the EPA finalizes Subpart OOOOa as proposed, then we
estimate this rule would reduce VOC emissions by 391,000 — 411,000 tons per year. The rule is
expected to have additional minor environmental benefits associated with the productive use of the
gas downstream instead of combusting the gas upstream.

1.3.5 Net Benefits

The following estimated net benefits are summarized from the sections that follow. The figures
presented here are in 2012 dollars, with capital costs annualized using 7% and 3% discount rates, the
net present value of cost savings annualized using 7% and 3% discount rates, and environmental
costs and benefits monetized using the social cost of of carbon and social cost of methane — using
model averages of the social cost of methane with a 3% discount rate (see section 7.2).

If the EPA does not finalize Subpart OOOOQa, we estimate that the rule would result in net benefits
of:
e $119 — 203 million per year (costs and costs savings calculated using a 7% discount rate),
over time as follows:
O net benefits of $119 — 131 million per year from 2017 — 2019,
O net benefits of $162 — 165 million per year from 2020 — 2024, and
O net benefits of $202 — 203 million per year from 2025 — 2026; or

e $140 — 245 million per year (costs and costs savings calculated using a 3% discount rate),
over time as follows:
O net benefits of $140 — 154 million per year from 2017 — 2019,
O net benefits of $199 — 205 million per year from 2020 — 2024, and
O net benefits of $243 — 245 million per year from 2025 — 2026.

If the EPA finalizes Subpart OOOOQa as proposed, we estimate that the rule would result in net
benefits of:
e $115— 188 million per year (costs and costs savings calculated using a 7% discount rate),
over time as follows:
O net benefits of $115 — 130 million per year from 2017 — 2019,
O net benefits of $155 — 156 million per year from 2020 — 2024, and
O net benefits of $188 million per year from 2025 — 20206; or
e $138 — 232 million per year (costs and costs savings calculated using a 3% discount rate),
over time as follows:
O net benefits of $138 — 151 million per year from 2017 — 2019,
O net benefits of $192 — 196 million per year from 2020 — 2024, and
O net benefits of $231 — 232 million per year from 2025 — 2020.

7



Table 4a: Estimated Annual Net Benefits if EPA Does Not Finalize

Subpart 0000a, 2017-2026 ($ in millions)

7% Discount

3% Discount

Requirement Rate Rate Non-Monetized Benefits
Flaring Requirements ($11) — $7 $12 — 28 Health effects of PM25and ozone
Well Completion $3—15 $3—13 exposure from annual VOC reductions;
Pnumatic Controllers $53 — 68 $54 73 N T URERE | IS D
Pneumatic Pumps $17 — 25 $17 —25
Liquids Unloading $35 — 52 $35 — 55 Health effects of reduced HAP

exposute;
Storage Tanks $2 -5 $2—-5
IL.DAR $19 — 43 $19 — 48 Minor secondary disbenefits;
Administrative Burden $2-3) $2-3) Incremenetal environmental benefits of
Total $119 — 203 $140 — 245 combusting gas downstream.

Table 4b: Estimated Annual Net Benefits if EPA Finalizes Subpart OO0OOQOa, 2017-2026 ($

in millions)

Requirement

7% Discount

3% Discount

Non-Monetized Benefits

Rate Rate
Flaring Requirements $11) — §7 $12 — 28 Health effects of PM;5and ozone
Well Completion $1-2 $1—2 exposure from annual VOC reductions;
Pnumatic Controllers $53 — 68 $54-73 Non-monetized climate benefits;
Pneumatic Pumps $17 — 23 $17 - 23
Liquids Unloading $35 — 52 $35 — 55 Health effects of reduced HAP

exposute;

Storage Tanks $2 -5 $2—5
I.DAR $19 — 43 $20 — 48 Minor secondary disbenefits;
Administrative Burden $2-3) $2-3) Incremenetal environmental benefits of
Total $115— 188 $138 — 232 combusting gas downstream.




1.3.6 Distributional Impacts

Energy System: The proposed rule has a number of requirements that are expected to influence
the production of natural gas, natural gas liquids, and crude oil from onshore Federal and Indian oil
and gas leases.

We estimate the following incremental changes in production, noting the representative share of the
total U.S. production in 2014 for context.

Assuming that the EPA does not finalize Subpart OOOOa:

e Additional natural gas production ranging from about 12 — 15 Bcf per year (0.04 — 0.06% of
the total U.S. production);

e The productive use of an additional 29 — 41 Bcf of natural gas, which we estimate would be
used to generate 36 — 51 million gallons of NGL per year (0.08 — 0.11% of the total U.S.
production).

e A reduction in crude oil production ranging from 0.6 — 3.2 million barrels per year (0.02 —
0.10% of the total U.S. production).

Separate from the volumes listed above, we also expect 1 Bef of gas to be combusted onsite that
would have otherwise been vented. Combined, the capture and combustion of gas represents 49 —
52% of the volume vented in 2013, and the capture or productive use of gas represents 41 — 60% of
the volume flared in 2013.

Assuming that the EPA finalizes Subpart OOOQa, we estimate that this rule would result in slightly
less additional natural gas production, ranging from 11.7 — 14.5 Bcf per year (representing 0.04 —
0.05% of the total U.S. production in 2014), and the same amount of additional natural gas liquid
(NGL) production and reduced crude oil production as presented above. We also expect 0.5 Bef of
gas to be combusted onsite that would have otherwise been vented. Combined, the capture and
combustion of gas represents 44 — 46% of the volume vented in 2013, and the capture or productive
use of gas represents 41 — 60% of the volume vented and flared in 2013.

Since the relative changes in production are expected to be small, we do not expect that the
proposed rule would significantly impact the price, supply, or distribution of energy.

Royalty: We estimate that if the EPA does not finalize Subpart OOOOa, the rule would result in
annual incremental royalties of $9 — 11 million per year (discounted at 7%) or $11 — 17 million per
year (discounted at 3%). If the EPA finalizes Subpart OOOOa, we estimate additional royalties of
$9 — 11 million per year (discounted at 7%) or $10 — 16 million per year (discounted at 3%).

Royalty payments are income to Federal or Tribal governments and costs to the operator or

lessee. As such, they are transfer payments that do not affect the total resources available to

society. An important, but sometimes difficult, problem in cost estimation is to distinguish between
real costs and transfer payments. While transfers should not be included in the economic analysis



estimates of the benefits and costs of a regulation, they may be important for describing the
regulation’s distributional effects.’

Small Businesses: The BLM reviewed the Small Business Administration (SBA) size standards
for small businesses, and the number of affected entities fitting those size standards, as reported by
the U.S. Census Bureau in the Economic Census. The BLM concludes that the vast majority of
entities operating in the relevant sectors are small businesses as defined by the SBA. As such, the
rule would likely affect a substantial number of small entities.

To examine the economic impact of the rule on small entities, the BLM performed a screening
analysis for impacts on a sample of expected affected small entities by analyzing the potential impact
on profit margins. For the 26 companies in the screening analysis, the proposed rule’s estimated
compliance costs would reduce the entities’ profit margin, on average, by about 0.104 percentage
points if the EPA does not finalize Subpart OOOOa, or 0.087 percentage points if the EPA
finalizes Subpart OOOOa.

Based on this information, we conclude that the proposed rule would not have a significant impact
on a substantial number of small entities and an Initial Regulatory Flexibility Analysis is not required.
Nevertheless, recognizing the potential for the rule to impact a large number of small entities, some
significant data limitations and uncertainties that could affect the costs of some elements of the
proposal, and the potential for higher or lower costs depending on operators’ compliance choices
and variable commodity prices, the BLM decided to conduct an Initial Regulatory Flexibility
Analysis (see Section 9).

Employment: We examined the proposed requirements and the estimated compliance costs and
determined that the proposed rule is not expected to impact the investment decisions of firms or
significantly adversely impact employment. The requirements would require the one-time installation
or replacement of equipment, and the ongoing implementation of a leak detection and repair
program, both of which would require labor to comply. The administrative burden required to
comply with the proposed rule (including burdens to the industry and the BLLM) are monetized and
included in the costs estimates provided within this analysis. The Supporting Statement for the
Paperwork Reduction Act discusses the administrative burdens posed by the rule’s requirements in
greater detail.

> OMB Circular A-4 “Regulatory Analysis.” September 17, 2003. Available on the web at
https://www.whitehouse.gov/omb/circulars 2004 a-4/.
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2. Requirements for Analyzing the Impacts of a Proposed Regulatory
Action

Executive Order 12866 requires agencies to assess the benefits and costs of regulatory actions, and
for significant regulatory actions, submit a detailed report of the assessment to the OMB for review.
A rule may be a significant regulatory action according to Executive Order 128066 if it would meet
any of the following four criteria:

e Have an annual effect on the economy of $100 million or more or adversely affect in a
material way the economy, a sector of the economy, productivity, competition, jobs, the
environment, public health or safety, or state, local, or tribal governments or
communities;

e Create a serious inconsistency or otherwise interfere with an action taken or planned by
another agency;

e Materially alter the budgetary impact of entitlements, grants, user fees, or loan programs
or the rights and obligations of recipients thereof; or

e Raise novel legal or policy issues arising out of legal mandates, the President’s priorities,
or the principles set forth in the Executive Order.

The economic analysis is to provide information allowing decision makers to determine that:

e There is adequate information indicating the need for and consequences of the proposed
action;

e The potential benefits to society justify the potential costs, recognizing that not all
benefits and costs can be described in monetary or even in quantitative terms, unless a
statute requires another regulatory approach;

e The proposed action will maximize net benefits to society (including potential economic,
environmental, public health and safety, and other advantages; distributional impacts;
and equity), unless a statute requires another regulatory approach;

e Where a statute requires a specific regulatory approach, the proposed action will be the
most cost-effective implementation of that approach, and will rely on performance
objectives to the extent feasible; and

e Agency decisions are based on the best reasonably obtainable scientific, technical,
economic, and other information.

To provide this information, the economic analyses of economically significant rules will contain
three elements":

e A statement of the need for the proposed action;
e An examination of alternative approaches; and
e An analysis of benefits and costs.

The Regulatory Flexibility Act (RFA) and the Small Business Regulatory Enforcement Fairness Act
(SBREFA) require agencies to analyze the economic impact of regulations to determine whether
there would be a significant economic impact on a substantial number of small entities.

6 OMB Circular A-4.
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Unless the head of the agency certifies that the rule, when promulgated, would not have a significant
economic impact on a substantial number of small entities, the agency must conduct an initial

regulatory flexibility analysis with the proposed rule and a final regulatory flexibility analysis with the
final rule.”

The United States Code also requires special considerations if the Office of Information and
Regulatory Affairs (OIRA) of the OMB determines that the rule is “major.”® A rule is major if it has
resulted in or is likely to result in:

e An annual effect on the economy of $100 million or more;

e A major increase in costs or prices for consumers, individual industries, Federal, State, or
local government agencies, or geographic regions; or

e Significant adverse effects on competition, employment, investment, productivity,
innovation, or on the ability of United States-based enterprises to compete with foreign-
based enterprises in domestic and export markets.

If OIRA determines that a rule is major, then the rule may become effective 60 days after the agency
promulgates it and submits it to Congress. A major rule is subject to congressional review during
this time, and to other procedural requirements.” If OIRA determines that the rule is not major,
then it becomes effective when the agency submits it to Congress.

Executive Order 13272 reinforces executive intent that agencies give serious attention to impacts on
small entities and develop regulatory alternatives to reduce the regulatory burden on small entities.
When the proposed regulation will impose a significant economic impact on a substantial number of
small entities, the agency must evaluate alternatives that would accomplish the objectives of the rule
without unduly burdening small entities.

7 'The requitements are found in 5 U.S.C. 603 and 5 U.S.C. 604, respectively; the exception is found in 5 U.S.C. 605(b).
8 Under 5 U.S.C. 804.
° Desctibed in 5 U.S.C. 801.
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3. Background on Venting and Flaring from Oil and Gas Operations

The venting of natural gas from oil and gas leases has historically occurred during drilling and
production activities (such as during well completions, liquids unloading, emergency events where
the gas cannot be flared, etc.) or from production equipment. Some equipment uses the gas for
production purposes (like pneumatic devices) while other equipment may passively vent gas either
intentionally (like storage tanks) or unintentionally (if there are leaks). While older Federal and state
regulations generally authorize venting from these sources without approval, newer regulations have
focused on requiring operators to combust or capture the gas or limit the venting with more
efficient equipment or leak detection programs. New and emerging technologies have also helped
operators to make voluntary improvements in these areas.

Operators, depending on the circumstance, may also be authorized to flare natural gas from onshore
leases. For example, the BLM’s current policy document N'TL-4A authorizes operators to flare (or
vent in rare circumstances) gas on a short-term basis without approval and without incurring a
royalty obligation. These circumstances are limited to emergencies, well purging, production tests,
evaluation tests, and routine or special well tests. Under NTL-4A, operators may also flare
associated gas royalty free after receiving approval. The BLM may grant approval if the operator: (1)
has an action plan to install gathering equipment within a year, or (2) demonstrates that the
conservation of associated gas is not economically justified and would lead to the premature
abandonment of recoverable oil reserves.

In this section, we describe the primary sources of vented and flared gas from oil and gas production
operations, as identified by the GAO and other studies. In the sections that follow, we estimate the
volumes currently vented and flared and the impacts of the proposed rule.

A. Gas flaring from production operations, including associated gas

Associated gas (or casinghead gas) is the natural gas that is produced from an oil well during normal
production operations and is either sold, re-injected, used for production purposes, vented (rarely)
ot flared, depending on whether the well is connected to a gathering line or other method of
capture.

Production tests (or productivity tests) are “tests in an oil or gas well to determine its flow capacity
at specific conditions of reservoir and flowing pressures. The absolute open flow potential (AOFP)
can be obtained from these tests, and then the inflow performance relationship (IPR) can be
generated.”" The AOFP is “the calculated maximum flow rate that a system may provide in the
absence of restrictions.”! To determine an AOFP, the operator may need to flare gas (and
sometimes vent) for a period of time; however, it is also possible to calculate the AOFP while
capturing the gas in a sales line. For conventional oil and gas wells, well completions and production
tests are separate processes temporally. For unconventional wells, however, operators may conduct
production tests during flowback.

10 “Productivity test” as defined by the Schlumberger Oilfield Glossary.
11 “Open flow potential” as defined by the Schlumberger Oilfield Glossary.
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Emergency flaring or venting may be necessary for safety reasons. NTL-4A allows for short-term
royalty-free flaring during emergencies, and due to the immediacy of the emergency situations, that
royalty-free determination is typically made after the emergency event has been brought under
control.

B. Well completions and workovers

Well completion is the process taken to transform a drilled well into a producing well. Hydraulic
fracturing is a type of well completion. A well workover is “the repair or stimulation of an existing
production well for the purpose of restoring, prolonging or enhancing the production of
hydrocarbons.”'? Refracturing is “an operation to restimulate a well after an initial period of
production”" and is considered to be both a hydraulic fracturing completion and a workover.

Releases may occur during any well completion and workover; however, greater releases are
associated with “flowback” from a hydraulic fracturing completion. Flowback is “the process of
allowing fluids to flow from the well following a treatment, either in preparation for a

subsequent phase of treatment or in preparation for cleanup and returning the well to production.
Figure 1 is a general flowback diagram, although there are variations to those operational processes.

914

During flowback, an operator may divert recovered fluids to an open top containment (“Step 17 of
the diagram) or it may return recovered fluids to a temporary 3-phase flowback separator (“Step 27).
From the separator, the gas is diverted to a sales line or is either vented or flared, the flowback water
is returned to a flowback tank (and then trucked or pumped out), and the hydrocarbon liquid is
returned to a storage tank. CH, and/or CO, emissions may occur from the open top containment,
venting or flaring after the separator, and from the flowback tank or hydrocarbon storage tank
hatches. A third process (more likely if the flowback does not include hydrocarbon liquids) includes
flowback directly to a flowback tank with the emissions vented from the tank.

Figure 1: Flowback Diagram — Source: Allen et al. (2013)
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12 “Workover” as defined by the Schlumberger Oilfield Glossary, http://www.glossary.oilfield.slb.com/en/.aspx.
13 “Refracturing” as defined by the Schlumberger Oilfield Glossary.
14 “Flowback” as defined by the Schlumberger Oilfield Glossary.
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C. Pneumatic controllers

Pneumatic controllers are automated instruments used for maintaining a process condition, such as
liquid level, pressure, pressure difference and temperature. Depending on the design, controllers are
most often powered by pressurized natural gas, but they may also be solar-powered, powered by
electricity from the grid, or powered by instrument air.

Natural gas-driven controllers come in a variety of designs for a variety of uses. Continuous bleed
pneumatic controllers are those with a continuous flow of pneumatic supply natural gas to the
process control device (e.g., level control, temperature control, pressure control). Continuous
controllers are generally classified by their bleed rate — the rate at which they continuously release
gas. Low bleed continuous controllers have a bleed rate of less than or equal to 6 standard cubic feet
per hour (scth), while high bleed continuous controllers have a bleed rate exceeding 6 scth.

Intermittent pneumatic controllers are actuated using pressurized gas but do not bleed continuously
and can serve functionally different purposes than continuous bleed controllers. Therefore,
continuous bleed controllers cannot replace intermittent controllers in most applications.

Other controllers are limited by their functionality and feasibility. Zero bleed controllers can only be
used in applications with very low pressure and therefore may not be suitable to replace continuous
bleed pneumatic controllers in many applications. Non-natural gas-driven pneumatic controllers,
such as instrument air devices, can be used depending on the application. Instrument air systems
require electricity sufficient to power an air compressor. Mechanical controllers can replace
continuous bleed controllers and intermittent controllers in many applications, but require electricity
as their power source.

D. Pneumatic pumps

Pneumatic pumps are devices that use gas pressure for chemical injection or glycol circulation and
are generally used at oil and natural gas production sites where electricity is not readily available. The
supply gas for these pumps is most often natural gas from the production stream, though they may
also use compressed air. The gas leaving the exhaust port of the pump is either directly discharged
into the atmosphere or is recovered and used as a fuel gas or stripping gas.

The majority of pneumatic pumps used in oil and natural gas production are used for chemical
injection or glycol circulation. During chemical injection, piston pumps or diaphragm pumps will
inject small amounts of chemicals to limit processing problems and protect equipment. Typical
chemicals include biocides, demulsifiers, clarifiers, corrosion inhibitors, scale inhibitors, hydrate
inhibitors, paraffin dewaxers, surfactants, oxygen scavengers, and hydrogen sulfide scavengers.

Pumps commonly referred to as “Kimray” pumps are used for glycol circulation and recover energy

from the high-pressure rich glycol/gas mixture leaving the absorber and use that energy to pump the
low-pressure lean glycol back into the absorber.
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E. Liquids unloading

In producing gas wells, fluids may accumulate in the wellbore and impede the flow of gas,
sometimes halting production itself. Whereas gas wells naturally have sufficient pressure to produce
both formation fluids and gas early on, as production continues and reservoir pressure declines, the
gas velocity in the production tubing may not be sufficient to lift the formation fluids. When this
occurs, liquids (hydrocarbons and salinized water) may accumulate in the tubing, causing a further
drop in pressure, slowed gas velocity, and raised pressure at the perforations. When the bottom-hole
pressure becomes static, gas flow stops and all liquids accumulate at the bottom of the tubing.

When liquid accumulation occurs, there are a number of options available to operators to remove
the liquids, including: "

e Installing an artificial lift system or other pumping unit;

e Installing smaller diameter tubing;

e Swabbing the well to remove the fluids;

e Using a surfactant to reduce the density of the fluid column; or

e Shutting-in the well to increase bottom-hole pressure and then venting the well to the
atmosphere (well purging).

We note that venting may occur during all of these interventions. Generally, lift systems reduce the
volume of venting and facilitate the capture and production of gas that would otherwise be vented
during purging. However, certain plunger lifts may not be connected to a gas flow line and may vent
some gas in the process of unloading.

Liquid accumulation may become a recurring problem depending on the intervention that an
operator uses. Lift systems, pumping units, or smaller diameter tubing, are longer lasting solutions,
while swabbing, surfactants, and well purging are only temporary solutions. Meaning, as fluids
continue to accumulate in the wellbore, an operator will need to conduct subsequent purging events.
Generally, liquids accumulation may start to occur in gas wells once they begin to decline. At this
point, the installation of a plunger lift or other artificial lift system has the greatest benefit, as they
are often associated with increased well productivity (in addition to the capture of otherwise vented

@as).
F. Oil and condensate storage tanks

Crude oil and condensate tanks or vessels are used on-site to store produced hydrocarbons and
other fluids. In most cases, an operator will direct recovered fluids from the well to a separator, with
the hydrocarbons then directed to the storage tanks.

During storage, light hydrocarbons dissolved in the crude oil or condensate vaporize and collect in
the space between the tank liquids and the tank roof. These vapors are often vented to the

15 An EPA document, Lessons learned from natural gas STAR partners: Options for removing accumulated fluid and improving flow in
gas wells, describes the problem of liquid accumulation and options for removing the fluids.
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atmosphere when the liquid level in the tank subsequently fluctuates. Losses of gas vapors generally
occur when oil is dumped into the tank, the fluids within the tank are circulated or agitated, or when
the temperature changes. Lighter crude oil, with API gravity greater than 36°, typically vaporize
more easily.

Rather than release these vapors to the atmosphere, an operator may install a combustion device to
combust the vapors or it may install a vapor recovery unit (VRU) to capture gas vapors for sale.
VRUs are more expensive than combustors and can be used to capture the gas or to direct it to a
flare. Capturing the gas requires that a well be connected to a gas gathering line. VRUs have been
shown to reduce VOC emissions from storage vessels by approximately 95 percent. Recovered
vapors have a British Thermal Unit (Btu) content that is higher than pipeline quality natural gas.
The vapors may range between 950 to 1,100 Btu per standard cubic foot, and can reach as high as
2,000 Btu/scf.

G. Leaks

Production sites with the potential for natural gas leaks include natural gas well pads, oil wells that
co-produce natural gas, gathering and boosting stations, gas processing plants, and transmission and
storage infrastructure. Drilling down further, potential sources of leaks include “agitator seals,
compressor seals, connectors, pump diaphragms, flanges, hatches, instruments, meters, open-ended
lines, pressure relief devices, pump seals, valves, and improperly controlled liquids storage” (EPA
2014, p. 3).

Leaked gases, or evaporated liquids, are lost to the atmosphere. The leaked natural gas is lost
production, and results in the release of methane, VOCs, and other air pollutants into the air.

17



4. Estimated Venting and Flaring on Federal and Indian Leases

4.1 GAO Estimates for 2008

In its 2010 report,'® the GAO estimated that 126 Bcf of natural gas was vented and flared from
onshore Federal leases in 2008. The sources of the lost gas accounting for that volume included:
flaring from a variety of sources (28 Bcf); pneumatic devices (16 Bcf); gas well liquids unloading (17
Bcf); well completions (30 Bcf); oil and condensate storage tanks (18 Bcf); glycol dehydrators (7
Bcf); and other (10 Bcf)."”

The GAO further concluded that about 50 Bcef of that gas could be economically captured using
currently available technology, including low bleed pneumatic devices, smart automated plunger lifts,
reduced emissions completions, and vapor recovery devices.'® The volume that it estimated to be
economically recoverable represented about 40% of the total volume lost, $23 million in annual
Federal royalties, and 16.5 million metric tons of CO, equivalent emissions."’

Table 5: GAO Estimated Venting and Flaring from Federal Leases in 2008, Reduction
Technologies, and Potential Reductions

Vented/ ' Percent of
Flared Potential Total
Sources Vol Reduction Technology Reduction Volume
olume
(Bef) (Bcf) Vented/
Flared
Flared (variety of sources) 28
Pneumatic devices 16 Use low bleed devices 9.7 7.7%
Gas well liquids unloading 17 Expanded use of smart 7.2 5.7%
automated plungers
Well completions 30 Expanded use of reduced 14.7 11.7%
emissions completions
Oil and condensate tanks 18 Install vapor recovery units 12.9 10.2%
Glycol dehydrators 7 Install vapor recovery devices 5.7 4.5%
Other 10
Total 126 50.2 39.8%

Source: GAO 2010, pp. 12 and 20.

16 Government Accountability Office (2010). Federal oil and gas leases: Opportunities exist to captutre vented and flared
natural gas, which would increase royalty payments and reduce greenhouse gases (GAO-11-34). October 2010. Available
on the web at http://www.gao.gov/new.items/d1134.pdf.

17 Ibid., p. 12.

18 Tbid., p. 20.

19 Tbid., highlights.
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4.2 BLM Estimates for 2013

The BLM reviewed data from the 2015 GHG Inventory, the Technical Support Document for the
NSPS Subpart OOOOa proposed rule, and ONRR natural gas disposition data. After this review,
we conclude that about 98 Bcef of natural gas was vented and flared from producing operations on
Federal and Indian leases in 2013. Of that total, we estimate that 22 Bcf was vented and 76 Bef was
flared.

The ONRR flaring data further indicate that the gas flared from operations producing from Federal
and Indian leases contains a mix of gas produced from various mineral estates, including Federal and
Indian mineral estates and non-Federal and non-Indian mineral estates (i.e., state-owned and
privately-owned minerals). We estimate that, of the 76 Bcf of gas flared in 2013, about 44 Bcf of that
total (or 57%) came from either the Federal or Indian mineral estates. The remaining 32 Bcf came
from non-Federal and non-Indian mineral estates.

The sources of estimated whole natural gas losses from venting (and leaks) ranked by the percent of
total volume from greatest to least, are pneumatic controllers (24.6%), fugitives (19.9%), liquids
unloading (14.9%), storage tanks (12.7%), pneumatic pumps (11.3%), well completions and
workovers (9.5%), gas engines (5.1%), and compressors (1.9%).

Table 6: Estimated Vented Natural Gas from Oil and Gas Operations on Federal and
Indian Lands, in 2013

Net Natural
Net Natural Gas Releases Net
Gas Releases from Natural
from Natural Petroleum Gas
Gas Production Production Releases Percent of
Source Segment (Bcf) | Segment (Bcf) | Total (Bcf) Total
Well Completions and Workovers 0.69 1.39 2.08 9.5%
Pneumatic Controllets 4.29 1.08 5.37 24.6%
Pneumatic Pumps 2.29 0.16 2.46 11.3%
Gas Engines 0.87 0.25 1.11 5.1%
Compressors 0.41 0.01 0.42 1.9%
Liquids Unloading 3.26 0.00 3.26 14.9%
Storage Tanks 1.82 0.95 2.77 12.7%
Fugitives 3.94 0.41 4.35 19.9%
Total 17.57 4.24 21.82 100.0%

With respect to the amount of natural gas flared from the Federal and Indian mineral estates, data
reported to the ONRR indicate that gas flaring increased by 134% from 2009 to 2013. The total

volumes of Federal and Indian gas reported to have been flared were 19 Bcef in 2009, 16 Bcef in 2010,

23 Befin 2011, 32 Bef in 2012, and 44 Bcf in 2013. We note that the GAO identified consistency
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issues with the data reported to ONRR, so the reported volume of flared gas is likely to
underrepresent the actual volume flared.

In calculating the estimates for vented gas, for most of the sources, we adjusted the EPA’s national
emissions estimates in the 2015 GHG Inventory downward based on the share of U.S. natural gas
production in 2013 that came from Federal and Indian lands (about 12.7%) and the share of U.S.
crude production in 2013 that came from Federal and Indian lands (about 7.43%).” This top-down
approach is appropriate when we expect the national emissions level to be generally representative
of what we would expect on Federal and Indian lands.

For two sources, however, we deviated from that methodology. For well completions in the
petroleum production sector using hydraulic fracturing, we estimated releases using a bottom-up
approach. In the 2015 GHG Inventory, the EPA uses the same emission factor for oil well
completions that use hydraulic fracturing and those that do not. Meanwhile, other research and the
EPA’s Technical Support Document for the NSPS Subpart OOOOa have indicated that the
emissions from hydraulically fractured oil wells are orders of magnitude higher than the emission
factor in the 2015 GHG Inventory. Next, for liquids unloading, we estimated releases using a
bottom-up approach, basing our estimates on the regional activity data and emission factors in the
2015 GHG Inventory. For this source of losses, in particular, the 2015 GHG Inventory data suggest
a high degree of variability across regions, and also within regions relevant to natural gas production
on Federal and Indian lands.

The Appendix to this report contains a full discussion about releases from these sources and the
following tables related to the discussion:
e U.S. Methane Emissions from U.S. Oil and Gas Production Segments in 2013, Estimates
from the 2015 GHG Inventory;
e U.S. Dry Natural Gas and Crude Oil Production and Natural Gas and Crude Oil Production
on Federal and Indian Lands, in 2013, by State Jurisdiction and NEMS Region;
e Methane Emission Factors and Calculated Natural Gas (Whole Gas) Emission Factors for
the Natural Gas Production Stage, by Region; and
e Methane and Natural Gas (Whole Gas) Emission Factors for the Petroleum Production
Stage.

The BLM’s estimates differ markedly from GAO’s estimates for 2008 (shown in Section 4.1). There
are several possible explanations for these discrepancies.

First, since 2010, the regulatory landscape has changed, with action on the federal and state levels.
In 2012, the EPA finalized its Oil and Natural Gas Sector: New Source Performance Standards
(NSPS), which established standards for EPA’s regulation of volatile organic compound (VOC)
emissions from “new” or “modified” sources in the oil and natural gas sectors.” The NSPS applies

20 Data from the EPA indicate that about 167 Bef of natural gas was vented from U.S. onshore oil and gas production
operations in 2013. Of that amount, about 129 Bcf was vented from the natural gas production segment and 38 Bef was
vented from the petroleum production segment. The breakdown of these releases, by source, is shown in the Appendix.
21 The EPA also finalized its National Emission Standards for Hazardous Air Pollutants (NESHAP) Review

which regulates hazardous air pollutants. While the NESHAP places certain control requirements on
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to operations nationwide, including those on Federal and Indian lands, and has a co-benefit of
reducing the loss of gas from certain sources.

Further, several states have published regulations and policies that have impacted Federal leases in
those jurisdictions. Most notably, in 2014, the Colorado Department of Public Health and the
Environment, Air Quality Control Division (AQCC), finalized a rule that extends many of the NSPS
requirements to existing sources. Also in 2014, the North Dakota Industrial Commission (NDIC)
approved policies aimed at reducing the flaring of natural gas from oil wells. These efforts apply to
Federal lands (with likely carryover to Indian lands) in the respective jurisdictions and have a co-
benefit of reducing the loss of gas and increasing production.

Second, the amount of flared oil-well gas has increased dramatically since 2008. Increased oil
production from tight oil and other unconventional formations without commensurate increases to
the gas transportation and processing infrastructure has led to the flaring of large volumes of
associated gas.

Third, the GAO based most of its estimates for vented gas on emission factors from the EPA.
However, we note that since 2010, the EPA revised its emission factors for gas well liquids
unloading and well completions. In addition to the EPA’s work, additional research has focused on
the loss of gas from oil and gas wells and production sites.

Lastly, regarding volumes of flared gas reported to ONRR, the GAO report identified a deficiency
that not all flared volumes were reported by operators. The data show that since 2008, the reported
volumes of flared gas have increased quite dramatically. While these increases likely reflect the
increased oil production over that period, they also reflect the increased reporting of flared volumes.
Interviews with BLM field personnel indicate that some field offices are requiring, as a condition of
approval to flare, that the operator report the flared volumes to ONRR.

We note that while gas losses from oil and gas operations may have changed on an absolute or
relative basis between 2008 and 2014, the GAQO’s conclusions about the need to expand the use of
technologies to realize potential gas savings remain relevant.

pneumatic pumps, the NSPS is the preeminent Federal regulatory effort addressing vented gas from the oil
and natural gas production sectots.
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5. Current Regulatory Framework

The development and production of oil and gas are regulated under a framework of federal and
state laws and regulations. Several federal agencies implement federal laws and requirements, while
each state in which oil and gas is produced has one or more regulatory agencies that administer state
laws and regulations.

State laws apply on federal lands except when they are preempted by federal law. Accordingly, the
drilling, completion, and production operations of oil and gas wells on federal lands are subject both
to federal and to state regulation. If the requirements of a state regulation are more stringent than
those of a federal regulation, for example, the operator will comply with both the state and the
federal regulation by meeting the more stringent state requirement.

Tribal and federal laws apply to oil and gas drilling, completion, and production operations on tribal
lands. Operators on tribal lands will comply with both tribal and federal regulations by assuring that
they are in compliance with the stricter of those rules.

Regardless of any difference in operational regulations, operators on federal lands must comply with
all federal, state, and local permitting and reporting requirements. On Indian lands, they must
comply with all federal and tribal permitting and reporting requirements.

Since 2010, the regulatory landscape has changed, with action on the federal and state levels. In
2012, the Environmental Protection Agency (EPA) finalized its Oil and Natural Gas Sector: New
Source Performance Standards (NSPS) Subpart OOOO, which established standards for EPA’s
regulation of volatile organic compound (VOC) emissions from “new” and “modified” sources in
the oil and natural gas sectors.” It does not address sources in existence prior to the date the NSPS
was proposed, unless those sources are modified or replaced at some future time. NSPS Subpart
OOOO addresses emissions from hydraulically fractured gas well completion operations, storage
vessels emitting more than 6 tons per year of uncontrolled VOC, continuous bleed pneumatic
controllers, and other sources. It applies to operations nationwide, including those on Federal and
Indian lands, and it has a co-benefit of reducing the loss of gas from certain sources.

In addition to the NSPS Subpart OOOO, the EPA has issued a proposed rule titled Subpart
O0OO0O0a that would address emissions from hydraulically fractured oil well completions, pneumatic
pumps, leaks, and other sources. Like the NSPS Subpart OOOO, this proposed regulation would
address new and modified sources in the oil and natural gas sectors, but not existing sources. It also
would apply to operations nationwide, including those on Federal and Indian lands, and would have
a co-benefit of reducing the loss of gas from certain sources.

22 The EPA also finalized its National Emission Standards for Hazardous Air Pollutants (NESHAP) Review,
which regulates hazardous air pollutants. While the NESHAP places certain control requirements on
pneumatic pumps, the NSPS is the primary Federal regulatory effort addressing vented gas from the oil and
natural gas production sectors.
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Further, several states have published regulations and policies that have impacted Federal leases in
those jurisdictions. In 2014, the Colorado Department of Public Health and the Environment, Air
Quality Control Division (AQCC), finalized a rule that extends many of the NSPS requirements to
existing sources in the state. Also in 2014, the North Dakota Industrial Commission (NDIC)
adopted requirements aimed at reducing the flaring of natural gas from oil wells. These efforts apply
to Federal lands (with likely carryover to Indian lands) in the respective jurisdictions and have a co-
benefit of reducing the loss of gas and increasing production.

Below is a summary of selected state regulations and policies that have the effect of limiting the
waste of gas from production operations in the states where the production of oil and gas from
Federal and Indian leases is most prevalent.

Alaska: Historically, the State of Alaska had high rates of flaring, but the State adopted regulations in
the 1970s to address the problem.?3 Since then, the State of Alaska has prohibited venting or flaring
of gas except in narrowly defined circumstances: Testing a well before regular production; fuel that
maintains a continuous flare; de minimis venting of gas incidental to normal oil field operations; and
flaring or venting gas for no more than 1 hour during an emergency or operational upset. The
practical effect is to drive widespread reinjection of associated gas into the field for conservation and
oil recovery purposes. Alaska estimates that roughly 0.4 percent of gas production is flared, which is
far lower than in most other States.

Colorado: The state has reduced venting through air quality regulations of emissions of
hydrocarbons and VOCs from the oil and natural gas industry.** The Colorado Department of
Public Health and Environment, Air Quality Control Commission has instituted regulations similar
in many ways to the EPA’s existing new source performance standards (NSPS) for new and
modified hydraulically fractured gas wells and gas processing facilities. The Colorado regulation
incorporates some aspects of EPA’s NSPS Subpart OOOO by reference, and expands upon the
EPA standards in other areas. For example, the Colorado rule requires operators to control
emissions from well operations (completions and recompletions) for all hydraulically fractured oil
and gas wells. It extends the requirements for pneumatic controllers and storage tanks to cover
existing, rather than just new, devices and facilities. It also requires a operators to implement a
comprehensive instrument-based LDAR program, sets standards for liquids unloading similar to
that which the BLM is proposing, and includes other measures.

Montana: The state has had some limits on venting and flaring in place for some years.”> Produced
gas vented to the atmosphere at a rate exceeding 20 Mcf per day that continues for more than 72
hours must be burned. After completion of a gas well, no gas may be permitted to escape, except gas
required for periodic testing or cleaning of the well bore. If, after well completion, the operator
intends to flare gas production in excess of 100 Mcf per day, the operator must obtain a variance
from the oil and gas board. The operator must submit a production test and a statement justifying

23 Alaska Regs is Alaska Administrative Code Title 20 - Chapter 25 235. Gas Disposition.

24 Colorado Air Quality Control Commission Regulations, Regulation 7, Control of Ozone via Ozone Precursors and
Control of Hydrocarbons via Oil and Gas Emissions (Emissions of Volatile Organic Compounds and Nitrogen Oxides).
25 Administrative Rules of Montana, Title 17-Chapter 8-Subchapter 16 Emission Control Requirements for Oil and Gas
Well Facilities Operating Prior to Issuance of a Montana Air Quality Permit.
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the need for a variance, including information such as potential human exposure; relative isolation of
location; measures to restrict public access to location; low gas volume; and low BTU content. The
board may elect to restrict production until the gas is marketed or otherwise beneficially used.

North Dakota: In March 2013, the Industrial Commission of North Dakota adopted a policy to
reduce flaring, and it followed this with an enforceable order adopted in July 2014.”° The policy and
order require well operators to meet flaring reduction targets according to a prescribed time line.
The gas capture targets for each operator start with a target of capturing at least 74 percent of
production by October 2014 and then rise over time, culminating with a target of capturing at least
90 percent of production by October 2020.”” The operator may show compliance with the target by
well, field, county, or statewide. The policy provides for oil production to be restricted from wells
where the operator does not meet the flaring reduction targets. Production is restricted to no more
than 200 barrels of oil per day for those wells capturing more than 60 percent of the gas production,
but less than the applicable target percentage. Production is restricted to no more than 100 barrels
of oil per day from those wells capturing less than 60 percent of produced gas.

Utah: Approved a “General Approval Order for a Crude Oil and Natural Gas Well Site and/or
Tank Battery” on June 5, 2014.”® This GAO requires LDAR for equipment (e.g. — valves, pumps,
etc) at varying frequencies. The monitoring can be performed using Method 21 (leak definition of
500 ppm), a tunable diode laser absorption spectroscopy (leak definition of 500 ppm) or an IR
camera (OGI — visible emissions indicate leak). Utah requires annual monitoring for the initial year.
After the initial monitoring year, the frequencies begin to vary based on performance and vary from
quarterly inspections to annual inspections. It also requires the use of low-bleed pneumatic
controllers and the control or combustion of emissions from pneumatic pumps and storage tanks.

Wyoming: The Wyoming Department of Environmental Quality adopted regulations on May 19,
2015, to reduce emissions of VOCs in the Upper Green River Basin nonattainment area, which does
not meet the air quality standards for ozone pollution.29 The regulations require operators to
control emissions from new and existing storage tanks with uncontrolled emissions of 4 or more
tons per year, by 2017, and to control emissions from existing pneumatic pumps (as of January 1,
2014) by 2017. The regulations also require existing pneumatic controllers (as of January 1, 2014) to
be low-bleed or zero-bleed by 2017, and they require operators to implement an instrument-based
LDAR program with quarterly inspections, by 2017. Further, the regulations establish requirements
on additional emissions sources.

26 hitps://www.dmr.nd.gov oilgas/0124665.pdf

27 Specifically, the targets for gas capture are: 74 percent of the gas by October 1, 2014; 77 percent by January 1, 2015;
85 percent by January 1, 2016; and 90 percent by October 1, 2020, with potential for 95 percent capture.

28 http://www.deq.utah.gov/Permits/GAOs/docs/2014/6]une/DAQE-AN149250001-14.pdf

2 The BLM received an advanced copy of the final rule but do not have a citation with which the public can access the
regulation.
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6. Proposed Regulatory Action and Alternatives Considered

The section explains the proposed regulatory action and alternative policy approaches considered.
See Table 7a for a summary of the proposed action and alternatives considered and Table 7b for a
side-by-side comparison of the rule’s requirements and the EPA’s final and proposed NSPS
regulations.

Royalty Rate: The BLM is proposing language that would conform the regulations governing royalty
rates for new competitive oil and gas leases on Federal lands to the corresponding statutory
provisions. The language does not specify a royalty rate increase, but would provide the BLM greater
discretion to change the rate in the future, following procedures specified in the preamble of the
proposed rule. The royalty rate on existing Federal leases would remain unchanged. The royalty rate
for Federal leases obtained non-competitively after the effective date of the final rule would also
remain unchanged from its current level of 12.5%, as this level is specified by statute. Tribal leases
would be unaffected by these revisions or any potential future changes to the royalty rate on federal
leases.

Flaring of oil-well gas: To reduce the amount of oil-well gas flaring, the BLM is proposing
regulations that would require the operator to:
e For planned oil wells, submit information about the anticipated gas production and planned
gas disposition with the Application for Permit to Drill (APD);
e Limit flaring from development oil wells to the following amounts:

0 7,200 Mcf/well/month on average across the lease for the first year of the rule’s
implementation;

0 3,600 Mcf/well/month on average across the lease for the second year of the rule’s
implementation; and

0 1,800 Mcf/well/month on average across the lease thereafter.

O The BLM may approve an alternative flaring limit above those specified if the
operator demonstrates that the specified limits would impose such costs as to cause
the operator to cease production and abandon significant recoverable oil reserves
under the lease.

O The BLLM would also provide a renewable, two-year exemption from the flaring
limits to operators of existing wells that are located at least 50 miles from the nearest
gas processing facility, and are flaring at least 50% above the specified limit.

e Meter flared gas if flaring exceeds 50 Mcf/day;

e Pay royalty on flared gas from a development well when the well is connected to gas capture
infrastructure, but the operator nevertheless flares all or a portion of the gas due to, for
example, insufficient line capacity, plant capacity, or maintenance of production facilities.

The respective flaring limits of 7,200 Mcf/month, 3,600 Mcf/month, and 1,800 Mcf/month equate

to roughly 240 Mcf/day, 120 Mcf/day, and 60 Mcf/day, respectively. Several states have regulations
specifying flaring limits. Wyoming and Utah limit flaring to 60 Mcf/well/day and 1,800
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Mcf/well/month, respectively, unless the operator obtains State approval of a higher limit.” North
Dakota has a more comprehensive policy to limit flaring within the state. It has established
escalating gas capture targets, which the operator may meet on a well, field, or state-wide basis for
the wells under its control. If the operator does not meet the targets, then the state imposes
production limits on the operator’s crude oil production.

Like the North Dakota approach, the BLM’s proposed approach has several advantages. It
establishes a standard designed to impact the largest gas-flaring operations. The flaring limit affords
the operator flexibility to choose how to meet the limits. For example, the operator could install
capture infrastructure, use on-site capture and transportation technologies, use the gas for other
production purposes, re-inject the gas, or curtail production sufficiently to meet the limits. The limit
would reduce gas flaring and conserve a portion of the gas until the operator makes arrangements to
capture the gas and bring it to market.

In developing the proposed rule, the BLM considered whether it should assess royalty on all flared
associated gas. It did not carry forward this option after determining that an across-the-board
application of royalties was not consistent with past practice and precedent. Also, the BLM
considered whether to identify zones that would potentially support capture based on information
provided by the operator. Under this approach, the BLM envisioned ordering the capture of 100%
of the associated gas in specified capture zones if the internal rate of return (IRR) for gas projects
within the zone exceeded 7%. The BLM envisioned that it would determine a timeframe for
capturing gas from the area on a case-by-case basis (not to exceed 3 years). The BLM did not move
forward with this alternative, due to concerns about the complexity of identifying gas capture zones
and making capture determinations. Further, analysis suggested that adding this requirement in
addition to the flaring limit would add significantly to the costs of the rule without significantly
reducing gas waste.

Flaring of gas during well testing: To reduce the amount of gas flared during well testing, the BLM is
proposing to reduce the allowed amount of gas flared royalty-free from 50 MMcf to 20 MMcf.
Generally, we believe that the operator is properly incentivized and will minimize the amount of gas
flared during well testing. We reduced the limit to 20 MMcf to reflect the general upper bound of
flaring that we are witnessing on operations on Federal and Indian Lands. We did not consider
alternatives to limit the flaring further.

Gas loss during well drilling, completion, and workover: To reduce the amount of gas lost during
well drilling, the BLM is proposing requirements that the gas from drilling operations be either:

captured and routed to a sales line, combusted, re-injected, or used for production purposes on site.
It is common industry practice to control gas during drilling operations and route the gas either to a
flare or, in some cases, to a sales line. Controlling gas produced during drilling is important for
safety.

30 Wyoming Operational Rules, Drilling Rules Section Ch. 3, Section 39(b), available

at http://soswy.state.wy.us/Rules/RULES /9584.pdf; Utah R649-3-20, Gas Flaring or Venting Section 1.1, available at
(http://www.rules.utah.gov/publicat/code /1649 /r649-003.htm#T20. We note that the state limits trigger a review by a
state review board, which then determines whether the operator should capture the gas.
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To reduce the amount of gas lost during well completions, the BLM is proposing requirements that
the gas from well completions be either: captured and routed to a sales line, combusted, re-injected,
or used for production purposes on site. The EPA already imposed such requirements for
hydraulically fractured gas wells with NSPS Subpart OOOO and has proposed such requirements
for hydraulically fractured oil wells with NSPS Subpart OOOOa. Those requirements apply to
operations on Federal and Indian lands. As a result, the BLM’s rule would practically impact the
remainder of well completion operations, including those on hydraulically fractured oil wells (if the
EPA does not finalize Subpart OOOOa), and conventional oil and gas wells. The impacts analysis
(in the next section) differentiates the impacts by well type (e.g., conventional oil wells, conventional
gas wells, and hydraulically fractured oil wells), depending on whether the EPA finalizes Subpart
O00Oa.

To reduce the amount of gas lost during well during well completion and post-completion, drilling
fluid recovery, or fracturing or refracturing fluid recovery operations, the BLM is proposing
requirements that the gas be either: captured and routed to a sales line, combusted, re-injected, or
used for production purposes on site. Workovers involving hydraulic fracturing on gas wells are
already covered under the EPA’s NSPS Subpart OOOO. The EPA also has proposed to cover
workovers involving hydraulic fracturing on oil wells with its NSPS Subpart OOOOa.

Gas loss from pneumatic controllers: To reduce the amount of gas lost from pneumatic controllers,

the BLM is proposing requirements that operators replace all high-bleed continuous controllers with
low-bleed continuous controllers. Exceptions to the requirement are available to the operator under

certain conditions.

Gas loss from pneumatic pumps (chemical injection pumps): To reduce the amount of gas lost from
pneumatic pumps, the BLM is proposing requirements that operators replace chemical injection
pumps and diaphragm pumps that use gas with zero-emission pumps or route the gas releases from
the pumps to a flare. A pump is exempted from this requirement if: use of a pneumatic pump is
required based on functional needs, including situations in which solar power would be insufficient,
and there is no existing flare device on site; or the operator demonstrates, and the BLM concurs, the
installation of controls would impose such costs as to cause the operator to cease production and
abandon significant recoverable oil reserves.

Gas loss during liquids unloading: To reduce the amount of gas lost during liquids unloading, the
BLM is proposing various operational requirements, including that the operator be on site and
monitor the liquids unloading event, if the well is not equipped with an automated system. The BLM
is also proposing to prohibit well purging from any well drilled after the rule’s effective date. In
developing the proposal, the BLM considered whether it would be appropriate to require the
installation of plunger lifts on existing wells, but determined that such a requirement would not be
technically feasible in all cases. As such, we did not carry that alternative forward.

Gas loss from oil and condensate storage tanks: To reduce the amount of gas vapors vented or lost
from storage tanks, the BLM is proposing to require that the operator either capture and route the
vapors to a sales line or combust the vapors, if the VOC emissions from the tank or tank battery
exceed 6 tpy. The EPA already imposed such requirements on new or modified storage tanks that
exceed 6 tpy of VOC emissions. In developing the proposal, the BLM considered a range of
thresholds.
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Gas loss from leaks: To reduce the amount of gas lost from leaks, the BLM is proposing a
requirement that the operator conduct periodic inspections of its well site. The operator would be
required to assess the well site for leaks semi-annually, with the inspection frequency either
lengthening or shortening depending on the number of leaks found during two consecutive
inspections.

In developing the proposal, the BLM considered using different inspection frequencies based on the
level of production from the site, e.g., sites with less gas production might require less frequent
inspections (e.g., annual) while sites with greater gas production might require more frequent
inspections (e.g., quarterly).

The BLLM also considered alternatives related to which leaks would require repair. The BLM
considered whether to require the operator to repair only those leaks where the sales of the
recovered gas would pay for the cost of the repair. The BLM also considered requiring the operator
to repair leaks above a certain volume. Ultimately, the BLM put forward the proposal that the
operator repair all detectable leaks, since the available data indicate that the vast majority of leaks can
be repaired with a payback period of less than one year. We discuss the available data in detail in the
examination of the alternatives.
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Table 7a: Proposed Requirements and Alternative Considered

Source

Distinction Within
Source

Proposed Requirements

Alternatives Considered to the
Proposed Requirements or
Maintaining the Status Quo

Flared (variety
of sources)

Oil-well gas (associated
gas)

The operator is required to submit information with its APD for a
development oil well about anticipated gas volumes and planned
disposition of any associated gas.

The operator is not permitted to flare gas from a development oil
well in excess of 7,200 Mcf/month/well (on average across a lease)
for the first year of the rule’s implementation, 3,600
Mcf/month/well for the second year of the rule’s implementation,
and 1,800 Mcf/month/well thereafter.

The operator is required to meter flared associated gas if greater
than 50 Mcf/day, monthly average.

Royalty is specified on gas vented and flared during production
operations when the well is connected to gas capture infrastructure
(including during times of temporary line capacity issues,
processing plant maintenance, etc). Royalty is not specified for well
completion gas, well testing gas, gas used for production purposes,
gas released during emergencies, gas released during liquids

unloading, gas vapors emitted from storage tanks, or gas lost from
leaks.

Specifying royalty on all lost gas;
Alternative flaring limits;
Identifying gas capture zones
and ordering the capture of gas
under certain conditions.

Well testing Reduce maximum royalty-free volume limit to 20 MMcf. None

None (practically affects

all conventional
Well drilling, completions and affects Placing the proposed
completions, hydraulically fractured Require gas to be captured and routed to a sales line, combusted, requirements on a subset of the
and well oil well completions re-injected, or used for production purposes on site. well completions rather than on
maintenance only if the EPA does all well completions.

not finalize Subpart
0000a)
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Table 7a: Proposed Requirements and Alternative Considered

Source

Distinction Within

Proposed Requirements

Alternatives Considered to the
Proposed Requirements or

Source Maintaining the Status Quo
. Continuous, high bleed . . .

Pneumatic . Replace high-bleed continuous controllers with low-bleed

(practically affects . . None
controllers . controllers, with some exceptions.

existing controllers)

Chemical injection

pumps (practically

. affects existing pumps, Replace pumps that use gas with solar powered units, with some
Pneumatic . .
s and affects new pumps exceptions. Operators are required to reduce releases from None

pump only if the EPA does chemical injection pumps whete feasible.

not finalize Subpart

0O0002)
Gas well Various operational and reporting requirements when conducting . . .
. . ) : : Placing plunger lift requirements
liquids None liquids unloading without an automated system; No well purging on existing wells
unloading for wells drilled after the effective date. g

Requiring combustion (at a

Oil and None (practically affects . . . . . minimum) at different VOC
condensate B T Require combustion (at a minimum) if VOC emissions exceed 6 Fustesliallds 1t VAU

storage tanks

tanks)

tpy, with some exceptions.

requirements on higher volume
tanks.

Leaks

None (practically affects
existing wellsite facilities,
and affects new wellsite
facilities only if the EPA
does not finalize Subpart
0O000a)

Requires the operator to implement an LDAR program, initially
requiring semi-annual inspections (with the inspection frequency
adjustable depending on the number of leaks identified during
successive inspections). The operator must use an infrared camera,
portable analyzer (only if operator has less than 500 wells), or
other method approved by the BLM. The operator must repair all
leaks that it identifies. The BLM may approve an operator’s LDAR
or monitoring programs.

Alternative inspection
frequencies and mechanisms for
adjusting the frequencies,
including different frequencies
for marginal wells.
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Table 7b: Proposed Requirements and Interaction with EPA’s Enacted and Proposed Regulations

Source EPA Subpart 0OOOO EPA Subpart OO0OOa Practical Impact of BLM’s
(Enacted) (Proposed) Proposed Regulation

Flaring during normal

production operations None None Would regulate operations.

Well completions and
workovers

Regulates hydraulically

fractured gas well completions

Would regulate hydraulically
fractured oil well completions

Would regulate completions
except for hydraulically fractured
gas wells and hydraulically
fractured oil wells if Subpart
O00OO0a is finalized.

Pneumatic controllers

Regulates new pneumatic
controllers

None

Would regulate pneumatic
controllers installed before

Subpart OOOQO’s
implementation.
Pneumatic Pumps None Would regulate new pneumatic | Would regulate pneumatic pumps
pumps except for new pumps if Subpart
O0O0OO0Oa is finalized.
Gas well liquids unloading None None Would regulate operations.
Oil and condensate storage Regulates new or modified None Would regulate tanks existing

tanks

tanks

before Subpart OOOQO’s
implementation.

Leaks

None

Would regulate new and
modified wellsites

Would regulate wellsites except
for new or modified wellsites if
Subpart OOOOa is finalized.
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7. Examination of the Proposed Requirements and Alternatives

This section estimates the impacts of the proposed requirements and the alternative approaches,
where appropriate. For each requirement, we estimate the number of affected facilities and the
incremental costs, production, and emissions reduction. The rule would also pose administrative
burdens to industry and the BLM. Those costs are presented in the summary of results, in Section 9
of this analysis, and in more detail in the Supporting Statement for the Paperwork Reduction Act.

7.1 Estimating Costs, Benefits, and Net Benefits

The costs, benefits, and net benefits are estimated for each of the proposed requirements. The costs
include direct compliance costs and the social cost of additional carbon dioxide generated from the
combustion of gas produced (in lieu of venting that gas). The benefits include the direct cost savings
from recovered gas and the social benefit of methane reductions (from reduced venting). Net
benefits are calculated as the benefits minus the costs.

7.2 Climate Effects and Evaluation

As part of the analysis of costs and benefits, we considered the social costs and benefits of the
estimated climate impacts. We estimated the quanity of methane reductions and monetized the
social benefits of those reductions using estimates for the social cost of methane.” We also
estimated the quantity of carbon dioxide additions and monetized the social costs of those additions
using estimates for the social cost of carbon.

We estimated the quantity of methane reductions using emissions factors and reductions data made
available by the EPA. We estimated the social cost of methane using the values presented by Marten
et al. (2014) and used by the EPA in its analysis of its Subpart OOOOa proposed regulation (see
explanation that follows) and its proposed rule New Source Standards of Performance for Municipal
Solid Waste Landfills.>? We estimated the quantity of carbon dioxide additions by estimating the
expected gas capture or gas flaring in lieu of gas venting and assuming a factor of 34 tons of carbon
dioxide per Bcf of gas captured/flared.” We estimated the social cost of carbon dioxide per the
values provided by the Interagency Working Group on Social Cost of Carbon.™

31 Further, we expect that the reduction in the on-site flaring of associated gas will have small incremental environmental
benefits in that large volumes of natural gas are expected to be combusted with greater efficiency in plants rather than in
on-site flares. We did not measure this incremental benefit.
32 Documents related to that rulemaking are available on the EPA website at
http://www3.epa.gov/airtoxics/landfill /landflpg.html
33 Emission factor derived from API 2009, p. 4-42.
3+ The publication, Technical Support Document: Technical Update of the Social Cost of Carbon for Regulatory Impact
Analysls under Executlve Order 12866 (May 2013, Revised July 2015)

: b/i
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The remaining discussion in this section is pulled directly from the EPA’s Regulatory Impact
Analysis of the Proposed Emission Standards for New and Modified Sources in the Oil and Natural
Gas Sector. It reads as follows:

Methane is the principal component of natural gas. Methane is also a potent
greenhouse gas (GHG) that once emitted into the atmosphere absorbs terrestrial infrared
radiation that contributes to increased global warming and continuing climate change.
Methane reacts in the atmosphere to form ozone and ozone also impacts global
temperatures. Methane, in addition to other GHG emissions, contributes to warming of the
atmosphere, which over time leads to increased air and ocean temperatures, changes in
precipitation patterns, melting and thawing of global glaciers and ice, increasingly severe
weather events, such as hurricanes of greater intensity, and sea level rise, among other
impacts.

According to the Intergovernmental Panel on Climate Change (IPCC) Fifth
Assessment Report (AR5, 2013), changes in methane concentrations since 1750 contributed
0.48 W/m’ of forcing, which is about 17 percent of all global forcing due to increases in
anthropogenic GHG concentrations, and which makes methane the second leading long-
lived climate forcer after CO,. However, after accounting for changes in other greenhouse
substances such as ozone and stratospheric water vapor due to chemical reactions of
methane in the atmosphere, historical methane emissions were estimated to have
contributed to 0.97 W/m” of forcing today, which is about 30 percent of the
contemporaneous forcing due to historical greenhouse gas emissions...(EPA 2015 RIA, pp.
4-06)

We calculated the global social benefits of methane emissions reductions expected
from the proposed NSPS using estimates of the social cost of methane (SC-CH,), a metric
that estimates the monetary value of impacts associated with marginal changes in methane
emissions in a given year. It includes a wide range of anticipated climate impacts, such as net
changes in agricultural productivity and human health, property damage from increased
flood risk, and changes in energy system costs, such as reduced costs for heating and
increased costs for air conditioning. The SC-CH,, estimates applied in this analysis were
developed by Marten ef al. (2014) and are discussed in greater detail below.

A similar metric, the social cost of CO, (SC-CO,), provides important context for
understanding the Marten ef a/. SC-CH, estimates. Estimates of the SC-CO, have been used
by EPA and other federal agencies to value the impacts of CO, emissions changes in benefit
cost analysis for GHG-related rulemakings since 2008. The SC-CO, is a metric that estimates
the monetary value of impacts associated with marginal changes in CO, emissions in a given
year. Similar to the SC-CH,, it includes a wide range of anticipated climate impacts, such as
net changes in agricultural productivity, property damage from increased flood risk, and
changes in energy system costs, such as reduced costs for heating and increased costs for air
conditioning. It is used to quantify the benefits of reducing CO, emissions, or the disbenefit
from increasing emissions, in regulatory impact analyses.

The SC-CO, estimates were developed over many years, using the best science
available, and with input from the public. Specifically, an interagency working group IWG)
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that included EPA and other executive branch agencies and offices used three integrated
assessment models (IAMs) to develop the SC-CO, estimates and recommended four global
values for use in regulatory analyses. The SC-CO, estimates were first released in February
2010 and updated in 2013 using new versions of each IAM. The 2013 update did not revisit
the 2010 modeling decisions with regards to the discount rate, reference case socioeconomic
and emission scenarios, and equilibrium climate sensitivity distribution. Rather,
improvements in the way damages are modeled are confined to those that have been
incorporated into the latest versions of the models by the developers themselves and
published in the peer-reviewed literature. The 2010 SC-CO, Technical Support Document
(2010 SC-CO, TSD) provides a complete discussion of the methods used to develop these
estimates and the current SC-CO, TSD presents and discusses the 2013 update (including
recent minor technical corrections to the estimates).”

The 2010 SC-CO, TSD noted a number of limitations to the SC-CO, analysis,
including the incomplete way in which the IAMs capture catastrophic and non-catastrophic
impacts, their incomplete treatment of adaptation and technological change, uncertainty in
the extrapolation of damages to high temperatures, and assumptions regarding risk aversion.
Currently IAMs do not assign value to all of the important physical, ecological, and
economic impacts of climate change recognized in the climate change literature due to a lack
of precise information on the nature of damages and because the science incorporated into
these models understandably lags behind the most recent research. Nonetheless, these
estimates and the discussion of their limitations represent the best available information
about the social benefits of CO, reductions to inform benefit-cost analysis. The new
versions of the models offer some improvements in these areas, although further work is
warranted.

Accordingly, EPA and other agencies continue to engage in research on modeling
and valuation of climate impacts with the goal to improve these estimates. The EPA and
other agencies also continue to consider feedback on the SC-CO, estimates from
stakeholders through a range of channels, including public comments on Agency
rulemakings that use the SC-CO, in supporting analyses and through regular interactions
with stakeholders and research analysts implementing the SC-CO, methodology used by the
IWG. In addition, OMB’s Office of Information and Regulatory Affairs sought public
comment on the approach used to develop the SC-CO, estimates through a separate
comment period that ended on February 26, 2014.

After careful evaluation of the full range of comments, the IWG continues to
recommend the use of the SC-CO, estimates in regulatory impact analysis. With the release
of the response to comments, the IWG announced plans to obtain expert independent
advice from the National Academy of Sciences to ensure that the SC-CO, estimates continue
to reflect the best available scientific and economic information on climate change. The
NRC review will be informed by the public comments received and focus on the technical

35 Both the 2010 SC-CO, TSD and the current SC-CO, TSD are available at:

https:

www.whitehouse.gov/omb/inforeg regpol agency review [click on “Social Cost of Carbon” at top of page or

go directly to https://www.whitehouse.gov/omb/oira/social-cost-of-carbon].
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merits and challenges of potential approaches to improving the SC-CO, estimates in future
updates.

Concurrent with OMB’s publication of the response to comments on SC-CO, and
announcement of the NRC process, OMB posted a revised TSD that includes two minor
technical corrections to the current estimates. One technical correction addressed an
inadvertent omission of climate change damages in the last year of analysis (2300) in one
model and the second addressed a minor indexing error in another model. On average the
revised SC-CO, estimates are one dollar less than the mean SC-CO, estimates reported in
the November 2013 TSD. The change in the estimates associated with the 95th percentile
estimates when using a 3 percent discount rate is slightly larger, as those estimates are heavily
influenced by the results from the model that was affected by the indexing error.

The four SC-CO, estimates are: $13, $45, $§67, and $130 per metric ton of CO,
emissions in the year 2020 (2012 dollars).” The first three values are based on the average
SC-CO, from the three IAMs, at discount rates of 5, 3, and 2.5 percent, respectively.
Estimates of the SC-CO, for several discount rates are included because the literature shows
that the SC-CO, is sensitive to assumptions about the discount rate, and because no
consensus exists on the appropriate rate to use in an intergenerational context (where costs
and benefits are incurred by different generations). The fourth value is the 95" percentile of
the SC-CO, across all three models at a 3 percent discount rate. It is included to represent
higher-than-expected impacts from temperature change further out in the tails of the SC-
CO, distribution. The SC-CO, increases over time because future emissions are expected to
produce larger incremental damages as economies grow and physical and economic systems
become more stressed in response to greater climate change.

A challenge particularly relevant to this proposal is that the IWG did not estimate the
social costs of non-CO, GHG emissions at the time the SC-CO, estimates were developed.
One alternative approach to value methane impacts is to use the global warming potential
(GWP) to convert the emissions to CO, equivalents which are then valued using the SC-CO,
estimates.

The GWP measures the cumulative radiative forcing from a perturbation of a non-
CO, GHG relative to a perturbation of CO, over a fixed time horizon, often 100 years. The
GWP mainly reflects differences in the radiative efficiency of gases and differences in their
atmospheric lifetimes. While the GWP is a simple, transparent, and well-established metric
for assessing the relative impacts of non-CO, emissions compared to CO, on a purely
physical basis, there are several well-documented limitations in using it to value non-CO,
GHG benefits, as discussed in the 2010 SC-CO, TSD and previous rulemakings (e.g., U.S.

36 The current version of the SC-CO, TSD is available at:

www.whitehouse.gov/sites/default/files/omb/inforeg/scc-tsd-final-july-2015.pdf. The TSDs present SC-CO>

in $2007. The estimates were adjusted to 2012$ using the GDP Implicit Price Deflator. Also available at:

www.opo.ocov/fdsvs/pke/ECONI-2013-02/pdf/ECONI-2013-02-Pe3.pdf. The SC-CO, values have been

rounded to two significant digits. Unrounded numbers from the 2013 SCC TSD were adjusted to 2012$ and used to
calculate the CO; benefits.
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EPA 2012b, 2012d).” In particular, several recent studies found that GWP-weighted benefit
estimates for methane are likely to be lower than the estimates derived using directly
modeled social cost estimates for these gases. Gas comparison metrics, such as the GWP,
are designed to measure the impact of non-CO, GHG emissions relative to CO, at a specific
point along the pathway from emissions to monetized damages (depicted in Figure 4-1), and
this point may differ across measures.

Erwirenmental
Atmospheric Radiative Climate and Socio Monetized
. == == ==~ =

Concentration Farcing Impacts Economic Damages

Ermissions (=
Impacts

Source: Marten ef al. 2014
Figure 7-1 Path from GHG Emissions to Monetized Damages

The GWP is not ideally suited for use in benefit-cost analyses to approximate the
social cost of non-CO, GHGs because it ignores important nonlinear relationships beyond
radiative forcing in the chain between emissions and damages. These can become relevant
because gases have different lifetimes and the SC-CO, takes into account the fact that
marginal damages from an increase in temperature are a function of existing temperature
levels. Another limitation of gas comparison metrics for this purpose is that some
environmental and socioeconomic impacts are not linked to all of the gases under
consideration, or radiative forcing for that matter, and will therefore be incorrectly allocated.
For example, the economic impacts associated with increased agricultural productivity due to
higher atmospheric CO, concentrations included in the SC-CO, would be incorrectly
allocated to methane emissions with the GWP-based valuation approach.

Also of concern is the fact that the assumptions made in estimating the GWP are not
consistent with the assumptions underlying SC-CO, estimates in general, and the SC-CO,
estimates developed by the IWG more specifically. For example, the 100-year time horizon
usually used in estimating the GWP is less than the approximately 300-year horizon the IWG
used in developing the SC-CO, estimates. The GWP approach also treats all impacts within
the time horizon equally, independent of the time at which they occur. This is inconsistent
with the role of discounting in economic analysis, which accounts for a basic preference for
eatlier over later gains in utility and expectations regarding future levels of economic growth.
In the case of methane, which has a relatively short lifetime compared to CO,, the temporal
independence of the GWP could lead the GWP approach to underestimate the SC-CH, with
a larger downward bias under higher discount rates (Marten and Newbold, 2012).”

EPA sought public comments on the valuation of non-CO, GHG impacts in
previous rulemakings. In general, the commenters strongly encouraged EPA to incorporate
the monetized value of non-CO, GHG impacts into the benefit cost analysis, however they
noted the challenges associated with the GWP-approach, as discussed above, and
encouraged the use of directly-modeled estimates of the SC-CH, to overcome those
challenges.

37 See also Reilly and Richards, 1993; Schmalensee, 1993; Fankhauser, 1994; Marten and Newbold, 2012.
3 We note that the truncation of the time period in the GWP calculation could lead to an overestimate of SC-CHj for
near term perturbation years when the SC-CO3 is based on a sufficiently low or steeply declining discount rate.
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EPA had cited several researchers that had directly estimated the social cost of non-
CO, emissions using IAMs but noted that the number of such estimates was small compared
to the large number of SC-CO, estimates available in the literature. EPA found considerable
variation among these published estimates in terms of the models and input assumptions
they employ (U.S. EPA, 2012d). These studies differed in the emissions perturbation year,
employed a wide range of constant and variable discount rate specifications, and considered
a range of baseline socioeconomic and emissions scenarios that have been developed over
the last 20 years. Furthermore, at the time, none of the other published estimates of the
social cost of non-CO, GHG were consistent with the SC-CO, estimates developed by the
IWG, and most were likely underestimates due to changes in the underlying science since
their publication.

Therefore, EPA concluded that the GWP approach would serve as an interim
method of analysis until directly modeled social cost estimates for non-CO, GHGs,
consistent with the SC-CO, estimates developed by the IWG, were developed. EPA
presented GWP-weighted estimates in sensitivity analyses rather than the main benefit-cost
analyses.?

Since then, a paper by Marten e# a/. (2014) provided the first set of published SC-CH,
estimates in the peer-reviewed literature that are consistent with the modeling assumptions
underlying the SC-CO, estimates.* Specifically, the estimation approach of Marten e a/. used
the same set of three IAMs, five socioeconomic and emissions scenarios, equilibrium climate
sensitivity distribution, three constant discount rates, and aggregation approach used by the
IWG to develop the SC-CO, estimates. The aggregation method involved distilling the 45
distribution of the SC-CH, produced for each emissions year into four estimates: the mean
across all models and scenarios using a 2.5 percent, 3 percent, and 5 percent discount rate,
and the 95" percentile of the pooled estimates from all models and scenarios using a 3
percent discount rate. The atmospheric lifetime and radiative efficacy of methane used by
Marten e7 al. is based on the estimates reported by the IPCC in their Fourth Assessment
Report (AR4, 2007), including an adjustment in the radiative efficacy of methane to account
for its role as a precursor for tropospheric ozone and stratospheric water. These values
represent the same ones used by the IPCC in AR4 for calculating GWPs. At the time Marten
et al. developed their estimates of the SC-CH,, AR4 was the latest assessment report by the
IPCC. The IPCC updates GWP estimates with each new assessment, and in the most recent
assessment, AR5, the latest estimate of the methane GWP ranged from 28-36, compared to
a GWP of 25 in AR4. The updated values reflect a number of changes: changes in the
lifetime and radiative efficiency estimates for CO,, changes in the lifetime estimate for

3 For example, the 2012 New Source Performance Standards and Amendments to the National Emissions Standatds
for Hazardous Air Pollutants for the Oil and Natural Gas Industry are expected to reduce methane emissions by 900,000
metric tons annually, see http://www.gpo.gov/fdsys/pkg/FR-2012-08-16/pdf/2012-16806.pdf. Additionally, the 2017-
2025 Light-duty Vehicle Greenhouse Gas Emission Standards and Corporate Average Fuel Economy Standards,
promulgated jointly with the National Highway Traffic Safety Administration, is expected to reduce methane emissions
by over 100,000 metric tons in 2025 increasing to neatly 500,000 metric tons in 2050, see

http:/ /www.gpo.gov/fdsys/pkg/FR-2012-10-15/pdf/2012-21972.pdf

40 Marten et al. (2015) also provided the first set of SC-N20 estimates that are consistent with the assumptions underlying
the SC-CO; estimates.
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methane, and changes in the correction factor applied to methane’s GWP to reflect the
effect of methane emissions on other climatically important substances such as tropospheric
ozone and stratospheric water vapor. In addition, the range presented in the latest IPCC
report reflects different choices regarding whether to account for how biogenic and fossil
methane have different carbon cycle effects, and for /sic/ whether to account for climate
teedbacks on the carbon cycle for both methane and CO, (rather than just for CO, as was
done in AR4).*"*

Marten ez al. (2014) discuss these estimates, (SC-CH, estimates presented below in
Table 7-1), and compare them with other recent estimates in the literature.” The authors
noted that a direct comparison of their estimates with all of the other published estimates is
difficult, given the differences in the models and socioeconomic and emissions scenarios,
but results from three relatively recent studies offer a better basis for comparison (see Hope
(2006), Marten and Newbold (2012), Waldhoff e7 a/. (2014)). Marten ez /. found that in
general the SC-CH, estimates from their 2014 paper are higher than previous estimates. The
higher SC-CH, estimates are partially driven by the higher effective radiative forcing due to
the inclusion of indirect effects from methane emissions in their modeling. Marten ez al.,
similar to other recent studies, also find that their directly modeled SC-CH, estimates are
higher than the GWP-weighted estimates. More detailed discussion of the SC-CH,
estimation methodology, results and a comparison to other published estimates can be found
in Marten ez al.

Table 7-1 Social Cost of Methane (SC-CH,), 2012 — 2050° [in 2012$ per metric
ton] (Source: Marten et a1, 2015")

SC-CH4
Year 5 Percent 3 Percent 2.5 Percent 3 Percent
Average Average Average 95th percentile
2012 $430 $1,000 $1,400 $2,800
2015 $490 $1,100 $1,500 $3,000
2020 $580 $1,300 $1,700 $3,500
2025 $700 $1,500 $1,900 $4,000
2030 $820 $1,700 $2,200 $4,500
2035 $970 $1,900 $2,500 $5,300
2040 $1,100 $2,200 $2,800 $5,900
2045 $1,300 $2,500 $3,000 $6,600
2050 $1,400 $2,700 $3,300 $7,200

2 The values are emissions-year specific and are defined in real terms, i.e., adjusted for inflation using the GDP
implicit price deflator.

M Climate Change 2013: The Physical Science Basis. Contribution of Working Group I to the Fifth Assessment Report of the
Intergovernmental Panel on Climate Change [Stocker, T.F., D. Qin, G.-K. Plattner, M. Tignor, S.K. Allen, J. Boschung, A.
Nauels, Y. Xia, V. Bex and P.M. Midgley (eds.)]. Cambridge University Press, Cambridge, United Kingdom and New
York, NY, USA.

#2 Note that this proposal uses a GWP value for methane of 25 for CO» equivalency calculations, consistent with the
GHG emissions inventories and the IPCC Fourth Assessment Report (AR4).

43 Marten e al. (2015) estimates are presented in 2007 dollars. These estimates were adjusted for inflation using National
Income and Product Accounts Tables, Table 1.1.9, Implicit Price Deflators for Gross Domestic Product (US
Department of Commerce, Bureau of Economic Analysis), http://www.bea.gov/iTable/index nipa.cfm Accessed
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b The estimates in this table have been adjusted to reflect the minor technical corrections to the SC-CO,
estimates described above. See erratum for more details (citation to be provided when available).

The application of directly modeled estimates from Marten ef a/. (2014) to benefit-
cost analysis of a regulatory action is analogous to the use of the SC-CO, estimates.
Specifically, the SC-CH,, estimates in Table 7-1 are used to monetize the benefits of
reductions in methane emissions expected as a result of the proposed rulemaking. Forecast
changes in methane emissions in a given year, expected as a result of the proposed regulatory
action, are multiplied by the SC-CH, estimate for that year. To obtain a present value
estimate, the monetized stream of future non-CO, benefits are discounted back to the
analysis year using the same discount rate used to estimate the social cost of the non-CO,
GHG emission changes. In addition, the limitations for the SC-CO, estimates discussed
above likewise apply to the SC-CH, estimates, given the consistency in the methodology.

EPA recently conducted a peer review of the application of the Marten ez a/. (2014)
non-CO, social cost estimates in regulatory analysis and received responses that supported
this application. Three reviewers considered seven charge questions that covered issues such
as EPA’s interpretation of the Marten e7 a/. estimates, the consistency of the estimates with
the SC-CO, estimates, EPA’s characterization of the limits of the GWP-approach to value
non-CO, GHG impacts, and the appropriateness of using the Marten e a/. estimates in
regulatory impact analyses. The reviewers agreed with EPA’s interpretation of Marten ef al’s
estimates; generally found the estimates to be consistent with the SC-CO, estimates; and
concurred with the limitations of the GWP approach, finding directly modeled estimates to
be more appropriate. While outside of the scope of the review, the reviewers briefly
considered the limitations in the SC-CO, methodology (e.g., those discussed eatlier in this
section) and noted that because the SC-CO, and SC-CH, methodologies are similar, the
limitations also apply to the resulting SC-CH, estimates. Two of the reviewers concluded
that use in RIAs of the SC-CH, estimates developed by Marten ¢7 a/. and published in the
peer-reviewed literature is appropriate, provided that the Agency discuss the limitations,
similar to the discussion provided for SC-CO, and other economic analyses. All three
reviewers encouraged continued improvements in the SC-CO, estimates and suggested that
as those improvements are realized they should also be reflected in the SC-CH, estimates,
with one reviewer suggesting the SC-CH, estimates lag this process. EPA supports
continued improvement in the SC-CO, estimates developed by the U.S. government and
agrees that improvements in the SC-CO, estimates should also be reflected in the SC-CH,
estimates. The fact that the reviewers agree that the SC-CH, estimates are generally
consistent with the SC-CO, estimates that are recommended by OMB’s guidance on valuing
CO, emissions reductions, leads EPA to conclude that use of the SC-CH, estimates is an
analytical improvement over excluding methane emissions from the monetized portion of
the benefit cost analysis.

In light of the favorable peer review and past comments urging EPA to value non-
CO, GHG impacts in its rulemakings, the Agency has used the Marten e7 a/. (2014) SC-CH,
estimates to value methane impacts expected from this proposed rulemaking and has
included those benefits in the main benefits analysis. . . .(EPA 2015. Regulatory Impact
Analysis of the Proposed Emission Standards for New and Modified Sources in the Oil and
Natural Gas Sector, pp. 4-7 — 4-16.)
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The BLM notes that the EPA requested comment on the use of the directly modeled estimates,
from the peer-reviewed literature, for the social cost of non-CO, GHGs in its RIA for the Subpart
O0OO0OOa proposal. In light of such comments, in preparing the RIA for the final Subpart OOOOa
rule, the EPA will presumably retain, modify, or abandon its proposed approach to accounting for
the social costs of methane emissions in the benefit-cost analysis. The BLM believes that it is
appropriate for the BLM to defer to and rely on the subject matter expertise of EPA in evaluating
and selecting estimates of the social costs of methane emissions. Thus, we anticipate that the BLM’s
RIA for the final rule will follow the same approach to accounting for the social costs of methane
emissions that the EPA uses in its final OOOOa rule, after the EPA takes into account public
comments on its proposed approach. We will continue to coordinate closely with the EPA on this
matter.

7.3 Discount Rate

OMB Circular A-94 (Revised) “Guidelines and Discount Rates for Benefit-Cost Analysis of Federal
Programs”* provides guidance to Federal agencies when conducting analyses, including regulatory
impacts analyses. It discusses the importance of discounting future benefits and costs when
computing the net present value — “discounting reflects the time value of money. Benefits and costs
are worth more if they are experienced sooner. All future benefits and costs, including
nonmonetized benefits and costs, should be discounted. The higher the discount rate, the lower is
the present value of future cash flows. For typical investments, with costs concentrated in early
periods and benefits following in later periods, raising the discount rate tends to reduce the net
present value.”

Circular A-94 directs agencies to use a discount rate of 7% for baseline analyses. It states, “this rate
approximates the marginal pretax rate of return on an average investment in the private sector in
recent years.” It also recommends that agencies show sensitivity of the discounted net present value
and other outcomes using additional discount rates. Literature suggests that there is a divergence
between the private (considered by firms or industry) and social (considered by society) discount
rates, with the private rates exceeding the social rates. This difference is considered to result from a
difference in risk premiums; meaning the cost of capital is higher as the risk increases. From
society’s perspective, the risk may be lower or there may be no-risk, in which case a lower discount
rate would be appropriate. It is common for regulatory impact analyses to analyze outcomes using a
3% discount rate, particularly for proposed regulations with expected environmental benefits. As
such, for the purposes of this analysis, we use discount rates of 7% and 3% to annualize the costs of
capital investments or to present the present value of cash savings occurring in the future.

With respect to monetized benefits, we use social cost of methane estimates from Marten et al.
(2015). The EPA used the same social cost of methane estimates in its regulatory impacts analysis
for the NSPS Subpart OOOOa proposed rule, finding that the estimates are analogous to the use of
the social cost of carbon estimates provided by the Interagency Working Group on Social Cost of

# Signed October 29, 1992. Available on the web at https://www.whitechouse.gov/omb/circulars a094/.
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Carbon.” Marten et al. provide social cost of methane estimates using model averages using a 2.5%,
3%, and 5% discount rate, and the 95th percentile of the pooled estimates from all models and
scenarios using a 3% discount rate. For purposes of this analysis, we used the values for methane
generated by Marten using the middle discount rate of 3 percent. Similarly, we used the social cost of
carbon estimates provided by the Interagency Working Group on Social Cost of Carbon “3%
Average.” The Interagency Working Group recommends considering all four SCC estimates in the
analyses. We note that using the other SCC estimates would result in varying benefits and net
benefits. Using the 2.5% SCC discount rate would result in lower levels of monetized benefits and
net benefits, while using the 5% and 95" percentil rates would result in higher levels of monetized
benefits and net benefits.

7.4  Period of Analysis

The rule’s requirements would impose annual costs and produce annual benefits, and we measure
the impacts over a 10-year period. As discussed above, however, we do not expect the annual costs,
or annual benefits, to be uniform over the life of the requirements. Rather, the first few, transitional
years that these requirements are in place are expected to see the highest levels of compliance
activity.

Beyond the initial 10-year period, we expect the rule to have less of an impact. After the initial
replacement of existing equipment that would be required by this rule, any other replacement or
modification of such equipment would be subject to EPA’s requirements that apply to new or
modified sources — the NSPS Subpart OOOO (currently in place), or proposed NSPS Subpart
O0O0O0a (if finalized).

7.5  Uncertainty

The estimated costs and benefits rely on the best data that we have available to us, and modeling
assumptions that we believe are reasonable, but it is important to recognize that both the inputs to
the estimates and the results are subject to substantial uncertainty. Below we describe several key
sources of uncertainty.

A. Commodity Price Assumptions

Different assumptions about future commodity prices produce substantially different estimates of
costs and benefits. Commodity prices will affect how operators will respond to the proposed
requirements. Future commodity prices are subject to substantial uncertainty, so we believe it is
reasonable to examine costs and benefits under a range of potential future prices.

With respect to the appropriate crude oil price to consider, we note that current prices are low and
Energy Information Administration (EIA) projected prices are modestly higher. Crude oil prices in

# EPA, “Regulatory Impact Analysis of the Proposed Emission Standards for New and Maodified Sources in the Oil
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1.46

2015 have been among the lowest in recent history, ranging from $42/bbl to $61/bbl.* At the time
we prepated this analysis, the crude oil price was below $40/bbl. The EIA’s long-term price
projections are $53/bbl in 2015, $67/bbl in 2016, $70/bbl in 2017, $73/bbl in 2020, $85/bbl in
2025, and $99/bbl in 2030, with an annual growth rate from 2013 to 2040 of 1.2%.%

Natural gas prices in 2015 have been among the lowest recent years, ranging from $2.56/Mcf to
$3.32/Mcf, though not as low as prices in the first half of 2012.* At the time we prepared this
analysis, the natural gas price was below $2.00/Mcf. The EIA’s long-term price projections are
$3.79/Mcf in 2015, $3.80/Mcf in 2016, $3.91/Mcf in 2017, $5.02/Mcf in 2020, $5.61/Mcf in 2025,
and $5.85/Mcf in 2030, with an annual growth rate from 2013 to 2040 of 2.8%.%

The EIA does not forecast NGL prices sold from the production sector. However, we observed an
average price of about $0.64 for NGL produced from Federal lands in FY 2015." We then adjusted
that value upwards based on the EIA crude oil price projections.

See Table 7c and 7d, on the following page, which show the projected commodity prices used in this
analysis.

B. Level of Voluntary Compliance

Due to the lack of available data, the analysis may not account for voluntary actions already
undertaken by operators that comply with certain of the proposed requirements. To the extent that
operators are already in compliance with the requirements, the estimated impacts will overstate the
actual impacts of the rule. The estimated costs and benefits of the LDAR requirements are
particularly uncertain, since while many operators reportedly have LDAR programs in place, we do
not have data on the prevalence of these programs or on the relative costs of these existing
programs compared to programs that would meet the BLM’s proposed specifications.

C. Uncertainty about Climate Effects

As described in Section 7.2, there are limitations in the methodology used to calculate the social cost
of carbon dioxide and methane. These limitations include “the incomplete way in which the IAMs
capture catastrophic and non-catastrophic impacts, their incomplete treatment of adaptation and
technological change, uncertainty in the extrapolation of damages to high temperatures, and
assumptions regarding risk aversion. Currently IAMs do not assign value to all of the important
physical, ecological, and economic impacts of climate change recognized in the climate change
literature due to a lack of precise information on the nature of damages and because the science

4 Bloomberg. Cited prices are for West Texas Intermediate (WTT) Crude Oil NYMEX). Data available at
http://www.bloomberg.com/energy

47 EIA. Annual Energy Outlook, Table 12. April 14, 2015. Reference case for WTT spot price. Data available at
http://www.eia.gov/forecasts/aco/tables ref.cfm

48 Bloomberg. Cited prices are for Natural Gas (NYMEX). Data available at http://www.bloomberg.com/energy

4 EIA. Annual Energy Outlook, Table 13. April 14, 2015. Natural gas spot price at Henry Hub. Prices converted from
MMbtu to Mcf using a factor of 1.028. Data available at http://www.cia.gov/forecasts/aeco/tables ref.cfm

50 See ONRR reporting tool at http://statistics.onrr.gov/.
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incorporated into these models understandably lags behind the most recent research. Nonetheless,
these estimates and the discussion of their limitations represent the best available information about
the social benefits of CO2 reductions to inform benefit-cost analysis. The new versions of the
models offer some improvements in these areas, although further work is warranted.””!

D. Site-Specific Characteristics

The impacts presented in this analysis are based on general emissions data and mitigation costs and
may not reflect site-specific circumstances that could create significant differences in costs or
benefits. In addition, the impact of the flaring limit is likely to be influenced by a number of factors,
many of which are somewhat or even highly uncertain. An operator’s response to a flaring limit is
expected to depend on the individual characteristics of the well, and the readiness of the operator to
deliver the gas to the market or bolster existing infrastructure to meet levels of production, the
availability and viability of alternative capture technologies, among other factors. There is also
general uncertainty about an operator’s response to the liquids unloading requirements, given that
approaches to avoid well purging are likely to be dictated by well characteristics and operator choice.

Table 7c: EIA Crude Oil and Natural Gas Price Forecasts, 2015 — 2026

Year Crude Oil — West Texas Natural Gas — Spot Price at
Intermediate Spot ($/bbl) Henry Hub ($/million Btu)

2015 52.72 3.69

2016 67.28 3.70

2017 70.14 3.80

2018 70.06 4.21

2019 71.50 4.55

2020 72.96 4.88

2021 75.10 5.02

2022 77.48 5.09

2023 79.95 5.25

2024 82.48 5.35

2025 85.02 5.46

2026 87.73 5.67

Source: EIA, Annual Energy Outlook 2015, Tables 12 and 13.

51 Excerpt drawn from the EPA’s Regulatory Impact Analysis of the Proposed Emission Standards for New and
Modified Sources in the Oil and Natural Gas Sector, pp. 4-7 — 4-16.
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Table 7d: Natural Gas Liquids Price Assumptions, 2010 — 2026

Year NGL Price ($/gal)
2010 0.92
2011 1.15
2012 0.98
2013 0.85
2014 0.92
2015 0.64
2016 0.82
2017 0.85
2018 0.85
2019 0.87
2020 0.88
2021 0.91
2022 0.94
2023 0.97
2024 1.00
2025 1.03
2026 1.06

Source: Historical prices (2010 — 2015) are derived from the ONRR website for onshore production from Federal lands
in all states. Prices for 2016-2026 atre projected using the change in the EIA’s forcasted crude oil price.
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7.6 Flared Associated Gas

The proposed rule has several requirements to limit the flaring of associated gas from development
oil wells. As presented in Section 5, according to ONRR data, operators flared roughly 76 Bef of
natural gas from BLLM-administered leases in 2013. We estimate that roughly 44 Bcf of that amount
was natural gas from the Federal and Indian mineral estates. Flaring from oil wells alone accounted
for 71 Bef (with about 41 Bcf of that amount being Federal and Indian mineral estate gas).

The BLLM is proposing several requirements that would reduce the waste of associated gas through
flaring. With respect to wells that produce both Federal or Indian, and non-Federal, non-Indian oil
or gas, the proposed rule provides that the BLM would coordinate on a case-by-case basis with the
state regulatory authority having jurisdiction, if any BLM action to enforce a prohibition, limitation,
or order adversely affects production of oil or gas that comes from non-Federal and non-Indian
mineral interests.

A. Flaring Limits
1. Background

The proposed rule would impose a gas flaring limit on development oil wells. The rule would limit
the flaring to 7,200 Mcf/month/well (on average across a lease) for the first year of the rule’s
implementation, 3,600 Mcf/month/well (on average across a lease) for the second year of the rule’s
implementation, and 1,800 Mcf/month/well (on average across a lease) thereafter. These limits
correlate to roughly 120 Mcf/day, 90 Mcf/day, and 60 Mcf/day, respectively. The BLM may
approve an alternative flaring limit if the operator demonstrates that the proposed limits would
impose such costs as to cause the operator to cease production and abandon significant recoverable
oil reserves under the lease. In addition, the operator may receive an exemption from the limit if the
lease is not connected to a gas pipeline, is located over 50 miles from the nearest gas processing
plant, and if the flaring for the most recent month exceeds the limit in effect by at least 50%.

According to ONRR data, an average of 1,271 Federal and Indian leases flared oil-well gas during
any given month in FY 2014. In total, the leases flared about 77 Bcf of gas, while producing about
137 million barrels of crude oil and 73 Bcf of gas during the months when they flared. See Table 8a.
In addition, the ONRR data show that on average, about 43% of the estimated wells with oil-well
gas flaring also marketed and sold gas at the time when they were flaring, indicating that a large
number of operations flare despite being connected to a pipeline or having some ability to market
and sell the gas.”

We note that these data include both development wells and exploration/wildcat oil wells. Since the
rule would only apply flaring limits to development oil wells (which are the majority of all of the

52 Similarly, Carbon Limits reports that in the Bakken Formation, 68% of the natural gas produced is captured and sold,
14% of the gas is flared from pipeline connected wells, and 18% of the gas is flared from isolated wells (CL 2015a, p.
51).
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wells), all estimates presented here on the potential impacts of the flaring limit somewhat overstate
the potential levels of production deferment and gas conservation.

Table 8a: Background on Oil Wells with Associated Gas Flaring in FY 2014

Number of
Number of wells with
wells with oil oil-well gas Total oil-
Number of production flaring and Total oil Total oil- well gas
lease and oil-well gas production well gas production
Month FY 2014 agreements gas flaring marketed (bbl) flared (Mcf) (Mcf)

October 1,271 3,858 1,788 10,956,987 6,022,995 6,604,600
November 1,213 3,484 1,539 10,497,510 6,245,183 5,470,819
December 1,275 3,558 1,630 10,515,272 6,310,534 5,107,437
January 1,223 3,261 1,386 10,209,648 6,227,200 5,105,289
February 1,238 3,610 1,414 10,008,858 5,903,818 4,982,544
March 1,292 3,577 1,497 11,862,642 6,267,724 6,704,517
April 1,240 3,505 1,488 11,000,297 6,128,755 5,305,193
May 1,283 4,276 2,201 12,441,886 7,375,036 6,210,270
June 1,254 3,250 1,262 12,037,697 6,707,276 6,213,053
July 1,333 3,374 1,262 12,543,726 6,043,625 7,521,963
August 1,335 3,938 1,836 12,590,756 6,701,583 7,315,636
September 1,293 3,313 1,379 11,968,484 6,262,607 6,891,104
Monthly

average 1,271 3,584 1,557 11,386,147 6,399,695 6,119,369
Total FY 2014 136,633,763 76,796,336 73,432,425

The primary means to avoid flaring of associated gas from oil wells is to capture, transport, and
process that gas for sale, using the same technologies that are used for natural gas wells. While
industry continues to reduce the cost and improve the reliability of this technology, it is long-
established and well understood. The capture and sale of associated gas can pay for itself where
there is sufficient gas production relative to costs of connecting to or expanding existing
infrastructure. Installing equipment and pipelines for capture and transport reportedly costs about
$90,000 per inch-mile,” and therefore could cost upwards of $260,000 per mile (for a 2 and 5/8 inch
diameter pipeline) or $360,000 per mile (for a 4-inch diameter pipeline).

In addition, the recent increase in flaring has encouraged entrepreneurs to develop new technologies
and applications designed to capture smaller amounts of gas and put them to productive uses where

53 Letter from INGAA to the California Energy Association, September 2011. Slide 46. Available at
http://www.enerev.ca.cov/2011 energvpolicv/documents/2011-09-

27 wotrkshop/comments/INGAA Natural Gas Market Assessment Reference Case and Scena TN-62246.pdf. See

also, Pipeline and Gas Journal, “Billions needed to meet long-term natural gas infrastructure supply, demands,” April
2009. Figure 24. Available at http://pipelineandgasjournal.com /billions-needed-meet-long-term-natural-gas-

infrastructure-supply-demands?page=4
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http://pipelineandgasjournal.com/billions-needed-meet-long-term-natural-gas-infrastructure-supply-demands?page=4

building a pipeline to connect to the market is impractical. Companies are beginning to experiment
with and deploy several technologies as potential alternatives to the traditional pipeline systems that
capture associated gas. These include: separating out natural gas liquids (NGL), which are often
quite valuable, and trucking them off location; using the gas to run micro-turbines to generate
power; and using small integrated gas compressors to convert the gas into compressed natural gas
(CNG) that can be used on-site or trucked off location for use as transportation fuel or conversion
to chemicals. In addition, there are other promising and innovative approaches that are either in
development or in the earlier stages of deployment.*

Natural gas contains hydrocarbons that can exist in liquid phase without being in a high pressure or
low temperature environment. These are referred to as natural gas liquids (NGLs). Higher NGL
concentrations in a gas stream reflect higher heating British thermal unit (Btu) value and a higher
combined commodity value when the NGLs are separated from the remaining gas stream.
Although NGLs are typically stripped and fractionated into their various components (e.g., propane,
butane, etc.) at a gas processing plant, well-site equipment capable of stripping NGLs into a mixed
liquid is available. This technology is particularly applicable in situations where high Btu associated
natural gas is being flared due to lack of gas capture infrastructure. The NGLs can be stripped from
the gas stream in the field and stored in tanks at the well site. Trucks would transport the stored
NGLs to a gas processing plant for sale. The remaining lower Btu gas would continue to be flared,
but typically with a higher combustion efficiency than mixed gas. Conservation of the NGLs from a
gas stream would reduce waste, add energy to the domestic supply, and increase royalty payments to
the Federal Government and Tribal Governments.

Facilities to condense natural gas into liquefied natural gas (LNG) are more cost-effective at
locations with large amounts of flaring, as relatively larger quantities of captured gas are needed to
offset the cost of the LNG equipment. The surface area of well sites may need to be expanded to
accommodate truck traffic and product storage needs. Also, because associated gas production
drops off quickly at hydraulically fractured oil wells, LNG recovery is more likely to be cost-effective
if it is implemented when production starts than if operators wait to install LNG capture equipment
later in the life of the well.

On-site micro-turbines that generate electricity typically require preprocessing of the associated gas
to minimize equipment maintenance issues. Generating electricity can work well if it is paired with
NGL recovery, as the NGL residue gas stream is well suited as fuel for the generators. However,
scaling the generators to the electricity demand that could be used locally on the well pad
complicates their use. The generators may produce more electricity than is needed on site, but it
may be too costly to connect to the electric grid from a remote location, as would be necessary to
put the excess electricity to productive use. The cost of connecting to the electric grid depends,
among other things, on the distance of the operation from the nearest electrical distribution lines.
Moreover, the electricity produced for use on site would be viewed as beneficial use, and therefore
the gas used to generate the electricity would be royalty free. If the electricity produced by a micro-
turbine is sold to the grid, however, it would not be beneficial use and the gas used to generate the
electricity would not be royalty free.

> See Carbon Limits, Inmproving utilization of associated gas in US tight oil frelds (April 2015) (providing detailed evaluation of
new and emerging gas utilization technologies).
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The CNG alternative technologies show considerable promise in effectively transporting associated
gas to a centrally located processing plant while removing the higher value NGLs for other
productive uses. However, limitations on the amount and rate of natural gas capture/compression
on-site can limit applicability of this technology. Breakthroughs in compression technology are
increasing the range of viable sites where CNG would be the preferred alternative technology. This
technology could become sufficiently attractive to reduce flaring to near zero rates, according to
companies offering these services.

Carbon Limits provides an in depth comparision of these capture approaches and technologies,
which we summarize here.

For gas gathering, Carbon Limits shows capital costs of $100,000 — 700,000 per mile and operating
costs of $§0.05 — 1.00 per Mcf. It also suggests revenues of about $2 per Mcf and a payback period of
less than 1 year, depending on the situation. Procurement and installation can take up to months and
year and is not a mobile technology.”

For CNG, Carbon Limits shows capital costs if $400 — 1,000 per day and operating costs of $0.24 —
1.30 per Mct. It also suggests revenues $5 — 6 per Mcf and a payback period of about 1 year.

Equipment can be procured within weeks and deployed to or mobilized among operations in 1
day.”

For NGL recovery, Carbon Limits shows low to medium capital costs if $800 — 2,500 per Mcf per
day and operating costs of $0 — 0.22 per Mcf. In contrast, high costs might reveal capital costs of
$2,500 or more per Mcf per day and operating costs of $0.22 — 0.68 per Mcf. It also suggests
revenues $8 — 12 per Mcf and a payback period of less than 1 year. Equipment can be procured in
15 — 24 weeks and deployed to or mobilized among operations in 1 day to 2 weeks.”’

For gas to power, Carbon Limits shows capital costs if $1,500 — 8,000 per Mcf per day and operating
costs of $0.55 — 1.68 per Mcf. It also suggests revenues $3.60 — 6.70 per Mcf and a payback period
of less than 1 year. Equipment can be procured in 15 — 36 weeks and deployed to or mobilized
among operations in 1 day.”®

While these newer on-site technologies may not be suitable in all situations, in many cases they could
provide a profitable alternative to using traditional pipelines for capture and sale as a way to reduce
waste, and operators should consider these approaches in assessing the opportunities to reduce
waste from venting and flaring.

We believe that if an operator expects to exceed the flaring limit for a development oil well, the
operator might also curtail production from the well to reduce the amount of gas co-produced and
flared until capture infrastructure becomes available, uses alternative capture technologies, or until
the well production declines to a level that would not exceed the flaring limit.

55 Carbon Limits 2015a, Appendix p. 3.
5 Ibid, p. 4.

57 Ibid, p. 6.

38 Ibid, p. 7-8.
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Any curtailed production is not lost. Rather, it is deferred from the present to the future. We expect
any potential deferment to be temporary, with the amount and duration of the deferment depending
on the operator’s response, the individual characteristics of the well, and the readiness of the
operator to deliver the gas to the market or bolster existing infrastructure to meet levels of
production, among other factors. Any curtailment would slow the flaring of oil-well gas, a
substantial portion of which would be conserved for potential delivery to the market. The deferment
of production receipts from the present to the future would pose a cost to the operator, but the
additional receipts from conserved gas that would not have been otherwise realized would pose a
benefit to the operator.

2. Modeling the Impact

As discussed eatlier, the impact of the flaring limit will be influenced by a number of factors, many
of which are somewhat or even highly uncertain. For the purpose of this analysis, we constructed
several scenarios of operator response using the level of oil-well gas flaring that occurred in FY
2014. These scenarios necessarily rely on various simplifying assumptions, which imperfectly
represent real-world conditions. While we believe that this is a reasonable approach to the analysis,
given the numerous and highly uncertain factors that may affect the actual outcome, we recognize
that even this broad range of possible impacts may not accurately model the actual effects of this
provision.

First, we use the 2014 lease-level flaring data as a basis for the analysis, although the rule would likely
not be implemented until 2017. Over the past few years, flaring rates have been rapidly increasing.
However, the recent collapse in oil prices is slowing the rate of new oil development, at least for
now, which should allow capture infrastructure to begin to catch up to development and eventually
reduce flaring.

Also, the North Dakota regulations will reduce flaring in that state between now and 2017, which
will also drive overall flaring rates down. Thus, we believe that assuming the same rate of flaring
and production in 2017 as in FY 2014 is reasonable for this analysis, recognizing that this is a source
of uncertainty for the results. We believe that operators, particularly in North Dakota, will continue
to install pipelines to capture gas from leases that are currently not connected and that they will
continue to push for increased downstream capacity to reduce flaring from leases that are currently
connected or will be connected in the future.

After combining the ONRR 2014 data with data from the BLM’s Automated Fluid Minerals
Support System (AFMSS) to determine the number of wells associated with each lease agreement,
we performed two additional operations on the dataset. First, we took a subset of the data, including
the lease agreements in North Dakota and New Mexico (where aggregate flaring was the highest),
and attempted to geo-locate the lease agreements. Using a geographic information system (GIS) data
layer for Federal wells, we were able to locate about 36% of the lease agreements with flaring in
North Dakota and New Mexico, and about 26% of the total lease agreements with flaring. The
leases that we were not able to geo-locate were likely either Indian leases and not in the GIS layer or
unmatched because of formatting differences in the lease identifiers.

With the matched lease agreements, we calculated the distance to the nearest gas processing plants.
Lastly, we attempted to identify which of the geo-located lease agreements were connected to gas
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pipelines. In the dataset, where gas flaring and production levels were constant or consistent with
what we would expect from a connected lease during the year, we assumed that the lease is
connected to a pipeline. However, for leases with sporadic or alternating gas flaring and production,
we assumed that the lease is not connected to a pipeline.

With these data, we constructed several scenarios that we believe represent reasonable operator
responses to the proposed flaring limit.

e Case #1: Automatic exemption. These are leases that are unconnected to a pipeline, located
over 50 miles from the nearest gas processing plant, and flaring in excess of the proposed
limit by 50% or more. We assumed that these leases would not be impacted by the rule
because they would obtain a renewable two-year exemption from the flaring limit.

e Case #2: Curtailment of oil production while associated gas production naturally declines.
We believe that this response is likely at unconnected wells where the flaring is close to but
slightly above the proposed limit. For the purpose of this analysis, we assumed that
operators would choose this response if their flaring is above the limit by less than the
monthly equivalent of 40 Mcf per well per day. We estimated the impact of the flaring
limit on these leases as the cost of crude oil production curtailment, with the oil
production (and associated gas production) occurring a year later.

e Case #3: Use of onsite capture. We believe this response is likely where the lease is
unconnected to a gas pipeline and located within 20 miles of a gas processing plant. We
also assumed that the operators most likely to follow this approach are operators that are
currently flaring in excess of the limit by more than 40 Mcf per day, because we assumed
that for operators flaring closer to the limit, it would likely be more cost-effective to
temporarily curtail production. We estimated the impact on leases in case #3 as the
production of the NGL from stripping operations, minus the presumed opportunity cost
of the money invested in onsite capture (measured as 20% of the value of the flared gas).

e Case #4: Case-by-case exemption, or alternative limit, or curtailment. We believe that this
response is likely on unconnected leases where the distance to a plant is greater than 20
miles but less than 50 miles, and the flaring levels are in excess of the limit by more than
40 Mcf per day. We measured the impact on these leases as the cost of crude oil
curtailment, with the production occurring a year later, and the benefit of production of
the conserved gas. We assume that, within one year, operators would either receive an
approval for an exemption or production would decline to a level where optimal
production could be achieved under the flaring limit. We do not assume that operators in
this scenario would need to curtail production for longer than one year, and therefore the
estimated costs and benefits are based on one year of deferred production. BLLM seeks
comment on this assumption.

e Case #5: Connected leases where the operator curtails production during the time of the
process upset (such as maintenance to a gas processing plant, when bumped off by higher
pressured wells, etc.) or waits for the well to naturally decline. We believe that this
response is likely where the flaring is above but close to the limit. For the purpose of this
analysis, we assumed that operators would choose this response if its flaring was above the
limit by less than 40 Mcf per day. We measured the impact on these leases as the cost of
crude oil curtailment, with the production occurring a year later, and the benefit of
production of the conserved gas.
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e Case #6: Connected leases where the operator can use onsite capture. We believe this

response is likely where the lease is located within 20 miles of a gas processing plant. To
generate mutually exclusive cases, we also assumed that flaring would be in excess of the
limit by more than 40 Mcf per day. We measured the impact on these leases as the
presumed opportunity cost of the onsite capture (measured as 20% of the value of the
flared gas), and the production of the NGL from stripping operations.

e Case #7: Connected leases where the operator seeks an alternative limit or curtails. We

believe that this response is likely where the distance to a plant is greater than 20 miles. To
generate mutually exclusive cases, we also assumed that flaring would be in excess of the

limit by more than 40 Mcf per day. We measured the impact on these leases as the cost of
crude oil curtailment, with the production occurring a year later, and the production of the

conserved gas. The impact of the curtailment might be less if the operator requests and
receives approval for an alternative flaring limit. We assume that, within one year,
operators would either (1) receive an approval for an exemption, (2) production would
decline to a level where optimal production could be achieved under the flaring limit, or
(3) necessary capacity would be built to enable these connected wells to transport more
gas. We do not assume that operators in this scenario would need to curtail production
for longer than one year, and therefore the estimated costs and benefits are based on one
year of deferred production. BLM seeks comment on this assumption.

e Case #8: Leases where flaring is below the limit and the operator is not expected to change
its behavior. We present this case to illustrate the leases where flaring occurs and on which
the rule is not expected to have any impact.

Table 8b: Summary of Constructed Scenarios

Case Connected | Distance | Flaring Level Assumed Operator Response
No. (Yes/No) | to Plant
1 No >50mi >limit+50% | Automatic Exemption
No NA >limit & Curtailment of oil production while
<limit+40Mctd | associated gas production naturally
declines
3 No <20mi | >limit+40Mcfd | Use of onsite capture
4 No >20mi | >limit+40Mctd | Case-by-case exemption, or alternative
(excluding limit, or curtailment
case #1)
5 Yes NA >limit & Curtailment of oil production until
<limit+40Mctd | production declines or during upset
6 Yes <20mi | >limit+40Mctd | Use of onsite capture
7 Yes >20mi | >limit+40Mctd | Curtailment of oil production until
production declines or during upset
3 NA NA <limit None

Our decision to assume that operators, if the lease flaring would be just above the limit, would
curtail production until the associated gas production naturally declines is based on the rather sharp
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production declines that many of these wells experience. For example, Carbon Limits sampled wells
in the Bakken Formation and found that the wells experienced:”

e Oil and gas production peaks at the 2™ month (38% of the wells over 300 Mcfd);

e (4% decline from the peak at the 12" month (11% of the wells over 300 Mcfd);

e 86% decline from the peak at the 24" month (4% of the wells over 300 Mcfd); and

®  93% decline from the peak at the 36" month (3% of the wells over 300 Mcfd).

These data lend support to the premise that if well flaring is close to the limit, that the period of
curtailment is not likely to be extenuated.

Further, our decision to assume that operators would use onsite capture if the lease is located within
20 miles of a gas processing plant is based on the Carbon Limits’ findings on the feasibility of
capture technologies. The authors found that distance to gas gathering facilities had an impact on
the feasibility of the various technology solutions, shown in Figure 2.” For example, within 20 miles
of the market: gas gathering is feasible for several nearby pads; NGL recovery is feasible for a single
well, multi well pad, and several nearby pads; CNG trucking is feasible for a single well and multi
well pad; etc.

Figure 2: Feasibility Assessment of Selected Technologies as a Function of Geography —
Source: Carbon Limits (2015a)

Technologies Distance from well to closest market (in miles)

1 5 10 20 25 50 +50
Gas gathering [ _
NGL Recovery
CNG Trucking |
Gas-to-power (Local)

Mini GTL-MT | s

LEGEND:

Technologies feasible for small numbers of
wells will generally be feasible for larger
numbers of wells (well concentration
Improves economics):

Feasible for single well
Feasible for multi well pad

- Feasible for several nearby pads

Tables 9a-c show the impacted leases from the matched dataset that would potentially be impacted
by the proposed flaring limits (phased-in over 3 years) and the alternative flaring limits. Each table
shows the total volume of gas flared, the number of impacted leases and wells, and the total distance
of these wells to the closest respective processing plants, for each case scenario and for each of the
potential flaring limits.

59 Carbon Limits 2015a, p. 50. The authors found similar decline rates for wells in the Eagle Ford shale play (p. 49).
% Figure appears in Carbon Limits 2015a, p. 56.
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For example, in Table 9a, the requirement proposed by the BLM would establish a flaring limit
equivalent to 240 Mcf per day for the first year, 120 Mcft per day for the second year, and 60 Mcf per
day for the third year and beyond. So in the first year, we would expect that 1 lease accounting for
about 26,000 Mcf of flaring in a given year would fall in case #1 and be exempted. In the second
year, we would expect 2 leases accounting for about 34,000 Mcf of total flaring in a given year would
fall in case #1 and be exempted. We note that for the data in Tables 9a-c, the leases or wells did not
necessarily flare or flare in excess of the limits in every month during the year. More simply, a lease
was placed into a case if its flaring during any month fell exceeded the limit.

Table 9d shows the estimated crude oil deferment for the matched leases and for scenario cases 2, 4,
5, and 7, with the potentially conserved gas for production being the flared amount.

Using the data in Tables 9a-d, we estimated the impacts for the matched leases over the ten-year
period from 2017 to 2026. For the first 3 years of implementation, we measured the impacts based
on the phase-in equivalent shown in the tables. While we expect the existing unconnected leases will
become connected to pipelines within the first 3 years of implementation and that the infrastructure
for connected leases would bolster and thus reduce the need to flare, we also expect that new wells
might not be connected to pipelines at the time of completion or that there might be temporary
upsets in the line such that operators would want to flare. As such, for the remaining 7 years of the
analysis period, we estimate the impacts based on the proposed 1,800 Mcf/month (or 60 Mcfd
equivalent) limit and the 1,200 Mcf/month (or 40 Mcfd equivalent) and 2,400 Mcf/month (or 80
Mcfd equivalent) alternatives examined.

Other assumptions relevant to the estimation include the commodity prices (discussed previously)
and the disposition of natural gas used in the onsite capture (for cases 3 and 6). While several
options for onsite capture exist, our field experience tells us that NGL stripping is the most
common option used today, particularly in gas-rich basins like the Bakken. While we assume a
natural gas to NGL conversion factor of 1 Mcf to 1.25 gallons for this analysis, we note that the
process can extract greater volumes of liquids (as much as 5.3 gallons per Mcf) in gas-rich basins.”'

After estimating the impacts to the matched leases, we then scaled those impacts up by multiplying
by a factor of 3.82 to represent the estimated impacts on all leases with oil-well gas flaring. The
factor was calculated as the number of unique leases with oil-well gas flaring in the ONRR dataset
(or 2,057) divided by the number of matched leases (or 539). Using this approach assumes that the
matched leases are representative of the leases in the larger datatset.

61 National Petroleum Council. (2011), p. 6.
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Table 9a: Summary of Flaring Oil-Well Flaring, Observations from Matched Dataset, Proposed Limit of 7,200 / 3,600 / 1,800 Mcf per month

Scenario No. Case #1 [ Case #2 [ Case #3 Case #4
Lease Connection Unconnected
Distance to nearest
processing plant
D) D > 50 miles N/A D < 20 miles D > 20 miles (less Case #1 leases)
Flared volume (X) X > limit + 50% limit < X < limit + 40 Mcfd X > limit + 40 Mcfd X = limit + 40 Mcfd
Average Median Average Median Average Median Average Median
Phase-In Flaring |  Flared distance to |distance to |  Flared distance to |distance to [ Flared distance to |distance to [  Flared distance to |distance to
Limit Equivalent volume processing [ processing [ volume processing | processing | volume processing | processing | volume processing | processing
(Mcfd) (Mcfy) Leases | Wells | plant (mi) | plant (mi) | (Mcfy) Leases [ Wells | plant (mi) | plant (mi) | (Mcfy) Leases [ Wells | plant (mi) | plant (mi) | (Mcfy) Leases [ Wells | plant (mi) | plant (mi)
60 147,817 4 14 300.8 299.9 643,235 89 172 11.0 103 | 6,229,717 88 179 11.8 12.2 711,180 2 13 24.0 24.0
120 33,763 2 3 293.0 293.0 705,011 43 97 259 12.9 | 5,439,949 63 129 124 13.1 517417 2 13 24.0 24.0
240 26,330 1 2 295.0 295.0 348,746 19 28 26.6 132 | 4,232,788 43 92 124 132 387,976 2 13 24.0 24.0
Scenario impact
or Operator
response: Automatic exemption Curtail - wait for natural well decline Onsite capture Case-by-case exemption; Curtail
Scenario No. Case #5 Case #6 Case #7 Case #8
Lease Connection Connected N/A
Distance to nearest
processing plant
D) N/A D < 20 miles D > 20 miles N/A
Flared volume (X) limit < X < limit + 40 Mcfd X > limit + 40 Mcfd X > limit + 40 Mcfd X < limit
Average | Median Average Median Average Median Average Median
Phase-In Flaring Flared distance to [distance to |  Flared distance to [distance to|  Flared distance to [distance to|  Flared distance to |distance to
Limit Equivalent volume processing [ processing [ volume processing | processing |  volume processing | processing |  volume processing | processing
(Mctd) (Mcty) Leases | Wells | plant (mi) [ plant (mi) [ (Mcfy) Leases | Wells | plant (mi) [ plant (mi) | (Mcfy) Leases | Wells | plant (mi) | plant (mi) | (Mcfy) Leases | Wells | plant (mi) | plant (mi)
60 687,574 58 110 11.7 11.6 | 4,460,995 58 108 11.0 11.6 626,398 11 38 226.9 298.6 | 2,038,450 468 | 1,173 10.2 9.8
120 300,681 29 51 10.7 11.0 | 3,949,790 44 75 11.1 11.6 575,091 9 23 240.1 298.6 | 4,002,228 481 1,194 10.2 9.8
240 300,477 18 30 115 124 | 3,232,673 25 45 12.0 13.8 513,044 6 18 256.4 299.6 | 6,212,108 491 1,215 10.2 9.8
Scenario impact
or Operator Curtailment of oil production until production declines Curtailment of oil production until production declines
response: or during upset; Gas is royalty bearing Onsite capture; Gas is royalty bearing or during upset; Gas is royalty bearing No response - Flaring below limit
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Table 9b: Summary of Flaring Oil-Well Flaring, Observations from Matched Dataset, Alternative Limit of 4,800 / 2,400 / 1,200 Mcf per month

Scenario No. Case #1 Case #2 | Case #3 Case #4
Lease Connection Unconnected
Distance to
nearest processing
plant (D) D > 50 miles N/A D < 20 miles D > 20 miles (less Case #1 leases)
Flared volume (X) X > limit + 50% limit < X < limit + 40 Mefd X > limit + 40 Mefd X > limit + 40 Mefd
Average Median Average Median Average Median Average Median
Phase-In Flaring |  Flared distance to |distance to|  Flared distance to |distance to|  Flared distance to |distance to |  Flared distance to |distance to
Limit Equivalent | volume processing | processing | volume processing | processing [ volume processing | processing | volume processing | processing
(Mefd) (Mcfy) Leases | Wells [ plant (mi) [ plant (mi) | (Mcfy) Leases | Wells [ plant (mi) | plant (mi) | (Mecfy) Leases [ Wells | plant (mi) [ plant (mi) | (Mcfy) Leases [ Wells [ plant (mi) | plant (mi)
40 147 817 4 14 300.8 299.9 755,019 109 210 16.3 10.6 | 6,494,249 106 203 11.6 12.0 711,180 2 13 240 240
80 117,347 4 14 300.8 299.9 657,106 67 131 15.7 11.0 | 5,867,613 76 151 123 13.0 711,180 2 13 240 240
160 33,763 2 3 292.8 2928 451,415 34 68 11.9 122 | 5,011,349 55 114 127 13.2 494,602 2 13 24.0 240
Scenario impact
or Operator
response: Automatic exemption Curtail - wait for natural well decline Onsite capture Case-by-case exemption; Curtail
Scenario No. Case #5 Case #6 Case #7 Case #8
Lease Connection Connected N/A
Distance to
nearest processing
plant (D) N/A D < 20 miles D > 20 miles N/A
Flared volume (X) limit < X < limit + 40 Mctd X > limit + 40 Mctd X > limit + 40 Mctd X < limit
Average Median Average Median Average Median Average Median
Phase-In Flaring |  Flared distance to |distance to |  Flared distance to |distance to|  Flared distance to |distance to | Flared distance to |distance to
Limit Equivalent | volume processing | processing | volume processing | processing [ volume processing | processing | volume processing | processing
(Metd) (Mcty) Leases [ Wells [ plant (mi) | plant (mi) (Mcfy) Leases | Wells [ plant (mi) | plant (mi) (Mcty) Leases [ Wells | plant (mi) | plant (mi) (Mcfy) Leases [ Wells [ plant (mi) | plant (mi)
40 661,009 79 153 144 10,7 | 4,773,883 65 125 11.2 11.7 628,919 11 38 226.9 298.6 | 1,389,605 456 | 1,141 10.1 9.8
80 577,240 42 7 19.0 123 | 4,250,471 54 95 10.7 1.2 575,091 9 23 240.1 298.6 | 2,791,080 474 | 1,181 10.2 9.8
160 285,587 27 51 319 11.4 | 3,720,006 36 63 11.5 13.0 519,288 7 19 263.1 303.2 | 4,779,572 487 | 1,210 10.2 9.8
Scenario impact
or Operator Curtailment of oil production until production declines Curtailment of oil production until production declines
response: or during upset; Gas is royalty bearing Onsite capture; Gas is royalty bearing or during upset; Gas is royalty bearing No response - Flaring below limit
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Table 9¢c: Summary of Flaring Oil-Well Flaring, Obsetvations from Matched Dataset, Alternative Limit of 9,600 / 4,800 / 2,400 Mcf per month

Scenario No. Case #1 [ Case #2 [ Case #3 Case #4
Lease Connection Unconnected
nearest processing
plant (D) D > 50 miles N/A D < 20 miles D > 20 miles (less Case #1 leases)
Flared volume (X) X > limit + 50% limit < X < limit + 40 Mcfd X > limit + 40 Mcfd X > limit + 40 Mcfd
Average Median Average Median Average Median Average Median
Phase-In Flaring |  Flared distance to |distance to|  Flared distance to [distance to|  Flared distance to |distance to|  Flared distance to |distance to
Limit Equivalent volume processing | processing|  volume processing [ processing| volume processing | processing | volume processing | processing
(Mcfd) (Mcfy) Leases | Wells | plant (mi) | plant (mi) | (Mcfy) Leases | Wells | plant (mi) | plant (mi) | (Mcfy) Leases | Wells | plant (mi) | plant (mi) | (Mcfy) Leases | Wells | plant (mi) | plant (mi)
80 117,347 4 14 300.8 299.9 657,106 67 131 15.7 11.0 | 5,867,613 76 151 123 13.0 711,180 2 13 24.0 24.0
160 33,763 2 3 292.8 292.8 451,415 34 08 11.9 122 | 5,011,349 55 114 12.7 132 494,602 2 13 24.0 24.0
320 - - - - - 391,238 13 30 10.7 11.8 | 3,355,715 33 58 124 132 182,385 2 13 24.0 24.0
Scenario impact
or Operator
response: Automatic exemption Curtail - wait for natural well decline Onsite capture Case-by-case exemption; Curtail
Scenario No. Case #5 Case #6 Case #7 Case #8
Lease Connection Connected N/A
Distance to
nearest processing
plant (D) N/A D < 20 miles D > 20 miles N/A
Flared volume (X) limit < X < limit + 40 Mctd X > limit + 40 Mcfd X > limit + 40 Mcfd X < limit
Average Median Average Median Average Median Average Median
Phase-In Flaring |  Flared distance to |distance to|  Flared distance to [distance to|  Flared distance to |distance to|  Flared distance to |distance to
Limit Equivalent | volume processing | processing |  volume processing | processing |  volume processing | processing | volume processing | processing
(Metd) (Mcfy) Leases | Wells | plant (mi) | plant (mi) | (Mcfy) Leases | Wells | plant (mi) | plant (mi) | (Mcfy) Leases | Wells | plant (mi) | plant (mi) | (Mcfy) Leases | Wells | plant (mi) | plant (mi)
80 577,240 42 97 19.0 123 | 4,250471 54 95 10.7 112 575,091 9 23 240.1 298.6 | 2,791,080 474 | 1,181 102 9.8
160 285,587 27 51 319 114 | 3,720,006 36 063 115 13.0 519,288 7 19 263.1 303.2 | 4,779,572 487 [ 1,210 102 9.8
320 292,425 8 25 51.9 15.0 | 2,820,256 21 34 11.5 138 444,004 5 11 244.7 293.8 | 7,638,834 498 | 1224 102 9.9
Scenario impact
or Operator Curtailment of oil production until production declines Curtailment of oil production until production declines
response: or during upset; Gas is royalty bearing Onsite capture; Gas is royalty bearing or during upset; Gas is royalty bearing No response - Flaring below limit
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Table 9d: Estimated Crude Oil Deferment for Cases 2, 4, 5, 7 of Matched Dataset

Scenario
No. Case #2 Case #4 Case #5 Case #7
Phase-In
Flaring Gas Gas Gas Gas
Limit Volume Oil Oil Volume Oil Oil Volume Oil Oil Volume Oil Oil
Equivalent | Flared Volume Deferred Flared Volume Deferred Flared Volume | Deferred | Flared Volume Deferred
(Mcfd) (Mcty) (bbly) (bbly) (Mcty) (bbly) (bbly) (Mcty) (bbly) (bbly) (Mcty) (bbly) (bbly)
60 | 043,235 | 1,494,392 291,815 711,180 | 1,890,660 | 1,324,762 687,574 | 1,290,909 | 287,045 626,398 284,770 224,529
120 | 705,011 | 1,635,157 270,114 517,417 | 1,132,265 685,894 300,681 660,611 90,893 575,091 259,760 165,409
240 | 348,746 386,660 34,097 387,976 865,871 258,923 300,477 285,256 17,972 513,044 178,808 98,281
40 | 755,019 | 2,002,288 578,476 711,180 | 1,890,660 | 1,513,395 661,009 | 1,716,879 | 537,138 628,919 291,869 248,329
80 | 657,106 | 1,072,658 194,432 711,180 | 1,950,170 | 1,174,994 577,240 783,954 | 156,499 575,091 259,760 196,859
160 | 451,415 551,416 63,734 494,602 | 1,126,542 535,165 285,587 372,021 36,137 519,288 195,372 128,954
80| 657,106 | 1,072,658 194,432 711,180 | 1,950,170 | 1,174,994 577,240 783,954 | 156,499 575,091 259,760 196,859
160 | 451,415 551,416 63,734 494,602 | 1,126,542 535,165 285,587 372,021 36,137 519,288 195,372 128,954
320 | 391,238 472,371 31,648 182,385 342,992 110,525 292,425 181,380 10,308 444,004 169,721 71,197
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Table 9e: Crosswalk for Calculation of Costs and Benefits for Proposed Flaring Limit Phase-in

Scenario

No. Metric 2017 2018 2019 2020 2021 2022 2023 2024 2025 2026
Number of leases 4 8 15 15 15 15 15 15 15 15
Description of leases Not connected; Farther than 50 miles from plant; Flaring in excess of the limit plus 50%

Case 1 Assumed operator

ase . .

response Automatic exemption
Method of cost/benefit
estimation No costs/benefits
Number of leases 73 | 164 | 340 | 340 | 340 | 340 | 340 | 340 | 340 | 340
Description of leases Not connected; Distance to plant irrelevant for estimation purposes; Flaring above the limit but less than 40 Mcfd above the limit
Assumed operator

Case 2 response Curtail oil production while associated gas production naturally declines
Method of cost/benefit | Estimated cost: Difference in the value of crude oil produced one year later;
estimation Estimated benefit (savings): Value of associated gas production occurring one year later
Crude oil deferred (bbl) 130,126 | 1,030,844 | 1,113,659 | 1,113,659 | 1,113,659 | 1,113,659 | 1,113,659 1,113,659 | 1,113,659 | 1,113,659
Gas conserved (Mcf) 121,916 396,177 524,497 524,497 524,497 524,497 524,497 524,497 524,497 524,497
Number of leases 164 240 336 336 336 336 336 336 336 336
Description of leases Not connected; Less than 20 miles from plant; Flaring in excess of the limit plus 40 Mcfd
Assumed operator

Case 3 response Use onsite capture
Method of cost/benefit | Estimated cost: 20% of the value of gas;
estimation Estimated benefit (savings): Value of NGL stripped from the gas (assuming 1.25 gal of NGL per 1 Mcf of gas)
Volume of gas (Mcf) 16,153,701 | 20,760,622 | 23,774,634 | 23,774,034 | 23,774,634 | 23,774,634 | 23,774,634 | 23,774,634 | 23,774,034 | 23,774,634
Number of leases 8 8 8 8 8 8 8 8 8 8
Description of leases Not connected; More than 20 miles from plant (excluding leases in case 1); Flaring in excess of the limit plus 40 Mcfd
Assumed operator

Case 4 response Apply for case-by-case exemption or alternative flaring limit, or curtail production
Method of cost/benefit | Estimated cost: Difference in the value of crude oil produced one year later;
estimation Estimated benefit (savings): Value of associated gas production occurring one year later
Crude oil deferred (bbl) 988,136 | 2,617,596 | 5,055,724 | 5,055,724 | 5,055,724 | 5,055,724 | 5,055,724 | 5,055,724 | 5,055,724 | 5,055,724
Gas conserved (Mcf) 309,869 960,053 | 1,462,890 | 1,462,890 | 1,462,890 | 1,462,890 | 1,462,890 | 1,462,890 | 1,462,890 | 1,462,890
Number of leases 69 111 221 221 221 221 221 221 221 221
Description of leases Connected; Distance to plant irrelevant for estimation purposes; Flaring above the limit but less than 40 Mcfd above the limit

Case 5 Assumed operator

response

Curtail oil production until production naturally decline or the upset ceases

Method of cost/benefit
estimation

Estimated cost: Difference in the value of crude oil produced one year later;
Estimated benefit (savings): Value of associated gas production occurring one year later
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Scenario

No. Metric 2017 2018 2019 2020 2021 2022 2023 2024 2025 2026
Crude oil deferred (bbl) 68,587 346,878 | 1,097,745 | 1,097,745 | 1,097,745 | 1,097,745 | 1,097,745 1,097,745 | 1,097,745 | 1,097,745
Gas conserved (Mcf) 75,094 172,044 618,146 618,146 618,146 618,146 618,146 618,146 618,146 618,146
Number of leases 95 168 221 221 221 221 221 221 221 221
Description of leases Connected; Less than 20 miles from plant; Flaring in excess of the limit plus 40 Mcfd
Assumed opetator

Case 6 response Use onsite capture
Method of cost/benefit | Estimated cost: 20% of the value of gas;
estimation Estimated benefit (savings): Value of NGL stripped from the gas (assuming 1.25 gal of NGL per 1 Mcf of gas)
Volume of gas (Mcf) 12,336,936 | 15,073,688 | 17,024,614 | 17,024,614 | 17,024,614 | 17,024,614 | 17,024,614 | 17,024,614 | 17,024,614 | 17,024,614
Number of leases 23 34 42 42 42 42 42 42 42 42
Description of leases Connected; More than 20 miles from plant (excluding leases in case 1); Flaring in excess of the limit plus 40 Mcfd
Assumed operator

Case 7 response Curtail oil production until production naturally decline or the upset ceases
Method of cost/benefit | Estimated cost: Difference in the value of crude oil produced one year later;
estimation Estimated benefit (savings): Value of associated gas production occurring one year later
Crude oil deferred (bbl) 375,073 631,254 856,877 856,877 856,877 856,877 856,877 856,877 856,877 856,877
Gas conserved (Mcf) 900,058 | 1,370,409 | 1,703,601 | 1,703,601 | 1,703,601 | 1,703,601 | 1,703,601 1,703,601 | 1,703,601 | 1,703,601
Number of leases 1,874 1,836 1,786 1,786 1,786 1,786 1,786 1,786 1,786 1,786
Description of leases Flaring below the limit; Connection status and distane to plant irrelevant for estimation purposes

Case 8 Assumed operator

response

None: Flaring is below the limit

Method of cost/benefit
estimation

No costs/benefits
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3. Results

A summary of the estimated impacts of the proposed requirements and the alternatives considered
are shown in Table 10 and with more detail in Tables 11a-c. Since these sources are not addressed
by the EPA’s proposed Subpart OOOOQa, the estimated impacts of the requirements are not
influenced by that proposal.

Proposed Flaring Limits: Phase in step-down limits of 7,200 / 3,600 / 1,800 Mcf per month

We estimate that the proposed flaring limits would:

e Impact an estimated 435 — 885 leases in any given year;

e Pose total costs of about $32 — 68 million per year (present value calculated using a 7%
discount rate) or $26 — 43 million per year (present value calculated using a 3% discount
rate);

e Pose total cost savings of about $40 — 58 million per year (present value calculated using a
7% discount rate) or $40 — 64 million per year (present value calculated using a 3% discount
rate);

e Increase natural gas production by 2.5 — 5.0 Bcf per year;

e Increase NGL production by 36 — 51 million gallons per year (generated from the productive
use of 28-41 Bcf of natural gas); and

e Result in net benefits ranging from ($10) — $8 million per year (present value calculated using
a 7% discount rate) or $13 — 30 million per year (present value calculated using a 3%
discount rate).

Alternative Flaring Limits: Phase in step-down limits of 4,800 / 2,400 / 1,200 Mcf per month

We estimate that these alternative requirements would:

e Impact an estimated 622 — 1,111 leases in any given year;

e Pose total costs of about $46 — 80 million per year (present value calculated using a 7%
discount rate) or $35 — 47 million per year (present value calculated using a 3% discount
rate);

e DPose total cost savings of about $47 — 64 million per year (present value calculated using a
7% discount rate) or $47 — 69 million per year (present value calculated using a 3% discount
rate);

e Increase natural gas production by 3.0 — 5.8 Bcf per year;

e Increase NGL production by 42 — 54 million gallons per year (generated from the productive
use of 33 — 43 Bcf of natural gas); and

e Result in net benefits ranging from ($16) — §1 million per year (present value calculated using
a 7% discount rate) or $12 — 34 million per year (present value calculated using a 3%
discount rate).
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Alternative Flaring Limits: Phase in step-down limits of 9,600 / 4,800 / 2,400 Mcf per month

We estimate that these alternative requirements would:

e Impact an estimated 313 — 698 leases in any given year;

e DPose total costs of about $22 — 61 million per year (present value calculated using a 7%
discount rate) or $20 — 40 million per year (present value calculated using a 3% discount
rate);

e Pose total cost savings of about $33 — 54 million per year (present value calculated using a
7% discount rate) or $33 — 59 million per year (present value calculated using a 3% discount
rate);

e Increase natural gas production by 2.0 — 4.4 Bcf per year;

e Increase NGL production by 29 — 48 million gallons per year (generated from the productive
use of 24 — 39 Bcf of natural gas); and

e Result in net benefits ranging from ($7) — $10 million per year (present value calculated using
a 7% discount rate) or $13 — 26 million per year (present value calculated using a 3%
discount rate).

Comparison of Proposed Flaring Limit and Alternatives

The results of this analysis, illustrated in Table 10 below, show that among the alternatives
examined, the flaring limit phase-in of 4,800 / 2,400 / 1,200 (Mcf/month) maximizes net benefits
using a 3% discount rate and the flaring limit phase-in of 9,600 / 4,800 / 2,400 (Mcf/month)
maximizes net benefits using a 7% discount rate. The BLM’s proposed flaring limit phase-in of
7,200 / 3,600 / 1,800 (Mcf/month) lies within those two alternatives and was proposed because it
maximizes net benefits at a mid-point discount rate.
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Table 10: Summary of Annual Impacts for Flaring Limit Options and Alternatives

Flaring Limit Options, Phase-in Years 1-3

(Mcf/month)
4,800 / 2,400 / 7,200 / 3,600 / 9,600 / 4,800 /
Metric 1,200 1,800 (Proposed) 2,400
Impacted leases 622 -1,111 435 — 885 313 - 698
Costs — Present value using 7% discount
rate ($ in million) $46 - 80 $32-68 $22-61
— ——0 T
Costs : Prega_nt value using 3% discount $35 — 47 $26 — 43 $20 — 40
rate (§ in million)
Benefits — Present value of Cost Savings
using 7% discount (§ in million) §47 - 64 $40 - 58 $33-54
Benefits — Present value of Cost Savings
using 3% discount (§ in million) $47-69 $40 - 64 $33 -39
Incremental Natural Gas Production (Bcf) 3.0-538 25-50 20-44
Incremental NGL Production (million gal) 42 — 54 36— 51 29 — 48
Net Benefits — Present value using 7% discount rate (§ in million)
Year 2017-2019 ($16) — $1 ($10) — $8 $7) —$10
Year 2020-2024 ($5-9) $2-4 ($2) — %0
Year 2025-2026 $4 [6X)) $0
Net Benefits — Present value using 3% discount rate (§ in million)
Year 2017-2019 $12 - 22 $13-20 $13-19
Year 2020-2024 $30 —33 $27-29 $24 — 26
Year 2025-2026 $34 $29 — 30 $26
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Table 11a: Estimated Impacts of Proposed Flaring Limits (7,200 / 3,600 / 1,800 Mcf pet month)

YEAR 2017 2018 2019 2020 2021 2022 2023 2024 2025 2026

Impacted leases

Case 1 4 8 15 15 15 15 15 15 15 15
Case 2 73 164 340 340 340 340 340 340 340 340
Case 3 164 240 336 330 336 336 336 3306 330 336
Case 4 8 8 8 8 8 8 8 8 8 8
Case 5 69 111 221 221 221 221 221 221 221 221
Case 6 95 168 221 221 221 221 221 221 221 221
Case 7 23 34 42 42 42 42 42 42 42 42
Total impacte 435 733 1,183 1,183 1,183 1,183 1,183 1,183 1,183 1,183
Estimated Cost - Present Value Using 7% Rate (§ in million)

Case 1 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Case 2 $0.61 $3.12 $3.22 $2.52 $2.28 $2.19 $2.13 $2.10 $1.96 $1.88
Case 3 $12.29 $16.34 $18.90 $18.94 $18.20 $17.25 $16.63 $15.84 $15.10 $14.66
Case 4 54.61 §7.92 $14.63 S11.44 $10.37 $9.95 $9.65 $9.51 $8.91 $58.54
Case 5 $50.32 51.05 $3.18 S2.48 $2.25 $2.16 $2.10 §2.07 $1.94 $1.85
Case 6 $9.39 $11.87 $13.54 $13.57 $13.04 $12.36 $11.91 S11.34 $10.81 $10.49
Case 7 $4.61 $7.92 $14.63 $11.44 $10.37 $9.95 $9.65 $9.51 $8.91 $8.54
Total $31.82 $48.22 $68.10 $60.40 $56.52 $53.86 $52.06 $50.37 $47.04 $45.95
Estmated Cost - Present Value Using 3% Rate (§ in million)

Case 1 50.00 $0.00 $0.00 $0.00 50.00 $0.00 $0.00 $0.00 $0.00 $0.00
Case 2 50.28 $0.64 $0.70 $0.05 -50.12 -50.14 -$0.12 -$0.06 -50.14 -50.16
Case 3 $12.29 $16.98 $20.40 $21.24 $21.20 $20.88 $20.90 $20.68 $20.48 $20.65
Case 4 $2.10 $1.63 $3.17 $0.22 -50.55 -$0.62 -$0.54 -$0.26 -$0.62 -50.71
Case 5 $0.15 $0.22 $0.69 $0.05 -50.12 -$0.13 -$0.12 -$0.006 -S0.13 -50.15
Case 6 $9.39 $12.33 $14.61 $15.21 $15.18 $14.95 $14.96 $14.81 $14.67 $14.79
Case 7 $2.10 $1.63 $3.17 $0.22 -50.55 -$0.62 -$0.54 -30.26 -$0.62 -50.71
Total $26.29 $33.43 $42.73 $36.98 $35.03 $34.32 $34.54 $34.85 $33.65 $33.71
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Table 11a: Estimated Impacts of Proposed Flaring Limits (7,200 / 3,600 / 1,800 Mcf pet month)

YEAR 2017 2018 2019 2020 2021 2022 2023 2024 2025 2026
Estimated Benefits - Cost Savings Present Value Using 7% Rate ($ in million)
Case 1 $0.00 $0.00 $0.00 S0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Case 2 $0.46 $1.56 $2.09 $2.09 $2.01 $1.90 $1.83 $1.75 $1.67 $l.62
Case 3 $17.16 $20.59 $22.49 $21.45 $20.63 $19.90 $19.19 $18.50 $17.82 $17.19
Case 4 $1.18 $3.78 $5.82 $5.83 $5.60 $5.31 $5.11 $4.87 $4.65 $4.51
Case 5 50.29 $0.68 $2.46 $2.46 $52.37 $2.24 $2.16 $2.06 $1.96 $1.91
Case 6 $13.11 $14.95 S16.11 $15.36 $14.78 $14.25 $13.74 $13.25 $12.76 $12.31
Case 7 $7.45 $8.64 $9.50 $9.52 $9.15 $8.67 $8.36 $7.96 7.59 §7.37
Total $39.65 $50.20 $58.46 $56.71 $54.54 $52.27 $5(.39 $48.39 $46.45 $44.89
Estimated Benefits - Cost Savings Present Value Using 3% Rate (S in million)
Case 1 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Case 2 50.46 $1.62 $2.25 $2.34 $2.34 $2.30 $2.30 $§2.28 $2.26 $2.28
Case 3 $17.16 $21.39 $24.27 $24.05 $24.03 $24.07 §24.11 $24.15 $24.17 $24.22
Casc 4 S1.18 $3.93 $6.28 $6.53 $56.52 $6.42 $6.43 $6.36 $6.30 $6.35
Case 5 $0.29 S0.70 $2.65 S2.76 $2.76 $2.71 $2.72 $2.69 $2.66 $2.68
Case 6 $13.11 $15.53 $17.38 $17.22 $17.21 $17.24 $17.27 $17.30 $17.31 $17.34
Case 7 $7.45 $8.97 $10.26 $10.68 $10.66 $10.50 $10.51 $10.40 $10.30 $10.38
Total $39.65 $52.14 $63.09 $63.58 $63.52 $63.24 $63.34 $63.18 $63.00 $63.25
Estmated Benefits Incremental Production (Bef)
Case 1 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00
Case 2 0.12 0.40 (.52 0.52 0.52 0.52 0.52 0.52 0.52 0.52
Casc 4 0.31 0.96 1.46 1.46 1.46 146 1.46 1.46 1.46 146
Case 5 0.08 0.17 0.62 0.62 0.62 0.62 0.62 0.62 0.62 0.62
Case 7 1.96 2.19 2.39 2.39 2.39 2.39 2.39 2.39 2.39 239
Tortal 2.46 372 5.00 5.00 5.00 5.00 5.00 5.00 5.00 5.00
Estimated Benefits Incremental Production (million gal of NGIL)
Case 3 20.19 25.95 29.72 29.72 29.72 29.72 29.72 29.72 29.72 29.72
Case 6 15.42 18.84 21.28 21.28 21.28 21.28 21.28 21.28 21.28 21.28
Total 35.61 44.79 51.00 51.00 51.00 51.00 51.00 51.00 51.00 51.00
Net Benefits
Net Benefits $8 §2 -510 -54 -$2 -52 -2 -$2 -$1 -$1
Net Benefits $13 $19 $20 $27 528 $29 $29 §28 $29 $30
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Table 11b: Estimated Impacts of Alternative Flaring Limits (4,800 / 2,400 / 1,200 Mcf per month)

YEAR 2017 2018 2019 2020 2021 2022 2023 2024 2025 2026

Impacted leases

Case 1 8 15 15 15 15 15 15 15 15 15
Case 2 130 256 416 416 416 416 416 416 416 416
Case 3 210 290 405 405 405 405 405 405 405 405
Case 4 8 8 8 8 8 8 8 8 8 8
Case 5 103 160 301 301 301 301 301 301 301 301
Case 6 137 206 248 248 248 248 248 248 248 248
Case 7 27 34 42 42 42 42 42 42 42 42
Total impact 622 969 1,435 1,435 1,435 1,435 1,435 1,435 1,435 1,435
Estimated Cost - Present Value Using 7% Rate (§ in million)

Case 1 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Case 2 $1.13 $2.25 $6.39 $5.00 $4.53 $4.34 $4.22 $4.15 $3.89 $3.73
Case 3 $14.55 $17.63 $19.71 $19.75 $18.98 $17.99 $17.33 $16.51 $15.74 $15.28
Case 4 $9.52 $13.57  S16.71 $13.07 $11.85 $11.37 $11.03 $10.87 $10.18 $9.75
Case 5 $0.64 $1.81 $5.93 $4.64 $4.20 $4.03 $3.91 $3.86 $3.61 $3.46
Case 6 $10.80 $12.77  §14.49 $14.52 $13.95 $13.22 $12.74 $12.14 $11.57 $11.23
Case 7 $9.52 $13.57 $16.71 $13.07 $11.85 $11.37 $11.03 $10.87 $10.18 $9.75
Total $46.18 $61.58 §79.94 $70.05 $65.36 $62.32 $60.26 $58.40 $55.19 $53.20
Estimated Cost - Present Value Using 3% Rate ($ in million)

Case 1 $0.00 $50.00 $0.00 $0.00 $50.00 $0.00 $0.00 50.00 $0.00 $50.00
Case 2 $0.52 $50.46 $1.38 $0.10 -50.24 -$0.27 -50.24 -50.11 -$0.27 -50.31
Case 3 $14.55 $18.31 $21.27 $22.14 $22.10 $21.76 $21.7 $21.56 $21.35 $21.53
Case 4 $4.33 $2.80 $3.62 $0.25 -50.63 -$0.70 -50.62 -50.30 -$0.71 -50.81
Case 5 $0.29 S0.37 $1.29 $0.09 -50.22 -$0.25 -50.22 -S0.11 -$0.25 -50.29
Case 6 $10.80 $13.26 §15.63 $16.27 $16.25 $16.00 $16.01 $15.85 $15.70 $15.82
Case 7 $4.33 $2.80 $3.62 $0.25 -50.63 -$0.70 -50.62 -50.30 -$0.71 -50.81
Total $34.82 $38.01 $46.81 $39.10 $36.62 $35.83 $36.10 $36.58 $35.12 $35.14
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Table 11b: Estimated Impacts of Alternative Flaring Limits (4,800 / 2,400 / 1,200 Mcf per month)

YEAR 2017 2018 2019 2020 2021 2022 2023 2024 2025 2026
Estimated Benefits - Cost Savings Present Value Using 7% Rate (3 in million)
Case 1 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Case 2 $0.77 $2.08 $3.48 $3.49 $3.35 $3.18 $3.06 $2.92 $2.78 $2.70
Case 3 $20.32 $22.21 $23.45 $22.36 $21.51 $20.74 $20.00 $19.28 $18.58 $17.92
Case 4 $2.70 $4.97 $6.81 $6.83 $6.56 $6.22 $5.99 $5.71 $5.44 $5.28
Case 5 $0.38 $1.60 $3.27 $3.28 $3.15 $2.99 $2.88 $2.74 $2.62 $2.54
Case 6 $15.08 $16.09 S$17.24 $16.44 $15.81 $15.25 $14.70 $14.18 $13.66 $13.17
Case 7 $7.54 $8.64 $9.54 $9.50 $9.19 $8.71 $8.39 $7.99 $7.62 $7.40
Total $46.79 $55.60 $63.79 $61.95 $59.58 $57.08 $55.03 $52.82 $50.69 $49.00
Estimated Benefits - Cost Savings Present Value Using 3% Rate (% in million)
Case 1 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Case 2 $0.77 $2.16 $3.76 $3.91 $3.90 $3.84 $3.85 $3.81 $3.77 $3.80
Case 3 $20.32 $23.07  §25.30 $25.07 $25.05 $25.09 $25.14 $25.18 $25.20 $25.24
Case 4 $2.70 $5.17 $7.35 $7.65 $7.64 $7.52 $7.53 $7.45 $7.38 $7.44
Case 5 $0.38 $1.67 $3.53 $3.68 $3.67 $3.62 $3.62 $3.58 $3.55 $3.58
Case 6 $15.08 $16.71 $18.60 $18.43 $18.41 $18.45 $18.48 $18.51 $18.52 $18.56
Case 7 $7.54 $8.97 1 $10.30 $10.72 $10.70 $10.54 $10.55 $10.44 $10.34 $10.42
Total $46.79 $57.76  $68.84 $69.46 $69.38 $69.06 $69.16 $68.96 $68.76 $69.04
Estimated Benefits Incremental Production (Bcf)
Case 1 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00
Case 2 0.20 0.53 0.88 0.88 0.88 (.88 0.88 0.88 0.88 0.88
Case 4 0.71 1.26 1.71 1.71 1.71 1.71 1.71 1.71 1.71 1.71
Case 5 0.10 0.41 0.82 0.82 0.82 0.82 0.82 0.82 0.82 0.82
Case 7 1.98 2.19 2.40 2.40 2.40 2.40 2.40 2.40 2.40 2.40
Total 2.99 4.40 5.81 5.81 5.81 5.81 5.81 5.81 5.81 5.81
Estimated Benefits Incremental Production (million gal of NGL)
Case 3 2391 27.99 30.98 30.98 30.98 30.98 30.98 30.98 30.98 30.98
Case 6 17.75 20.28 2277 2277 22.77 22.77 22.77 22,77 2277 22,77
Total 41.65 48.27 53.75 53.75 53.75 53.75 53.75 53.75 53.75 53.7°
Net Benefits
Net Benefits $1 -36 S16 -$8 -36 -$5 -$5 -$6 -54 -$4
Net Benefits $12 $20 $22 $30 $33 $33 $33 $32 $34 $34
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Table 11c: Estimated Impacts of Alternative Flaring Limits (9,600 / 4,800 / 2,400 Mcf per month)

YEAR 2017 2018 2019 2020 2021 2022 2023 2024 2025 2026

Impacted leases

Case 1 0 8 15 15 15 15 15 15 15 15
Case 2 50 130 256 256 256 256 256 256 256 256
Case 3 126 210 290 290 290 290 290 290 290 290
Case 4 8 8 8 8 8 8 8 8 8 8
Case 5 3 103 160 160 160 160 160 160 160 160
Case 6 80 137 206 206 206 206 206 206 206 206
Case 7 19 27 34 34 34 34 34 34 34 34
Total impact 313 622 969 969 969 969 969 969 969 969
Estimated Cost - Present Value Using 7% Rate (3 in million)

Case 1 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Case 2 $0.56 $0.74 $2.15 $1.68 $1.52 $51.46 $1.42 $1.40 $1.31 $1.25
Case 3 $9.74 $15.05 $17.80 $17.84 $17.15 $16.25 $15.66 $14.92 $14.22 $13.80
Case 4 $1.97 $6.18 $12.98 $10.15 $9.20 $8.83 $8.56 $8.44 $7.91 $7.57
Case 5 $0.18 $0.42 $1.73 $1.35 $1.23 S$1.18 $1.14 §1.12 $1.05 $1.01
Case 6 $8.19 $11.17 $12.90 $12.93 §12.42 $11.77 $11.34 $10.81 $10.30 $10.00
Case 7 $1.97 $6.18 $12.98 $10.15 $9.20 $8.83 $8.56 $8.44 $7.91 $7.57
Total $22.61 $39.74 $560.53 $54.10 $50.71 $48.31 $46.69 $45.12 $42.70 $41.20
Estimated Cost - Present Value Using 3% Rate (§ in million)

Case 1 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Case 2 $0.26 $0.15 $0.47 $0.03 -50.08 -50.09 -50.08 -50.04 -50.09 -50.10
Case 3 $9.74 $15.64 $19.21 $20.00 $19.97 $19.66 $19.68 $19.48 $19.29 $19.45
Case 4 $0.89 $1.27 $2.81 S0.19 -50.49 -50.55 -50.48 -50.23 -50.55 -50.63
Case 5 $0.08 $0.09 $0.37 50.03 -50.07 -50.07 -50.06 -50.03 -50.07 -50.08
Case 6 $8.19 511.61 $13.92 $14.49 $14.47 $14.24 $14.26 $14.11 $13.98 $14.09
Case 7 $0.89 $1.27 $2.81 50.19 -50.49 -50.55 -50.48 -50.23 -$0.55 -50.63
Total $20.06 $30.03 $39.60 $34.94 $33.31 $32.65 $32.84 $33.05 $32.01 $32.10
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Table 11c: Estimated Impacts of Alternative Flaring Limits (9,600 / 4,800 / 2,400 Mcf per month)

YEAR 2017 2018 2019 2020 2021 2022 2023 2024 2025 2026
Estimated Benefits - Cost Savings Present Value Using 7% Rate (S in million)
Case 1 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Case 2 $0.38 $0.80 $2.10 $2.11 $2.03 $1.92 $1.85 §1.76 $1.68 $1.63
Case 3 $13.61 $18.97 $21.18 $20.20 $19.43 $18.74 $18.07 $17.42 $16.78 $16.19
Case 4 $0.61 $2.79 $5.02 $5.03 $4.84 $4.59 $4.42 $4.21 $4.01 $3.89
Case 5 $0.20 $0.40 $1.62 $1.62 $1.56 $1.48 $1.43 $1.36 $1.29 $1.26
Case 6 $11.44 $14.08 $15.35 $14.63 $14.08 $13.57 $13.09 $12.62 $12.16 $11.73
Case 7 $6.45 $7.80 $8.73 $8.74 $8.40 $7.96 $7.67 7.31 $6.97 $6.76
Total $32.69 $44.83 $54.00 $52.35 $50.34 $48.26 $46.53 $44.69 $42.90 $41.46
Estimated Benefits - Cost Savings Present Value Using 3% Rate (S in million)
Case 1 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Case 2 $0.38 $0.83 $2.27 $2.36 $2.36 $2.32 $2.33 $2.30 $2.28 $2.30
Case 3 $13.61 $19.71 $22.86 $22.65 $22.63 $22.67 $22.71 $22.75 $22.77 $22.81
Case 4 $0.61 $2.90 $5.42 $5.64 $5.63 $5.55 $5.55 $5.50 $5.44 £5.49
Case 5 $0.20 $0.41 $1.75 $1.82 $1.82 $1.79 $1.79 §$1.77 $1.76 $1.77
Case 6 $11.44 $14.63 $16.56 $16.41 $16.40 $16.42 $16.45 $16.48 $16.49 $16.52
Case 7 $6.45 $8.10 $9.42 $9.80 $9.79 $9.64 $9.64 $9.54 $9.45 $9.53
Total $32.69 $46.57 $58.28 $58.69 $58.63 $58.39 $58.48 $58.34 $58.19 $58.42
Estimated Benefits Incremental Production (Bcf)
Case 1 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00
Case 2 0.10 0.20 0.53 0.53 0.53 0.53 0.53 0.53 0.53 0.53
Case 4 0.16 0.71 1.26 1.26 1.26 1.26 1.26 1.26 1.26 1.26
Case 5 (.05 0.10 0.41 0.41 0.41 0.41 0.41 0.41 0.41 0.41
Case 7 1.69 1.98 2.19 219 2.19 2.19 2.19 219 219 219
Total 2.01 2.99 4.40 4.40 4.40 4.40 4.40 4.40 4.40 4.40
Estimated Benefits Incremental Production (million gal of NGL)
Case 3 16.01 2391 27.99 27.99 27.99 27.99 27.99 27.99 27.99 27.99
Case 6 13.45 17.75 20.28 20.28 20.28 20.28 20.28 20.28 20.28 20.28
Total 29.46 41.65 48.27 48.27 48.27 48.27 48.27 48.27 48.27 48.27
Net Benefits
Net Benefits $10 $5 -$7 52 S0 $0 $0 $0 $0 $0
Net Benefits 513 $17 519 $24 $25 $26 $26 $25 $26 $26
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B. Flare Metering Requirements

The rule would require the metering of flared volumes when gas flaring meets or exceeds 50
Mcf/day for a flare stack or manifold, unless measurement is impractical. We estimate for the
impacted operations, compliance with this requirement would cost $7,500 per meter and about $500
per year in operating costs. Assuming an equipment life of 10 years, the cost per meter is about
$1,570 per year when we annualize the capital costs using a 7% interest rate or $1,380 per year when
we annualize the capital costs using a 3% interest rate.

We note that since we do not have a count of the flare meters or manifolds in operation, we used
the number of wells as a basis for our impacts estimation. However, since a flare meter or manifold
may serve multiple wells, whose combined flaring would count towards the threshold, the number
of impacted operations might be understated. On the other hand, since we are assuming that a flare
meter would cover a single well and not multiple wells, the number of installations could be
overstated. We believe that these limitiations cancel each other out.

We estimated the number of impacted operations to be 90% of the number of wells flaring above 50
Mcf/day in FY 2014. This is based on the assumption that 10% of the wells cutrently flaring above
these thresholds already have flare meters, which appears reasonable given input from our field
offices. According to these assumptions, we believe that the provisions would impact about 575
existing stacks or manifolds units and about 60 additional new stacks or manifolds per year.

Accordingly, we estimate that the proposed flare metering requirement would impact 635 operations
in 2017 with that number increasing on an annual basis to an estimated 1,175 operations in 2026.
We estimate compliance costs ranging from $1.0 — 1.8 million per year when the capital costs of
equipment are annualized with a 7% discount rate or $0.9 — 1.6 million per year when the capital
costs of equipment are annualized with a 3% discount rate. Since these sources are not addressed by
the EPA’s proposed Subpart OOOQa, the estimated impacts of the requirements are not influenced
by that proposal.

Table 12: Estimated Impacts of Proposed Flare Measurement Requirements

YEAR 2017 2018 2019 2020 2021 2022 2023 2024 2025 2026

Impacted operations

Existing 575 575 575 575 575 575 575 575 575 575
New 60 120 180 240 300 360 420 480 540 600
Total operations 635 695 755 815 875 935 995 1,055 1,115 1,175
Estimated Costs - Capital Costs Annualized Using a 7% Discount Rate ($ in million)

Existing $0.90 $0.90 $0.90 $0.90 $0.90 $0.90 $0.90 $0.90 $0.90 $0.90
New $0.09 $0.19 $0.28 $0.38 $0.47 $0.56 $0.66 $0.75 $0.85 $0.94
Total operations $1.00 $1.09 $1.18 $1.28 $1.37 $1.47 $1.56 $1.65 $1.75 $1.84
Estimated Costs - Capital Costs Annualized Using a 3% Discount Rate (§ in million

Existing $0.79 $0.79 $0.79 $0.79 $0.79 $0.79 $0.79 $0.79 $0.79 $0.79
New $0.08 $0.17 $0.25 $0.33 $0.41 $0.50 $0.58 $0.66 $0.74 $0.83
Total operations $0.88 $0.96 $1.04 $1.12 $1.21 $1.29 $1.37 $1.45 $1.54 $1.62
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C. Royalty Provisions

Royalty payments are income to Federal or Tribal governments and costs to the operator or

lessee. As such, they are transfer payments that do not affect the total resources available to

society. An important, but sometimes difficult, problem in cost estimation is to distinguish between
real costs and transfer payments. While transfers should not be included in the economic analysis
estimates of the benefits and costs of a regulation, they may be important for describing the
distributional effects of a regulation.*

The rule would specify that flared gas is royalty-bearing when a well or area is connected to gas
capture infrastructure to deliver the gas to market. NTL-4A has provisions that allow for an
operator to apply for royalty-free flaring if capturing the gas would render the lease uneconomic,
meaning that if the operator were ordered to capture the gas, then it might choose to shut-in the
well instead. This principle is most appropriately applied to situations where the gas capture
infrastructure does not exist. In reality, operators have requested royalty-free flaring when the gas
capture infrastructure exists but is temporarily unavailable due to gas plant maintenance (often
planned) or disruptions to the capacity of the gathering system and pipelines. Often, the BLM has
approved applications to flare royalty-free during these temporary events, but under some
circumstances, it has denied these applications.

We note that the royalty provisions only apply to gas originating from the Federal and Tribal mineral
estates, and not to gas originating from non-Federal and non-Indian mineral owners. Therefore, we
only estimate incremental royalty for gas from Federal and Indian leases, and for the estimated
Federal and Indian portion of gas produced from leases with mixed owndership.

With respect to the gas flared from gas wells and the impact of the royalty provisions on that flaring,
we assumed that 100% of the gas wells are connected to infrastructure and that 100% of the gas-well
gas that is presently flared would be royalty bearing under this proposed rule. In 2013, the amount
of Federal and Indian gas-well gas flared was 2.4 Bcf and 0.67 Bcf, respectively. We believe that
basing annual out-year estimates for royalty on these assumptions, including these levels of gas
flaring, is reasonable given the recent trends in flaring.

With respect to gas flared from oil wells, we conducted a survey of royalty-free flaring applications
received by the BLM, and found that the percent of gas flaring from connected wells varies by state,
but that the average of the applications surveyed was 45%. After reviewing the flaring dataset from
ONRR, we calculated the amount of gas flared up to the flaring limit equivalent and then assumed
that 45% — corresponding to the 45% of leases that are connected — would be subject to the royalty
requirements of this proposed rule.

92 OMB Circular A-4 “Regulatory Analysis.” September 17, 2003. Available on the web at
https://www.whitehouse.gov/omb/circulars 2004 a-4/.
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We estimate annual incremental royalty from this requirement of about $1.2 — 1.6 million per year
(present value calculated using a 7% discount rate) or $1.5 — 1.7 million per year (present value

calculated using a 3% discount rate).

Table 13: Estimated Incremental Royalty from Specifying Royalty on Gas Flared from
Connected Wells, Present Value ($ in million)

Year

2017

2018

2019

2020

2021

2022

2023

2024

2025

2026

Royalty - Present
Value Calculated
Using a 7%

Discount Rate

$1.50

$1.55

$1.57

$1.57

$1.51

$1.43

$1.38

$1.31

$1.25

$1.21

Royalty - Present
Value Calculated
Using a 3%
Discount Rate

$1.50

$1.601

$1.69

$1.76

$1.76

$1.73

$1.73

$1.71

$1.70

$1.71
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7.7  Well Drilling, Completions, and Maintenance
A. Well Drilling

The proposed rule places capture or flaring requirements on gas generated during drilling
operations. The operator may also reinject the gas or use it for production purposes. The operator
would be allowed to vent the completion gas if it cannot be flared safely. Operators already control
gas from drilling operations as a general matter of safety and operating practice. As such, any costs
associated with this requirement are expected to be de mininis.

B. Well Completions and Other Well Maintenance (Workovers)

The proposed rule places capture or flaring requirements on gas generated during well completion
and post-completion, drilling fluid recovery, or fracturing or refracturing fluid recovery operations.
The operator may also reinject the gas or use it for production purposes. The operator would be
allowed to vent the completion gas if it cannot be flared safely.

For completion and workover operations on conventional oil and gas wells, operators will generally
control gas as a matter of safety and operating practice. However, we expect that there are some
completion and workover operations where the expected volumes of gas are expected to be small
and so the operator might use a completion or workover rig that is not equipped to flare produced
gas. While we expect these occurrences to be rare, the rule’s requirements would instead compel the
operator to use a rig equipped to flare gas, if the volume of gas is technically feasible to flare, at a
cost that we anticipate being relatively small. We estimate these costs below, based on assumptions
that follow.

For completion and workover operations on hydraulically fractured gas wells, operators already
control gas in order to comply with the EPA’s NSPS Subpart OOOO. Therefore, no costs would be
associated with this requirement.

For completion and workover operations on hydraulically fractured oil wells, operators are currently
not required to control gas through the EPA’s NSPS Subpart OOOO. However, the EPA’s
proposed NSPS Subpart OOOOa provisions would require operators to control the gas. Therefore,
assuming that the EPA finalizes that rule, the BLM’s requirements would become effectively moot
for hydraulically fractured or refractured oil wells.

Colorado has existing well completion requirements that cover hydraulic fracturing completions
where recovered fluids are run through a separator; therefore, we removed those estimated
completion activities on Federal and Indian leases from the impacted operations. We would also
expect that some operators control gas from hydraulically fractured oil wells voluntarily; however,
since we do not have data on voluntary compliance, we cannot account for those activities. As such,
we believe that our resulting estimates overstate the true costs of the requirements.
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We estimate the number of impacted completions and workovers of hydraulically fractured oil wells,

using the following data points:

Metric Value Explanation

Number of well completions on Federal and 2,500 | The number of well completions on Federal and

Indian leases in 2016 Indian lands have decreased over the past several
years from about 3,900 in FY 2011, 3,800 in FY
2012, 3,100 in FY 2013, and 2,500 in FY 2014.

Growth rate in completion activity from 3% | BLM assumption recognizing that well

2016 baseline completions in 2014 were lower than any year
from 2010 to 2013.

Percent of well completions on Federal and 90% | Four-year average from 2010 to 2013; AFMSS.

Indian leases not occurring in Colorado

Percent of completions that are oil wells 71% | Based on 2014 data; AFMSS.

Percent of well completions using hydraulic 90% | Assumption based on field experience.

fracturing

Percent of HF oil well completions where 76.36% | Metric used in EPA’s TSD for the NSPS Subpart

the gas can be separated (where gas to oil 0000 (p. 25).

ratio is > 300 scf/bbl)

Percent of wells that are 3.8% | Metric used in EPA’s TSD for the NSPS Subpart

exploratory/delineation wells O000a (p. 25).

Percent of wells that are development wells 96.2% | Metric used in EPA’s TSD for the NSPS Subpart

0O000a (p. 25).

Further, we estimate the engineering costs and emissions reductions for hydraulically fractured oil
wells using the following data points (all dollars are 2012):

Metric Value Explanation

Average daily production of natural gas 999 | Metric used in EPA’s TSD for the NSPS Subpart

(Mcf/event) 0000 (p. 23).

Potential methane emissions (tons/event) 9.72 | Metric used in EPA’s TSD for the NSPS Subpart
000O0a (p. 23).

Potential VOC emissions (tons/event) 8.14 | Metric used in EPA’s TSD for the NSPS Subpart
0000 (p. 23).

REC cost without gas savings ($/event) 13,459 | Metric used in EPA’s TSD for the NSPS Subpart
0000 (p. 31).

Amount of recovered gas (Mcf/event) 899 | Assuming 90% gas recovery per event.

Combustor cost ($/event) 3,523 | Metric used in EPA’s TSD for the NSPS Subpart
0000 (p. 34).

REC and Combustion device cost (§/event) 17,183 | Metric used in EPA’s TSD for the NSPS Subpart
O00O0a (p. 37).

Emissions reduction (%) 95% | Control efficiency.

Percent of exploratory/delineation wells that 100% | Metric used in EPA’s TSD for the NSPS Subpart

will use combustion as control method (%) 0000 (p. 42).

Percent of development wells that will use 50% | Metric used in EPA’s TSD for the NSPS Subpart

REC as control method (%) 0O000a (p. 42).

Percent of development wells that will use 50% | Metric used in EPA’s TSD for the NSPS Subpart

combustion as control method (%0) 0000 (p. 42).

Percent of conventional wells 50% | BLM assumption that half of the conventional

completions/workovers that are
uncontrolled

completions would be controlled and half would
be vented.

73




It is important to note that a single combustion device can be used for multiple operations within
the same year and for future years within the lifetime of the device. Assuming that a combustor will
be used for only one well completion will overstate the actual costs of the device per well
completion. The EPA notes this same limitation in its TSD for Subpart OOOOa.

We also separately examine the requirements for conventional completions and workovers. For the
purposes of the analysis, we assumed that half of the conventional completions and workovers
would be uncontrolled absent the rule. Recovery of gas is not expected from these operations since
the gas volumes are expected to be small. Similarly, we are unable to estimate emissions reductions
for the requirements as they relate to conventional completions and workovers.

Proposed Well Completion and Maintenance Requirements

We estimate that if the EPA did not finalize Subpart OOOOa, the proposed well completion and
well maintenance requirements would:
e Impact up to about 1,250 — 1,575 completions per year;
e Pose total costs of about $8 — 12 million per year (using a 7% discount rate) or $12 million
per year (using a 3% discount rate);
e Result in cost savings of about $2 million per year (using a 7% discount rate) or $2 — 3
million per year (using a 3% discount rate);
e Increase gas production by 0.5 — 0.6 Bcf per year;
e Reduce methane emissions by 11,500 — 14,500 tons per year;
e Produce monetized benefits of the reduced methane emissions of $13 million per year in
2017 - 2019, $16 — 18 million per year in 2020 — 2024, and $21 — 22 million in 2025 and
2026; and
e Reduce VOC emissions by 9,600 — 12,200 tons per year; and
e Produce net benefits of $3 — 4 million per year in 2017 — 2019, $8 — 11 million per year in
2020 — 2024, and 15 million in 2025 and 2026 (considering the present value of costs and
cost savings using a 7% discount rate) or net benefits of $3 — 4 million per year in 2017 —
2019, $7 — 9 million per year in 2020 — 2024, and $12 — 13 million in 2025 and 2026
(considering the present value of costs and cost savings using a 3% discount rate).

If the EPA finalizes Subpart OOOQa, the the BLM’s requirements would practically only impact
conventional well completions. In that case, we estimate that the BLM rule would impact between
115 - 150 completions per year and and pose costs to the industry of less than $430,000 per year.
There would be only de minimis anticipated incremental production, incremental royalty, and
emissions reductions.
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Table 15: Estimated Impacts of Well Completion Requirements, if EPA does not Finalize Subpart OO0Oa

YEAR 2017 2018 2019 2020 2021 2022 2023 2024 2025 2026
Impacted well ompletions
Development oil wells (REC) 544 560 576 591 607 623 639 655 671 686
Development oil wells (Combustion) 544 560 576 591 607 623 639 655 671 686
Exploration/Delineation oil wells 43 44 45 47 48 49 50 52 53 54
Conventional well completions 116 119 123 126 129 133 136 140 143 146
Total well completions 1,247 1,283 1,319 1,356 1,392 1,428 1,465 1,501 1,537 1,573
Estimated Compliance Cost - Present Value Using 7% Rate ($ in million)
HF Development oil wells (REC) $9.35 $8.99 $8.04 $8.30 $7.96 $7.63 $7.32 $7.01 $6.71 $6.42
HF Development oil wells (Combustion) $2.02 $1.95 $1.87 $1.80 $1.72 $1.65 $1.59 $1.52 $1.45 $1.39
HF Exploration/Delineation oil wells $0.16 $0.15 $0.15 $0.14 $0.14 $0.13 $0.13 $0.12 $0.11 $0.11
Conventional well ompletions $0.43 $0.41 $0.40 $0.38 $0.37 $0.35 $0.34 $0.32 $0.31 $0.30
Total well completions $11.96 $11.51  $11.06 $10.62  $10.19 $9.77 $9.36 $8.97 $8.58 $8.21
Estimated Compliance Cost - Present Value Using 3% Rate (§ in million)
HF Development oil wells (REC) $9.35 $9.34 $9.32 $9.30 $9.27 $9.24 $9.20 $9.15 $9.10 $9.04
HF Development oil wells (Combustion) $2.02 $2.02 $2.02 $2.02 $2.01 $2.00 $1.99 $1.98 $1.97 $1.96
HF Exploration/Delineation oil wells $0.16 $0.16 $0.16 $0.16 $0.16 $0.16 $0.16 $0.16 $0.16 $0.15
Conventional well completions $0.43 $0.43 $0.43 $0.43 $0.43 $0.43 $0.42 $0.42 $0.42 $0.42
Total well completions $11.96 $11.95 $11.93 $11.90 $11.87 $11.82 $11.77 $11.71 $11.64 $11.57
Estimated Sodal Costs - CO2 Emissions Additions (tons)
HF Development oil wells (REC) 19 19 20 20 21 21 22 22 23 23
HF Development oil wells (Combustion) 19 19 20 20 21 21 22 22 23 23
HF Exploration/Delineation oil wells 1 2 2 2 2 2
Conventional well completions 4 5 5 5 5 5
Total CO2 Additions 43 44 45 46 48 49 50 51 53 54
Value of CO2 Additions ($MM) $0.002  $0.002  $0.002  $0.002  $0.002  $0.002  $0.002  $0.002  $0.002  $0.003
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Table 15: Estimated Impacts of Well Completion Requirements, if EPA does not Finalize Subpart OO0Oa

YEAR 2017 2018 2019 2020 2021 2022 2023 2024 2025 2026
Estimated Benefits - Cost Savings Present Value Using 7% Rate ($ in million)
HF Development oil wells (REC) $1.86 $1.98 $2.06 $2.12 $2.09 $2.03 $2.01 $1.96 $1.91 $1.90
HF Development oil wells (Combustion) $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
HF Exploration/Delineation oil wells $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Conventional well completions $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Total well completions $1.86 $1.98 $2.06 $2.12 $2.09 $2.03 $2.01 $1.96 $1.91 $1.90
Estimated Benefits - Cost Savings Present Value Using 3% Rate ($ in million)
HF Development oil wells (REC) $1.86 $2.06 $2.22 $2.37 $2.43 $2.46 $2.52 $2.56 $2.60 $2.68
HF Development oil wells (Combustion) $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
HF Exploration/Delineation oil wells $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Conventional well completions $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Total well ompletions $1.86 $2.06 $2.22 $2.37 $2.43 $2.46 $2.52 $2.56 $2.60 $2.68
Estimated Benefits Inaremental Production (Bdf)
HF Development oil wells (REC) 0.49 0.50 0.52 0.53 0.55 0.56 0.57 0.59 0.60 0.62
HF Development oil wells (Combustion) 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00
HF Exploration/Delineation oil wells 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00
Conventional well completions 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00
Total well completions 0.49 0.50 0.52 0.53 0.55 0.56 0.57 0.59 0.60 0.62
Estimated Methane Emissions Reductions (tons)
HF Development oil wells (REC) 5,000 5,200 5,300 5,500 5,600 5,800 5,900 6,000 6,200 6,300
HF Development oil wells (Combustion) 5,000 5,200 5,300 5,500 5,600 5,800 5,900 6,000 6,200 6,300
HF Exploration/Delineation oil wells 400 400 400 400 400 500 500 500 500 500
Conventional well completions 1,100 1,100 1,100 1,200 1,200 1,200 1,300 1,300 1,300 1,400
Total CH4 reductions 11,500 11,800 12,200 12,500 12,900 13,200 13,500 13,900 14,200 14,500
Value of CH4 reductions (§MM) $12.66 $13.03 $13.40 $16.27 $16.71 $17.14 $17.58 $18.02 $21.29 $21.79
Estimated VOC Emissions Reductions
HF Development oil wells (REC) 4,200 4,300 4,500 4,600 4,700 4,800 4,900 5,100 5,200 5,300
HF Development oil wells (Combustion) 4,200 4,300 4,500 4,600 4,700 4,800 4,900 5,100 5,200 5,300
HF Exploration/Delineation oil wells 300 300 400 400 400 400 400 400 400 400
Conventional well completions 900 900 900 1,000 1,000 1,000 1,100 1,100 1,100 1,100
Total VOC reductions 9,600 9,900 10,200 10,500 10,800 11,000 11,300 11,600 11,900 12,200
Net Benefits
Net Benefits - 7% ($ MM) $3 $4 $4 $8 $9 $9 $10 $11 $15 $15
Net Benefits - 3% ($ MM) $3 $3 $4 $7 $7 $8 $8 $9 $12 $13
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7.8 Pneumatic Controllers

The proposed requirement, that continuous pneumatic controllers be low-bleed controllers, would
compel operators to replace exisiting high-bleed continuous pneumatic controllers with low-bleed
continuous pneumatic controllers. The requirements do not apply if a controller with a greater
bleed rate is required based on functional needs, or if the controller exhaust is routed to a flare
device. An exemption from the requirement would also apply if the operator demonstrated that the
replacement would impose costs on the operator such that the operator would cease production and
abandon significant oil reserves. Operators have been required to use low-bleed continuous
controllers at wellsite operations nationwide, for any devices that have been newly installed or
modified since August 23, 2011, to comply with the NSPS Subpart OOOO. Also, Colorado has a
rule that requires the switch to low bleed controllers, and Wyoming requires all controllers in the
Upper Green River Basin (UGRB) to be low bleed by January 2017.

As described in the appendix, we estimated the number of impacted controllers by scaling down the
EPA’s nationwide estimate for the number of pneumatic controllers (listed in the 2015 GHG
Inventory, Annex 3) according to the share of oil and gas production (7.43% and 12.7%,
respectively) coming from Federal and Indian lands in 2013. For the petroleum production segment,
we estimated the number of high bleed pneumatic controllers on Federal and Indian lands to be
about 7.43% of the nationwide amount. We then assumed that 10% of those controllers were high
bleed continuous controllers and also removed the potentially impacted controllers in the states of
Colorado and Wyoming (Upper Green River Basin wells only).

The average capital cost of a low bleed pneumatic controller is estimated to be $2,594, or $369 per
year when the capital costs are annualized with a 7% discount rate over a 10-year period and $304
per year when the capital costs are annualized with a 3% discount rate over a 10-year period.” Thus,
a controller in either the petroleum production segment or natural gas production segment is
expected to pay for itself on an annual basis over the life of the equipment when the proceeds from
additional gas capture are considered.

The engineering costs come from data in the EPA’s Technical Support Document for the NSPS
Subpart OOOO, with costs escalated to 2012 dollars. Savings due to fuel sales were calculated using
the differential of whole gas emission factors from high bleed (37.30 scth) to low bleed (1.39 scth) as
indicated in EPA Subpart W for controllers in the natural gas production segment (40 CFR, Table
W-1A), and the differential of whole gas emission factors from high bleed (17.46 scth) to low bleed
(2.75 scth) as indicated in the 2015 GHG Inventory for controllers in the petroleum production
segment. Methane reductions were calculated using a conversion factor, 1 Mcf of methane = 0.0193
tons of methane. VOC reductions were calculated using a conversion factor, 1 tpy VOC = 0.219 tpy
methane.

93 Controller costs come from EPA (2011b), p. 5-15. Costs ate escalated to 2012 dollars using the CE Indices for 2008
(575.4) and 2012 (584.6). The average controller cost is $2,594 with a range of $532-$8,994.
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Proposed Requirements

We estimate that the proposed pneumatic controller requirements would:

Impact up to about 15,600 existing low-bleed pneumatic devices;

Pose total costs of about $6 million per year (capital costs annualized using a 7% discount
rate) or §5 million per year (capital costs annualized using a 3% discount rate);

Result in cost savings of about §9 — 11 million per year (using a 7% discount rate) or $11 —
12 million per year (using a 3% discount rate);

Increase gas production by 2.9 Bcf per year;

Reduce methane emissions by 43,000 tons per year;

Produce monetized benefits of the reduced methane emissions of $48 million per year in
2017 — 2019, $56 million per year in 2020 — 2024, and $65 million in 2025 and 2026; and

Reduce VOC emissions by about 200,000 tons per year; and

Result in net benefits of $53 million per year in 2017 — 2019, $60 — 62 million per year in
2020 — 2024, and $68 million in 2025 and 2026 (using a 7% discount rate for costs and cost
savings) or net benefits of $54 — 55 million per year in 2017 — 2019, $64 million per year in
2020 — 2024, and $73 million in 2025 and 2026 (using a 3% discount rate for costs and cost
savings).

Since these sources are not addressed by the EPA’s proposed Subpart OOOOa, the estimated
impacts are not influenced by that proposal.

The estimates provided likely overestimate the impacts, both benefits and costs, of the pneumatic
controller requirements, because the requirements do not apply to controllers where a greater bleed
rate is required based on functional needs or if the operator demonstrates that the replacement
would impose costs on the operator such that the operator would cease production and abandon
significant oil reserves. We do not have estimates on the number of pneumatic controllers would
fall into either of these categories.
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Table 16: Estimated Impacts of Pneumatic Controller Requirements

YEAR 2017 2018 2019 2020 2021 2022 2023 2024 2025 2026
Impacted Pneumatic Controllers
Existing controllets - petroleum sector 11,100 11,100 11,100 11,100 11,100 11,100 11,100 11,100 11,100 11,100
Existing controllets - natural gas sector 4,500 4,500 4,500 4,500 4,500 4,500 4,500 4,500 4,500 4,500
Total controllers 15,600 15,600 15,600 15,600 15600 15,600 15,600 15,600 15600 15,600
Estimated Costs - Capital Costs Annualized Using a 7% Discount Rate (§ in million)
Existing controllers - petroleum sector $4.11 $4.11 $4.11 $4.11 $4.11 $4.11 $4.11 $4.11 $4.11 $4.11
Existing controllers - natural gas sector $1.67 $1.67 $1.67 $1.67 $1.67 $1.67 $1.67 $1.67 $1.67 $1.67
Total controllers $5.78 $5.78 $5.78 $5.78 $5.78 $5.78 $5.78 $5.78 $5.78 $5.78
Estimated Costs - Capital Costs Annualized Using a 3% Discount Rate (§ in million)
Existing controllers - petroleum sector $3.39 $3.39 $3.39 $3.39 $3.39 $3.39 $3.39 $3.39 $3.39 $3.39
Existing controllers - natural gas sector $1.37 $1.37 $1.37 $1.37 $1.37 $1.37 $1.37 $1.37 $1.37 $1.37
Total controllers $4.76 $4.76 $4.76 $4.76 $4.76 $4.76 $4.76 $4.76 $4.76 $4.76
Estimated Costs - CO2 Emissions Additions (tons)
Existing controllers - petroleum sector 55 55 55 55 55 55 55 55 55 55
Existing controllers - natural gas sector 54 54 54 54 54 54 54 54 54 54
Total controllers 109 109 109 109 109 109 109 109 109 109
Value of CO2 Additions (§MM) $0.004  $0.004  $0.004 $0.005  $0.005  $0.005  $0.005  $0.005  $0.005  $0.005
Estimated Benefits - Cost Savings Present Value Using 7% Rate ($ in million)
Existing controllers - petroleum sector $5.46 $5.65 $5.71 $5.72 $5.50 $5.21 $5.02 $4.78 $4.56 $4.43
Existing controllers - natural gas sector $5.40 $5.59 $5.65 $5.66 $5.44 $5.15 $4.97 $4.73 $4.51 $4.38
Total controllers $10.87 $11.24 $11.36  $11.38  $10.94  $10.36 $9.99 $9.51 $9.07 $8.80
Estimated Benefits - Cost Savings Present Value Using 3% Rate (§ in million)
Existing controllers - petroleum sector $5.46 $5.87 $6.16 $6.41 $6.40 $6.30 $6.31 $6.24 $6.19 $6.24
Existing controllers - natural gas sector $5.40 $5.81 $6.09 $6.34 $6.33 $6.24 $6.24 $6.18 $6.12 $6.17
Total controllers $10.87  $11.68 $12.25 $12.76  $12.74 $12.54 $12.55 $12.42  $12.30  $12.40
Estimated Benefits Incremental Production (Bdf)
Existing controllers - petroleum sector 1.44 1.44 1.44 1.44 1.44 1.44 1.44 1.44 1.44 1.44
Existing controllers - natural gas sector 1.42 1.42 1.42 1.42 1.42 1.42 1.42 1.42 1.42 1.42
Total controllers 2.86 2.86 2.86 2.86 2.86 2.86 2.86 2.86 2.86 2.86
Estimated Methane Emissions Reductions (tons)
Existing controllers - petroleum sector 21,800 21,800 21,800 21,800 21,800 21,800 21,800 21,800 21,800 21,800
Existing controllers - natural gas sector 21,600 21,600 21,600 21,600 21,600 21,600 21,600 21,600 21,600 21,600
Total CH4 reductions 43,400 43,400 43400 43,400 43,400 43,400 43400 43,400 43,400 43,400
Value of CH4 reductions ($MM) $47.78  $47.78 $47.78  $56.47  $56.47  $56.47  $56.47 $56.47  $65.16  $65.16
Estimated VOC Emissions Redudions
Existing controllets - petroleum sector 100,000 100,000 100,000 100,000 100,000 100,000 100,000 100,000 100,000 100,000
Existing controllets - natural gas sector 99,000 99,000 99,000 99,000 99,000 99,000 99,000 99,000 99,000 99,000
Total VOC reductions 199,000 199,000 199,000 199,000 199,000 199,000 199,000 199,000 199,000 199,000
Net Benefits
Net Benefits - 7% ($ MM) 53 53 53 62 62 61 61 60 68 68
Net Benefits - 3% (§ MM) 54 55 55 64 64 64 64 64 73 73
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7.9 Pneumatic Pumps

The proposed requirements would require the operator either to replace a covered pneumatic pump
with a zero-emissions pump or to control the releases from the pump by routing them to a flare.
The requirements do not apply if the existing pump is required based on functional needs, and there
cither is no existing flare device on site or routing to an existing flare device is technically infeasible.
An exemption from the requirement would also apply if the operator demonstrated that the
replacement would impose costs on the operator such that the operator would cease production and
abandon significant oil reserves.

The NSPS Subpart OOOOa proposal would require operators to control the emissions from new or
modified pneumatic pumps. Therefore, to the extent that the EPA finalizes that rule, the BLM’s
requirements would not apply to new or modified pumps, but would apply to pumps exisiting prior
to the publication date of the Subpart OOOOa proposal. Accordingly, we analyze the potential
impacts of the BLM’s proposal under two scenarios: if the EPA finalizes Subpart OOOOa and if it
does not. In addition, Wyoming will regulate pneumatic pumps in the UGRB beginning in January
2017. Therefore, we removed these facilities from those impacted by the BLM’s rule.

To determine the number of impacted existing pumps, we scaled down the EPA’s nationwide
estimate for the number of pneumatic controllers (listed in the 2015 GHG Inventory, Annex 3)
according to the share of oil and gas production coming from Federal and Indian lands in 2013. We
then reduced the number of impacted pumps by 12%, or the share of producing oil and gas wells in
Wyoming’s UGRB, since those pumps should already be in compliance with the BLM’s rule by the
time it would be effective. We estimated the number of impacted new pumps per year by scaling
down the estimated number of pumps impacted by the Subpart OOOOQa regulations by 20%
(roughly the combined share of oil and gas production coming from Federal and Indian lands in
2013). We then reduced that number by 40.5%, or the share of well completions in Utah and
Wyoming’s UGRB in 2013.

As a result of this formulation, we estimate that if the Subpart OOOOa were not finalized, the
BLM’s requirements would impact about 8,775 existing pumps and about 75 new pumps per year.
The actual number of impacted pumps is expected to be lower than the estimate due to the
exemptions provided in the rule.

The replacement of gas-assisted pumps may vary in cost and feasibility. We describe the costs and
considerations presented in the EPA’s Technical Support Document for the NSPS Subpart
O000a (pp. 174-175):

e Cost to convert to solar powered pump: $2,300/device;

e Cost to convert to electric pump: $1,807 to $5,352/device, plus $263/yr in maintenance;

e Cost to convert to instrument air: varies, depending on the size of the compressor, power

supply, labor, and equipment;

e Cost to route to an existing control device: $1,500/device;

e Cost to route to new control device: $48,500/device, plus $104,000/yr in operating costs;

e Cost to route to an existing capture system: $1,500/device; and

e Cost to route to a new capture system: $36,000/device, plus $7,500/yr in operating costs.
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We estimate the engineering costs and emissions reductions for the pneumatic device requirements
using the following data points:

Metric Value Explanation

Percent of new pumps that are diaphragm 50% | EPA’s TSD for the NSPS Subpart

pumps (%) 0O00O0a (p. 172).

Percent of new pumps that are piston pumps 50% | EPA’s TSD for the NSPS Subpart

(%) 0O00O0a (p. 172).

Methane emission factor for diaphragm pumps 3.46 | EPA’s TSD for the NSPS Subpart

(tpy/pump) 000O0a (p. 172).

Methane emission factor for piston pumps 0.38 | EPA’s TSD for the NSPS Subpart

(tpy/pump) 000O0a (p. 172).

VOC emission factor for diaphragm pumps 0.96 | EPA’s TSD for the NSPS Subpart

(tpy/pump) 0O00O0a (p. 172).

VOC emission factor for piston pumps 0.11 | EPA’s TSD for the NSPS Subpart

(tpy/pump) O00O0a (p. 172).

Percent emission reduction for all pumps (%0) 95% | EPA’s TSD for the NSPS Subpart
0O00O0a (p. 202).

Annualized cost of control or replacement $285 | EPA’s TSD for the NSPS Subpart

($/pump) (in 2012 dollars) O0O0Oa (p. 201). The EPA presents costs

using a 7% discount rate only, explaining
that the difference in costs among the
discount rates is minot.

Gas savings for diaphragm pump control or 187 | EPA’s TSD for the NSPS Subpart
replacement (Mcf/yr) 0O000a (p. 201).

Gas savings for piston pump control or 21 | EPA’s TSD for the NSPS Subpart
replacement (Mcf/yr) 0O000a (p. 201).

Percent of controls or replacements that will 50% | BLM assumption.

capture gas

Percent of controls or replacements that will 50% | BLM assumption.

route to combustor

Proposed Requirements

We estimate that if the Subpart OOOOa proposal is not finalized, the proposed pneumatic pump
requirements would:
e Impact up to about 8,775 existing pumps and about 75 new pumps per year;
e DPose total costs of about $2.5 — 2.7 million per year (capital costs annualized using 7% and
3% discount rates);
e Result in cost savings of about $2 million per year (present value of costs savings calculated
using 7% and 3% discount rates);
e Increase gas production by 0.5 Bcf per year;
e Reduce methane emissions by about 16,000 — 17,000 tons per year;

e Produce monetized benefits of the reduced methane emissions of $18 million per year in
2017 - 2019, $22 million per year in 2020 — 2024, and $26 million in 2025 and 2026;

e Reduce VOC emissions by about 4,000 tons per year; and

e Result in net benefits of $17 million per year in 2017 — 2019, $21 — 22 million per year in
2020 — 2024, and $25 million in 2025 and 2026.
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If the EPA finalizes Subpart OOOOQa, the BLM’s requirements would practically only impact
existing pumps and not new pumps. Therefore, we estimate that the rule would impact up to 8,775
existing pumps, pose compliance costs of about $2.5 million per year, result in cost savings of $1.5 —
1.9 million per year (using a 7% discount rate) or $1.75 — 2.15 million per year (using a 3% discount
rate), increase gas production by 0.46 Bcf per year, reduce methane emissions by 16,000 tons per
year, produce monetized benefits of the reduced methane emissions of $18 million per year in 2017
— 2019, $21 million per year in 2020 — 2024, and $24 million per year in 2025 and 2026, reduce VOC
emissions by 4,000 tons per year, and result in net benefits of $17 million per year in 2017 — 2019,
$20 million per year in 2020 — 2024, and $23 million per year in 2025 and 2020.
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Table 17: Estimated Impacts of Pneumatic Pump Requirements

YEAR 2017 2018 2019 2020 2021 2022 2023 2024 2025 2026
Impacted Pneumatic Pumps
Existing pumps 8,775 8,775 8,775 8,775 8,775 8,775 8,775 8,775 8,775 8,775
New pumps 75 150 225 300 375 450 525 600 675 750
Total pumps 8,850 8,925 9,000 9,075 9,150 9,225 9,300 9,375 9,450 9,525
Estimated Costs - Capital Costs Annualized Using a 7% and 3% Discount Rate (§ in million)
Existing pumps $2.50 $2.50 $2.50 $2.50 $2.50 $2.50 $2.50 $2.50 $2.50 $2.50
New pumps $0.02 $0.04 $0.06 $0.09 $0.11 $0.13 $0.15 $0.17 $0.19 $0.21
Total pumps $2.52 $2.54 $2.57 $2.59 $2.61 $2.63 $2.65 $2.67 $2.69 $2.71
Estimated Costs - CO2 Emissions Additions (tons)
Existing pumps 35 35 35 35 35 35 35 35 35 35
New pumps 0 1 1 1 1 2 2 2 3 3
Total pumps 35 35 36 36 36 36 37 37 37 38
Value of CO2 Additions ($MM) $0.001  $0.001  $0.001  $0.002  $0.002  $0.002  $0.002  $0.002  $0.002  $0.002
Estimated Benefits - Cost Savings Present Value Using 7% Rate ($ in million)
Existing pumps $1.74 $1.80 $1.81 $1.82 $1.75 $1.66 $1.60 $1.52 $1.45 $1.41
New pumps $0.01 $0.03 $0.05 $0.06 $0.07 $0.08 $0.10 $0.10 $0.11 $0.12
Total pumps $1.75 $1.83 $1.86 $1.88 $1.82 $1.74 $1.69 $1.62 $1.56 $1.53
Estimated Benefits - Cost Savings Present Value Using 3% Rate ($ in million)
Existing pumps $1.74 $1.87 $1.96 $2.04 $2.03 $2.00 $2.01 $1.98 $1.97 $1.98
New pumps $0.01 $0.03 $0.05 $0.07 $0.09 $0.10 $0.12 $0.14 $0.15 $0.17
Total pumps $1.75 $1.90 $2.01 $2.11 $2.12 $2.11 $2.13 $2.12 $2.12 $2.15
Estimated Benefits Inaremental Production (Bdf)
Existing pumps 0.46 0.46 0.46 0.46 0.46 0.46 0.46 0.46 0.46 0.46
New pumps 0.00 0.01 0.01 0.02 0.02 0.02 0.03 0.03 0.04 0.04
Total pumps 0.46 0.46 0.47 0.47 0.48 0.48 0.48 0.49 0.49 0.50
Estimated Methane Emissions Reductions (tons)
Existing pumps 16,000 16,000 16,000 16,000 16,000 16,000 16,000 16,000 16,000 16,000
New pumps 100 300 400 500 700 800 1,000 1,100 1,200 1,400
Total CH4 reductions 16,100 16,300 16,400 16,600 16,700 16,800 17,000 17,100 17,200 17,400
Value of CH4 reductions ($MM) $17.76  $17.91  $18.06  $21.52  $21.70  $21.87 $22.05 $22.23  $25.86  $26.06
Estimated VOC Emissions Reductions (tons)
Existing pumps 4,000 4,000 4,000 4,000 4,000 4,000 4,000 4,000 4,000 4,000
New pumps 40 80 110 150 190 230 270 300 340 380
Total VOC reductions 4,040 4,080 4,110 4,150 4,190 4,230 4,270 4,300 4,340 4,380
Net Benefits
Net Benefits - 7% ($ MM) 17 17 17 21 21 21 21 21 25 25
Net Benefits - 3% (§ MM) 17 17 17 21 21 21 22 22 25 25
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7.10 Liquids Unloading

The rule requires operators to monitor and report on liquids unloading activities, if the operator
does not use an automated system, to help minimize the venting and loss of gas during liquids
unloading to only the amount necessary to bring the well back into production. The operator may
choose to install an automated system and avoid the monitoring and reporting requirements
altogether. The proposed requirements covering liquids unloading activities will have an unclear
impact. First, we do not know precisely how many wells would be affected by the requirements. We
estimate that there are about 8,500 operating gas wells where gas is vented during liquids unloading.
Of those wells, we estimate that about 6,950 wells (or 82%) are equipped with plunger lifts, while
1,550 wells (or 18%) are not equipped with plunger lifts. The wells impacted by the requirements
would be those 1,550 wells that are not equipped with plunger lifts. In addition to those wells, there
is the likelihood that some number of currently producing gas wells will develop liquids
accumulation issues in the future, and depending on how the operator removes the liquids from the
wellbore, those wells could potentially be impacted by the requirements.

The actual impact on the affected wells is also uncertain. Operators may choose to install equipment
to remove liquids, if appropriate, or they may undertake monitoring activities. Regarding the
monitoring requirements, we do not anticipate any additional burdens to the operator for two
reasons. First, a prudent operator is expected to remain onsite for the duration of the liquids
unloading activity to minimize the unnecessary loss of gas. It is in the best interest of the operator to
limit the venting of gas to only that amount which is necessary to remove liquids from the wellbore
and return the well to production. Second, the available data show that average vent times are
relatively short in duration, further supporting the idea that the operator would remain onsite. Data
from Shires & Lev-on analysis of API/ANGA survey data, for wells in the Rocky Mountain region,
indicate that the average vent times for wells equipped with plunger lifts and wells not equipped with
plunger lifts were 0.93 and 1.89 hours per event, respectively. Allen et al. (2013) found, for wells in
the Rocky Mountain region, that average vent times for wells not equipped with plunger lifts were
0.73 hours per event.

For wells drilled after the effective date of the rule, the rule would prohibit the operator from using
well purging to unload liquids. It is also unclear what impact this requirement would have.
According to the 2015 GHG Inventory, almost 8% of all gas wells vent during liquids unloading but
are not equipped with plunger lifts, while almost 5% vent but have plunger lifts. In the Rocky
Mountain region, where 90% of the gas wells on Federal and 94% of the gas wells on Indian lands
are located, gas wells with plunger lifts are far more common relative to the national average. In this
region, about 1.5% of wells vent but are not equipped with plunger lifts, while almost 13% vent and
have plunger lifts.

These data demonstrate that operators commonly use plunger lift systems in areas where the vast
majority of gas wells on Federal and Indian lands are located. As a consequence, we would expect a
high degree of voluntary compliance with this requirement, but we also might expect that roughly 25
gas wells per year might develop liquids loading problems where the operators would not install
plunger lifts absent this rule. We developed these estimates assuming about 900 gas well completions
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per year in the future on Federal and Indian lands® and a regional distribution of new wells
consistent with the distribution of currently producing gas wells.” The estimated number of wells
without plunger lifts, by region, are based on data from the 2015 GHG Inventory, Annex 3.

Table 18: Estimated Annual New Gas Wells Completions and Wells that Would Not be
Equipped with Plunger Lifts

Federal Lands Indian Lands

Estimated wells

Estimated wells that would
that would develop liquids

develop liquids loading
Estimated gas | loading problems problems and
well and not use Estimated gas not use plunger
Region completions plunger lifts well completions lifts

Northeast 11 1 0 0
Midcontinent 14 1 6 0
Rocky Mtn 722 11 93 1
Southwest 44 9 0 0
West Coast 1 0 0 0
Gulf Coast 10 1 0 0
Total 801 22 99 2

Since the gas wells that encounter liquids accumulation problems generally do so after the well starts
going into decline, the timing of any future impacts of this rule is also uncertain. It seems reasonable
to conclude that the potentially impacted new wells would develop liquids loading problems many
years after the effective date of the rule.

The EPA’s Gas Star Program has shown that interventions taken (where plunger lift or other) at the
start of a well’s decline have been more successful than interventions taken at a later time. The cost
of various alternatives uncontrolled liquids unloading are shown in Table 20 (in 2012 dollars), but
these costs do not include the sale of recovered gas nor the benefits to well productivity. The
annualized cost of a plunger lift is estimated to be $1,845 - $2,816 using a 7% discount rate. The
annualized cost of a “smart” (or automated) plunger lift is estimated to be $2,471 - $4,520 using a
7% discount rate. Both estimates are based on an equipment life of 10 years.

The costs presented in the table do not include sales from the recovered gas. The Gas STAR
Program information indicates that operators installing plunger lifts may experience increases in
production from two effects — gas that was vented is now captured and the well’s production decline
may slow improving productivity. The gains are well specific but it was the experience of the Gas
Star partners that the sales of gas from these two effects paid for the plunger lift.

4 Or that about 30% of future well completions, numbering 3,000 per year, would be on gas wells. These assumptions
are consistent with recent trends in completions on Federal and Indian lands.
% As of January 1, 2015.
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Opverall, as was demonstrated by the experiences of the Gas STAR Program partners, we would
expect that the boost in well productivity and the sale of recovered gas would pay for the capital
costs of the production equipment and installation.

Table 19: Annualized Cost of Methods to Unload Liquids

"Smart" Traditional Remedial
Cost Category Plunger Lift | Plunger Lift Beam Lift Treatment
Capital and Startup Costs (2012) $2,274 - $6,670 - $30,315 - $0
$9,094 $21,062 $60,628
Maintenance (2012)($/yr) $1,521 $1,521 $1,521 - $0
$22.818
Well Treatment (2012) $0 $0 $15,446+ $15,446+
Electrical (2012)($/y1) $0 $0 $1,170 - $0
$8,542
Salvage (2012) $0 $0 ($14,042 - $0
$48,561)
Annualized costs (using 3% interest, $1,788 - $2,303 - $6,410 - $1,811
10 year equipment life) 2,587 $3,990 $34,585
Annualized costs (using 7% interest, $1,845 - $2,471 - $7,207 - $2,199
10 year equipment life) $2,816 $4,520 $35,277

Source: Plunger lift, traditional beam lift, and remedial treatment cost data come from EPA (20006), p. 7. Smart
plunger lift cost data come from EPA (2011b), p.11, except for maintenance costs which are assumed to be the
same as for a plunger lift. Costs are escalated to 2012 dollars using the CE Indices for 2006 (499.6), 2011 (585.7),
and 2012 (584.6). Remedial treatment includes soaping, swabbing, and blowing down. For traditional beam lift,
maintenance costs include workovers and assume 1 to 15 workovers per year. The table does not include savings
due to fuel sales, although these are possible with with plunger lifts, smart plunger lifts, and beam lifts.

For the purposes of this analysis, we estimate impacts of the liquids unloading requirements,
assuming that operators would install smart or automated plunger lifts on the impacted wells. Our

assumptions are as follows:

e Impacted wells include 1,550 existing wells and 25 new wells per year;

e Plunger lift costs of about $3,500 (capital costs annualized using a 7% discount rate) or

$3,150 (capital costs annualized using a 3% discount rate). These amounts are generally the
midpoints of the cost ranges for smart plunger lifts listed in the above table;

e (Gas savings of 1,244 Mcf per year per well. This volume is the weighted average of the
differences in gas venting for wells not equipped with lifts and wells equipped with lifts

estimated to be on Federal and Indian lands, by region. The emissions data, by region, come

from the most recent EPA GHG Inventory, Annex 3.
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Estimated

number of
existing wells that Gas venting Gas venting with

would be without plunger plunger lifts Difference
NEMS REGION impacted lifts (Mcfy/well) (Mcty/well) (Mcfty/well)
Northeast 81 315 166 -149
Midcontinent 54 1380 230 -1150
Rocky Mountain 799 154 2578 2424
Southwest 565 4 97 93
West Coast 4 345 304 -41
Gulf Coast 44 70 301 231

Weighted

Total 1,547 Average 1,244

e Methane reductions in tons were calculated using a conversion factor, 1 Mcf of methane =
0.0193 tons of methane;
e VOC reductions were calculated using a conversion factor, 1 tpy VOC = 0.219 tpy methane.

Proposed Requirements

We estimate that the proposed liquids unloading requirements would:

e Impact up to about 1,550 existing wells and about 25 new wells per year;

e DPose total costs of about §6 million per year (capital costs annualized using a 7% discount
rate) or $5 — 6 million per year (capital costs annualized using a 3% discount rate);

e Result in cost savings of about $7 — 8 million per year (using a 7% discount rate) or $7 — 10
million per year (using a 3% discount rate);

e Increase gas production by roughly 2 Bcef per year;
e Reduce methane emissions by 30,000 — 34,000 tons per year;

e Produce monetized benefits of the reduced methane emissions of $33 — 34 million per year
in 2017 — 2019, $41-43 million per year in 2020 — 2024, and $50 — 51 million in 2025 and

2026; and

e Reduce VOC emissions by about 136,000 — 156,000 tons per year; and

¢ Result in net benefits of $35 — 36 million per year in 2017 — 2019, $43 — 44 million per year in
2020 — 2024, and $51 — 52 million in 2025 and 2026 (using a 7% discount rate for costs and
cost savings) or $35 — 37 million per year in 2017 — 2019, $45 — 47 million per year in 2020 —
2024, and $54 — 55 million in 2025 and 2026 (using a 3% discount rate for costs and cost

savings).

Since these sources are not addressed by the EPA’s proposed Subpart OOOOa, the estimated
impacts are not influenced by that proposal.

The estimates provided likely overestimate the impacts of the rule, because the liquids unloading
requirements do not require the operator to install a plunger lift in all circumstances. Also, since the
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use of plunger lifts is reportedly common among operators, it is possible that operators have already
installed lift systems on wells where the installations are feasible and that the remaining wells are
those where such installations are infeasible. Accordingly, the operators might not realize the
amount of gas savings assumed in conducting this analysis.
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Table 20: Estimated Impacts ofLiquids Unloading Requirements

YEAR 2017 2018 2019 2020 2021 2022 2023 2024 2025 2026
Impacted Pneumatic Controllers
Existing wells 1,550 1,550 1,550 1,550 1,550 1,550 1,550 1,550 1,550 1,550
New wells 25 50 75 100 125 150 175 200 225 250
Total wells 1,575 1,600 1,625 1,650 1,675 1,700 1,725 1,750 1,775 1,800
Estimated Costs - Capital Costs Annualized Using a 7% Discount Rate ($ in million)
Existing wells $5.43 $5.43 $5.43 $5.43 $5.43 $5.43 $5.43 $5.43 $5.43 $5.43
New wells $0.09 $0.18 $0.26 $0.35 $0.44 $0.53 $0.61 $0.70 $0.79 $0.88
Total wells $5.51 $5.60 $5.69 $5.78 $5.86 $5.95 $6.04 $6.13 $6.21 $6.30
Estimated Costs - Capital Costs Annualized Using a 3% Discount Rate ($ in million)
Existing wells $4.88 $4.88 $4.88 $4.88 $4.88 $4.88 $4.88 $4.88 $4.88 $4.88
New wells $0.08 $0.16 $0.24 $0.32 $0.39 $0.47 $0.55 $0.63 $0.71 $0.79
Total wells $4.96 $5.04 $5.12 $5.20 $5.28 $5.36 $5.43 $5.51 $5.59 $5.67
Estimated Costs - CO2 Emissions Additions (tons)
Existing wells 73 73 73 73 73 73 73 73 73 73
New wells 1 2 4 5 6 7 8 9 11 12
Total wells 74 76 77 78 79 80 82 83 84 85
Value of CO2 Additions ($MM) $0.003  $0.003  $0.003  $0.003  $0.003  $0.003  $0.004  $0.004  $0.004  $0.004
Estimated Benefits - Cost Savings Present Value Using 7% Rate (§ in million)
Existing wells $7.34 $7.59 $7.67 $7.68 $7.38 $7.00 $6.74 $6.42 $6.12 $5.94
New wells $0.12 $0.24 $0.37 $0.50 $0.60 $0.68 $0.76 $0.83 $0.89 $0.96
Total wells $7.45 $7.83 $8.04 $8.18 $7.98 $7.67 $7.50 $7.25 $7.01 $6.90
Estimated Benefits - Cost Savings Present Value Using 3% Rate (§ in million)
Existing wells $7.34 $7.88 $8.27 $8.61 $8.60 $8.47 $8.47 $8.39 $8.31 $8.37
New wells $0.12 $0.25 $0.40 $0.56 $0.69 $0.82 $0.96 $1.08 $1.21 $1.35
Total wells $7.45 $8.14 $8.67 $9.17 $9.29 $9.28 $9.43 $9.47 $9.51 $9.72
Estimated Benefits Inaremental Produdion (Bdf)
Existing wells 1.93 1.93 1.93 1.93 1.93 1.93 1.93 1.93 1.93 1.93
New wells 0.03 0.06 0.09 0.12 0.16 0.19 0.22 0.25 0.28 0.31
Total wells 1.96 1.99 2.02 2.05 2.08 2.11 2.15 2.18 2.21 2.24
Estimated Methane Emissions Redudtions (tons)
Existing wells 29,300 29,300 29,300 29,300 29,300 29,300 29,300 29,300 29,300 29,300
New wells 500 900 1,400 1,900 2,400 2,800 3,300 3,800 4,300 4,700
Total CH4 reductions 29,800 30,300 30,700 31,200 31,700 32200 32,600 33,100 33,600 34,100
Value of CH4 reductions ($MM) $32.78  $33.30  $33.82  $40.58  $41.20  $41.81  $42.43  $43.04  $50.37  $51.08
Estimated VOC Emissions Redudtions
Existing wells 134,000 134,000 134,000 134,000 134,000 134,000 134,000 134,000 134,000 134,000
New wells 2,000 4,000 6,000 9,000 11,000 13,000 15,000 17,000 19,000 22,000
Total VOC reductions 136,000 138,000 140,000 143,000 145,000 147,000 149,000 151,000 153,000 156,000
Net Benefits
Net Benefits - 7% ($ MM) 35 36 36 43 43 44 44 44 51 52
Net Benefits - 3% ($ MM) 35 36 37 45 45 46 46 47 54 55
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7.11 Storage Tanks

The proposed requirements, that operators either capture or combust gases coming from storage
tanks with the potential to emit at or above 6 tpy of VOC (with exceptions to this requirement),
would impact an estimated 292 storage tanks or tank batteries on Federal and Indian lands. The
EPA’s NSPS currently regulates new or modified storage tanks above a 6 tpy of VOC threshold, and
the proposed rule would not affect those tanks. Similarly, the state of Colorado regulates new and
existing storage tanks above a 6 tpy of VOC threshold and the state of Utah requires the control of
tank emissions, and the proposed rule would not, as a practical matter, require any additional
controls on tanks in Colorado and Utah. Wyoming regulates new and existing storage tanks in the
UGRB beginning in January 2017, and so again, the BLM’s proposed rule will not, as a practical
matter, require any additional controls on tanks in Wyoming’s UGRB. We used data from the EPA’s
analysis for the NSPS Subpart OOOO, and that analysis considered existing operator activity to
comply with state requirements. Although it is unlikely that the EPA’s analysis accounted for the
Wyoming’s regulations concerning the UGRB, we did not remove any additional facilities from this
impacts analysis since the number of impacted facilities is already very low.

We estimated the impacts using a similar methodology as the EPA’s Regulatory Impact Analysis for
the NSPS Subpart OOOQO. In its analysis, the EPA analyzed a sample of tanks for production
volumes and emissions. It categorized each into model tank batteries (some of the data from the
EPA’s Background Supplemental Technical Support Document for the NSPS is in Table 21). We
determined the number of crude oil vessels on Federal and Indian lands as of January 1, 2014 (or the
end of 2013), assuming that each well site has one storage vessel. We chose that point in time, since
the NSPS, which covers new and modified storage vessels, was finalized in 2012 with the
requirements for tanks taking effect in 2013. We determined the number of condensate storage
vessels on Federal and Indian Lands by multiplying the number of nationwide storage tanks, as
indicated by the EPA’s Background Supplemental Technical Support Document, by 12%.
According to EIA data and BLM’s AFMSS data, gas wells on Federal and Indian lands account for
about 12% of the nationwide onshore gas wells.

Of that tank population, we determined the number of uncontrolled storage vessels using the EPA’s
assumption in its Background Supplemental Technical Support Document that 36% of storage
vessels (irrespective of model category) would be controlled without the NSPS regulation. We also
used the EPA’s data for uncontrolled VOC emissions per storage vessel within each model tank
battery. See Table 22.
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Table 21: Baseline Activity Data for Crude Oil and Condensate Storage Vessels

Model Crude Oil Tank Batteries

Parameter

A B C D
Percent of number of vessels in model size range! 94.7% 3.95% 0.789% 0.552%
Number of storage vessels? 30,765 1,283 256 179
Percent of throughput across tank batteries! 26% 7% 15% 51%
Crude oil throughput per storage vessel (bbl/day)! 1.96 13.0 130 652

Model Condensate Tank Batteries
Parameter

E F G H
Percent of number of vessels in model size range! 94.7% 3.95% 0.789% 0.552%
Number of storage vessels? 6,729 280 56 39
Percent of throughput across tank batteries! 26% 7% 15% 51%
Condensate throughput per storage vessel (bbl/day)! 1.6 10.7 106.8 534
TEPA (2012). Background Supplemental Technical Support Document for the Final New Source Performance
Standards, p. 7-2.
2 Assumes one storage vessel per well site. Calculated by multiplying the number of producing oil wells on Federal
and Indian lands on January 1, 2014 by the percent of the number of vessels in the model size range.
3 Assumes that about 12% of the condensate storage vessels identified by the EPA in its Background Technical
Support Document are on Federal and Indian Lands. We detived the 12% figure by dividing the the number of
producing gas wells on Federal and Indian lands on January 1, 2014 (or 58,226 wells) by the number of gas wells
nationwide (less Gulf of Mexico wells) in 2013 (or 485,886 wells) as reported by the EIA (data are available at
http://www.eia.gov/dnav/ng/ng prod wells s1 a.htm).
Table 22: Uncontrolled Crude Oil and Condensate Storage Vessels, and Uncontrolled
Emissions

Model Crude Oil Tank Batteries
Parameter
A B C D Total

Total number of existing storage vessels 30,765 1,283 256 179 32,484
Number of uncontrolled storage vessels in absence
of the rule! 11,075 462 92 65 11,694
Uncontrolled VOC emissions from storage vessel
at model tank battery (tpy)? 0.4 2.8 28 140 171
Total uncontrolled VOC emissions (tpy) 4,430 1,294 2,584 9,038 17,346

Model Condensate Tank Batteries

Parameter
E F G H Total

Total number of existing storage vessels 6,729 280 56 39 7,105
Number of uncontrolled storage vessels in absence
of the rule! 2,422 101 20 14 2,558
Uncontrolled VOC emissions from storage vessel
at model tank battery (tpy)? 3.35 22.3 223 1,117 1,366
Total uncontrolled VOC emissions (tpy) 8,115 2,251 4,502 | 15,806 30,674

I Based on the assumption that 36% of vessels are uncontrolled. This assumption was used in the Background
Supplemental Technical Support Document for the Final New Source Performance Standards, p. 7-2.
2 EPA (2012). Background Supplemental Technical Support Document for the Final New Source Performance

Standards, p. 7-2.
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http://www.eia.gov/dnav/ng/ng_prod_wells_s1_a.htm

Regarding compliance for the affected tanks, the rule requires that with some exceptions, the
operator either capture or combust the gas vapors coming from an affected tank. An operator may
capture and produce the vapors using a VRU or combust the vapors using a combustor.
Engineering costs for each option have been cited at around $20,000 per year, when the capital
investments are annualized basis over the life of the equipment. VRU costs can potentially range
higher, depending on the the capacity required.

We believe that in most cases the operator will comply with the proposed requirements depending
on the availability of equipment, operational feasibility of the control method on the production site,
and the availability of infrastructure to produce the gas that would be captured by a VRU. In cases
where the operator choses a combustor, there will be no additional resource recovery to help offset
the engineering costs. In cases where the operator installs a VRU to capture the gas, we would
expect additional resource recovery helping to offset the engineering costs. For this analysis, we
assume that a VRU would return about 296 Mcf per year in additional production. We based that
assumption upon reported annual cost savings of about $1,183 per year at $4 per Mcf. For its
analysis of the NSPS Subpart OOOO tank requirements, the EPA assumed that half of the affected
facilities would comply by installing a VRU and half would comply by installing a combustor. We
used the same assumption in this analysis.

We estimated the potential methane and VOC emissions for the proposed threshold and alternative
thresholds, above which a tank would be subject to the control requirements. The reductions were
calculated as 95% of the uncontrolled emissions (shown in Table 22). Total estimated emissions
reductions for the policy options were calculated as the additive emissions reductions from the
models, if impacted by the threshold.

Table 25 shows the cost-effectiveness analysis for crude oil and condensate storage vessels at
different emissions thresholds and the number of units that we estimate would be impacted at the
respective thresholds. Regulating both crude oil and condensate storage tanks with uncontrolled
emissions at or above 6 tpy of VOC would result in a cost-effectiveness of $3,678 per ton of VOC
reduced and impact 292 units. In its decision to implement a 6 tpy of VOC threshold, the EPA
determined that the cost-effectiveness associated with that threshold was acceptable and therefore
pursued that option. Again, viewing the table, regulating tanks at the higher threshold of 20 tpy
results in the same number of impacted units but a cost effectiveness of $1,103 per ton of VOC
reduced. This highlights the tiered organization of the data into the model tank categories. Naturally,
fewer units would be impacted as the emissions threshold increases; however, potentially, at the
given emissions levels we do not see this distinction.
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T'able 23: Total Capital Investment and Total Annualized Cost of a Combustor

Combustor $16,540

Freight and Design $1,500

Combustor Installation $6,354

Auto Igniter $1,500

Surveillance System $3,600

Pilot Fuel $1,897

Operating Labor $9,743

Maintenance $2,000

Data Management $1,000

Subtotal Costs (2007) $21,640 $7,854 $14,640

Subtotal Costs (2012) $24,078 $8,739 $32,817 $16,290

Annualized costs (using 3%

interest, 10 year equipment life) $3,428.21 $1,024 na $20,742
Annualized costs (using 7%

interest, 10 year equipment life) $3,428 $1,244 na $20,962

Source: Capital costs, one-time costs, O&M costs, and savings due to fuel saves come from EPA (2011), p. 7-14. Costs are
escalated to 2012 dollars using the CE Indices for 2007 (525.4) and 2012 (584.6).

Table 24: Total Capital Investment and Total Annualized Cost of a Vapor Recovery Unit

VRU $78,000

Freight and Design $1,500

Combustor Installation $10,154

Maintenance $8,553

Recovered Natural Gas $1,063

Subtotal Costs (2007) $78,000 $11,654 $8,553 $1,063

Subtotal Costs (2012) $86,789 $12,967 $99,756 | $9,517 $1,183

Annualized costs (using

3% interest, 15 year

equipment life) $7,270 $1,086 n/a $17,873 n/a $16,690
Annualized costs (using

7% interest, 15 year

equipment life) $9,529 $1,424 n/a $20,469 n/a $19,287

Source: Capital costs, one-time costs, O&M costs, and savings due to fuel saves come from EPA (2011), p. 7-14. Costs
are escalated to 2012 dollars using the CE Indices for 2007 (525.4) and 2012 (584.6).
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Table 25: Options for VOC Emissions Thresholds for Storage Vessels

Regulatory | Threshold | Reduction | Combustor | Effectiveness | Impacted
Option (tpy) (tpy)? (3/y1) ($/ton VOC) Units

VOC YOC Annual Number
Emissions | Emission Costs for Cost of

Crude Oil Storage Vessels

1 0.3 0.29 $20,962 $73,551 11,694
2 2.85 $20,962 $7,355 619
3 6 5.70 $20,962 $3,078 157
4 20 19.00 $20,962 $1,103 157
5 30 28.50 $20,962 $736 65
Condensate Storage Vessels
1 3 2.85 $20,962 $7,355 2,558
2 6 5.70 $20,962 $3,078 135
3 20 19.00 $20,962 $1,103 135
4 30 28.50 $20,962 $736 34

1 Assumes a 95% reduction.

A summary of the estimated impacts of the proposed requirements and the alternatives considered
are shown in Table 26 and with more detail in Tables 27a-c.

Since these sources are not addressed by the EPA’s proposed Subpart OOOOa, the estimated
impacts are not influenced by that proposal.

Proposed Tank Requirements — 6 tpy VOC Threshold

We estimate that the proposed tank requirements would:

Impact about 300 existing storage tanks;

Pose total costs of about $6 million per year (capital costs annualized using 7% and 3%
discount rates);

Result in cost savings of about $0.1 — 0.2 million per year (present value of costs savings
calculated using 7% and 3% discount rates);

Increase gas production by 0.04 Bcf per year;
Reduce methane emissions by 7,000 tons per year;

Produce monetized benefits of the reduced methane emissions of $8 million per year in 2017
— 2019, $9 million per year in 2020 — 2024, and $11 million in 2025 and 2026; and

Reduce VOC emissions by 32,500 tons per year; and

Result in net benefits of $2 million per year in 2017 — 2019, $3 — 4 million per year in 2020 —
2024, and $5 million in 2025 and 2026.
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Alternative Tank Requirements — 3 tpy VOC Threshold

We estimate that the alternative tank requirements (3 tpy VOC threshold) would:
e Impact about 3,200 existing storage tanks;

e Pose total costs of about $§61 — 66 million per year (capital costs annualized using 7% and
3% discount rates);

e Result in cost savings of about §1 — 2 million per year (present value of costs savings
calculated using 7% and 3% discount rates);

e Increase gas production by 0.5 Bcf per year;

e Reduce methane emissions by 9,000 tons per year;

e Produce monetized benefits of the reduced methane emissions of $10 million per year in
2017 - 2019, $12 million per year in 2020 — 2024, and $14 million in 2025 and 2026; and

e Reduce VOC emissions by 41,000 tons per year; and

e Result in net costs of $49 — 54 million per year in 2017 — 2019, $47 — 52 million per year in
2020 — 2024, and $46 — 51 million in 2025 and 2026.

Alternative Tank Requirements — 30 tpy VOC Threshold

We estimate that the alternative tank requirements (30 tpy VOC threshold) would:

e Impact about 100 existing storage tanks;

e Pose total costs of about $2 million per year (capital costs annualized using 7% and 3%
discount rates);

e Result in cost savings of about §1 million per year (present value of costs savings calculated
using 7% and 3% discount rates);

e Increase gas production by 0.01 Bcf per year;

e Reduce methane emissions by 6,000 tons per year;

e Produce monetized benefits of the reduced methane emissions of $7 million per year in 2017
— 2019, $8 million per year in 2020 — 2024, and $9 million in 2025 and 2026; and

e Reduce VOC emissions by 28,000 tons per year; and

e Result in net benefits of $5 million per year in 2017 — 2019, $6 million per year in 2020 —
2024, and $7 million in 2025 and 2026.

Comparison of Proposed Storage Tank Threshold and Alternatives

The results of this analysis, illustrated in Table 26 below, show that among the alternatives
examined, the VOC threshold of 30 tpy maximizes net benefits. By comparison, the BLM’s
proposed VOC threshold of 6 tpy poses slightly less net benefits. The BLM decided to propose the
6 tpy VOC threshold, because it is the same threshold that the EPA uses in the NSPS Subpart
O0OOO regulation.
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Table 26: Summary of Annual Impacts for Storage Tank Options and Alternatives

VOC Threshold

6 tpy
Metric 3 tpy (Proposed) 30 tpy

Impacted tanks 3,176 292 99
Costs — Engineering Costs (§ in million) $61 — 66 $6 $2
Carbon Dioxide Additions (tons) 36 3 1
Value of Carbon Dioxide Additions

2017-2019 ($ in million) $0.001 $0.000 $0.000
Value of Carbon Dioxide Additions

2020-2024 ($ in million) $0.002 $0.000 $0.000
Value of Carbon Dioxide Additions

2025-2026 ($ in million) $0.002 $0.000 $0.000
Benefits — Cost Savings (§ in million) $1 -2 $0.1 -0.2 $0.05 - 0.06
Methane Reductions (tons) 9,000 7,000 6,000
Value of Methane Reductions

2017-2019 (§ in million) 310 38 §7
Value of Methane Reductions

2020-2024 ($ in million) $12 ¥ §8
Value of Methane Reductions

2025-2026 ($ in million) $14 $11 $9
Incremental Production (Bcf) 0.5 0.04 0.01
VOC Reductions (tons) 41,000 32,500 28,000
Net Benefits 2017-2019 ($ in million) ($49 — 54) $2 $5
Net Benefits 2020-2024 (§ in million) ($47 — 52) $3 -4 $6
Net Benefits 2025-2026 ($ in million) ($46 — 51) $5 $7
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Table 27a: Impacts of a the Proposed Requirement to Control Storage Tanks Exceeding 6 tpy of VOC

YEAR 2017 2018 2019 2020 2021 2022 2023 2024 2025 2026
Impacted tanks
Crude - model B 0 0 0 0 0 0 0 0 0 0
Crude - model C 92 92 92 92 92 92 92 92 92 92
Crude - model D 65 65 65 65 65 65 65 65 65 65
Condensate - model E 0 0 0 0 0 0 0 0 0 0
Condensate - model F 101 101 101 101 101 101 101 101 101 101
Condensate - model G 20 20 20 20 20 20 20 20 20 20
Condensate - model H 14 14 14 14 14 14 14 14 14 14
Total tanks 292 292 292 292 292 292 292 292 292 292
Estimated Costs - Capital Costs Annualized Using a 7% Discount Rate (§ in million)
Crude - model B $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Crude - model C $1.91 $1.91 $1.91 $1.91 $1.91 $1.91 $1.91 $1.91 $1.91 $1.91
Crude - model D $1.34 $1.34 $1.34 $1.34 $1.34 $1.34 $1.34 $1.34 $1.34 $1.34
Condensate - model E $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Condensate - model F $2.09 $2.09 $2.09 $2.09 $2.09 $2.09 $2.09 $2.09 $2.09 $2.09
Condensate - model G $0.42 $0.42 $0.42 $0.42 $0.42 $0.42 $0.42 $0.42 $0.42 $0.42
Condensate - model H $0.29 $0.29 $0.29 $0.29 $0.29 $0.29 $0.29 $0.29 $0.29 $0.29
Total costs $6.05 $6.05 $6.05 $6.05 $6.05 $6.05 $6.05 $6.05 $6.05 $6.05
Estimated Costs - Capital Costs Annualized Using a 3% Discount Rate (§ in million)
Crude - model B $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Crude - model C $1.78 $1.78 $1.78 $1.78 $1.78 $1.78 $1.78 $1.78 $1.78 $1.78
Crude - model D $1.25 $1.25 $1.25 $1.25 $1.25 $1.25 $1.25 $1.25 $1.25 $1.25
Condensate - model E $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Condensate - model F $1.95 $1.95 $1.95 $1.95 $1.95 $1.95 $1.95 $1.95 $1.95 $1.95
Condensate - model G $0.39 $0.39 $0.39 $0.39 $0.39 $0.39 $0.39 $0.39 $0.39 $0.39
Condensate - model H $0.27 $0.27 $0.27 $0.27 $0.27 $0.27 $0.27 $0.27 $0.27 $0.27
Total costs $5.64 $5.64 $5.64 $5.64 $5.64 $5.64 $5.64 $5.64 $5.64 $5.64
Estimated Costs - CO2 Emissions Additions (tons)
Crude - model B 0 0 0 0 0 0 0 0 0 0
Crude - model C 1 1 1 1 1 1 1 1 1 1
Crude - model D 1 1 1 1 1 1 1 1 1 1
Condensate - model E 0 0 0 0 0 0 0 0 0 0
Condensate - model F 1 1 1 1 1 1 1 1 1 1
Condensate - model G 0 0 0 0 0 0 0 0 0 0
Condensate - model H 0 0 0 0 0 0 0 0 0 0
Total CO2 Additions 3 3 3 3 3 3 3 3 3 3

Value of CO2 Additions ($MM) $0.000  $0.000  $0.000  $0.000  $0.000  $0.000  $0.000  $0.000  $0.000  $0.000
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Table 27a: Impacts of a the Proposed Requirement to Control Storage Tanks Exceeding 6 tpy of VOC

YEAR 2017 2018 2019 2020 2021 2022 2023 2024 2025 2026
Estimated Benefits - Cost Savings Present Value Using 7% Rate ($ in million)
Crude - model B $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Crude - model C $0.05 $0.05 $0.05 $0.05 $0.05 $0.05 $0.05 $0.05 $0.04 $0.04
Crude - model D $0.04 $0.04 $0.04 $0.04 $0.04 $0.03 $0.03 $0.03 $0.03 $0.03
Condensate - model E $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Condensate - model F $0.06 $0.06 $0.06 $0.06 $0.06 $0.05 $0.05 $0.05 $0.05 $0.05
Condensate - model G $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01
Condensate - model H $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01
Total cost savings $0.16 $0.17 $0.17 $0.17 $0.17 $0.16 $0.15 $0.14 $0.14 $0.13
Estimated Benefits - Cost Savings Present Value Using 3% Rate ($ in million)
Crude - model B $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Crude - model C $0.05 $0.06 $0.06 $0.06 $0.06 $0.06 $0.06 $0.06 $0.06 $0.06
Crude - model D $0.04 $0.04 $0.04 $0.04 $0.04 $0.04 $0.04 $0.04 $0.04 $0.04
Condensate - model E $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Condensate - model F $0.06 $0.06 $0.06 $0.07 $0.07 $0.07 $0.07 $0.06 $0.06 $0.06
Condensate - model G $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01
Condensate - model H $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01
Total cost savings $0.16 $0.18 $0.19 $0.19 $0.19 $0.19 $0.19 $0.19 $0.19 $0.19
Estimated Benefits Inaremental Production (Bdf)
Crude - model B 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00
Crude - model C 0.01 0.01 0.01 0.01 0.01 0.01 0.01 0.01 0.01 0.01
Crude - model D 0.01 0.01 0.01 0.01 0.01 0.01 0.01 0.01 0.01 0.01
Condensate - model E 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00
Condensate - model F 0.01 0.01 0.01 0.01 0.01 0.01 0.01 0.01 0.01 0.01
Condensate - model G 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00
Condensate - model H 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00
Total incemental production 0.04 0.04 0.04 0.04 0.04 0.04 0.04 0.04 0.04 0.04
Estimated Benefits - Methane Emissions Reductions (tons)
Crude - model B 0 0 0 0 0 0 0 0 0 0
Crude - model C 500 500 500 500 500 500 500 500 500 500
Crude - model D 1,900 1,900 1,900 1,900 1,900 1,900 1,900 1,900 1,900 1,900
Condensate - model E 0 0 0 0 0 0 0 0 0 0
Condensate - model F 500 500 500 500 500 500 500 500 500 500
Condensate - model G 900 900 900 900 900 900 900 900 900 900
Condensate - model H 3,300 3,300 3,300 3,300 3,300 3,300 3,300 3,300 3,300 3,300
Total CH4 reductions 7,100 7,100 7,100 7,100 7,100 7,100 7,100 7,100 7,100 7,100
Value of CH4 reductions (§MM) $7.82 $7.82 $7.82 $9.24 $9.24 $9.24 $9.24 $9.24  $10.67  $10.67
Estimated VOC Emissions Reductions
Crude - model B 0 0 0 0 0 0 0 0 0 0
Crude - model C 2,500 2,500 2,500 2,500 2,500 2,500 2,500 2,500 2,500 2,500
Crude - model D 8,600 8,600 8,600 8,600 8,600 8,600 8,600 8,600 8,600 8,600
Condensate - model E 0 0 0 0 0 0 0 0 0 0
Condensate - model F 2,100 2,100 2,100 2,100 2,100 2,100 2,100 2,100 2,100 2,100
Condensate - model G 4,300 4,300 4,300 4,300 4,300 4,300 4,300 4,300 4,300 4,300
Condensate - model H 15,000 15,000 15,000 15,000 15,000 15,000 15,000 15,000 15,000 15,000
Total VOC reductions 32,500 32,500 32,500 32500 32500 32500 32500 32500 32500 32,500
Net Benefits
Net Benefits - 7% ($ MM) 2 2 2 3 3 3 3 3 5 5
Net Benefits - 3% (§ MM) 2 2 2 4 4 4 4 4 5 5
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Table 27b: Impacts of a the Alternative Requirement to Control Storage Tanks Exceeding 3 tpy of VOC

YEAR 2017 2018 2019 2020 2021 2022 2023 2024 2025 2026
Impacted tanks
Crude - model B 462 462 462 462 462 462 462 462 462 462
Crude - model C 92 92 92 92 92 92 92 92 92 92
Crude - model D 65 65 65 65 65 65 65 65 65 65
Condensate - model E 2,422 2,422 2,422 2,422 2,422 2,422 2,422 2,422 2,422 2,422
Condensate - model F 101 101 101 101 101 101 101 101 101 101
Condensate - model G 20 20 20 20 20 20 20 20 20 20
Condensate - model H 14 14 14 14 14 14 14 14 14 14
Total tanks 3,176 3,176 3,176 3,176 3176 3,176 3,176 3,176 3,176 3,176
Estimated Costs - Capital Costs Annualized Using a 7% Discount Rate (§ in million)
Crude - model B $9.57 $9.57 $9.57 $9.57 $9.57 $9.57 $9.57 $9.57 $9.57 $9.57
Crude - model C $1.91 $1.91 $1.91 $1.91 $1.91 $1.91 $1.91 $1.91 $1.91 $1.91
Crude - model D $1.34 $1.34 $1.34 $1.34 $1.34 $1.34 $1.34 $1.34 $1.34 $1.34
Condensate - model E $50.18  $50.18  $50.18  $50.18  $50.18  $50.18  $50.18  $50.18  $50.18  $50.18
Condensate - model F $2.09 $2.09 $2.09 $2.09 $2.09 $2.09 $2.09 $2.09 $2.09 $2.09
Condensate - model G $0.42 $0.42 $0.42 $0.42 $0.42 $0.42 $0.42 $0.42 $0.42 $0.42
Condensate - model H $0.29 $0.29 $0.29 $0.29 $0.29 $0.29 $0.29 $0.29 $0.29 $0.29
Total costs $65.80  $65.80  $65.80  $65.80  $65.80  $65.80  $65.80  $65.80  $65.80  $65.80
Estimated Costs - Capital Costs Annualized Using a 3% Discount Rate (§ in million)
Crude - model B $8.92 $8.92 $8.92 $8.92 $8.92 $8.92 $8.92 $8.92 $8.92 $8.92
Crude - model C $1.78 $1.78 $1.78 $1.78 $1.78 $1.78 $1.78 $1.78 $1.78 $1.78
Crude - model D $1.25 $1.25 $1.25 $1.25 $1.25 $1.25 $1.25 $1.25 $1.25 $1.25
Condensate - model E $46.77  $46.77  $46.77  $46.77  $46.77  $46.77  $46.77  $46.77  $46.77  $46.77
Condensate - model F $1.95 $1.95 $1.95 $1.95 $1.95 $1.95 $1.95 $1.95 $1.95 $1.95
Condensate - model G $0.39 $0.39 $0.39 $0.39 $0.39 $0.39 $0.39 $0.39 $0.39 $0.39
Condensate - model H $0.27 $0.27 $0.27 $0.27 $0.27 $0.27 $0.27 $0.27 $0.27 $0.27
Total costs $61.33  $61.33  $61.33  $61.33  $61.33  $61.33  $61.33  $61.33  $61.33  $61.33
Estimated Costs - CO2 Emissions Additions (tons)
Crude - model B 5 5 5 5 5 5 5 5 5 5
Crude - model C 1 1 1 1 1 1 1 1 1 1
Crude - model D 1 1 1 1 1 1 1 1 1 1
Condensate - model E 27 27 27 27 27 27 27 27 27 27
Condensate - model F 1 1 1 1 1 1 1 1 1
Condensate - model G 0 0 0 0 0 0 0 0 0 0
Condensate - model H 0 0 0 0 0 0 0 0 0 0
Total CO2 Additions 36 36 36 36 36 36 36 36 36 36
Value of CO2 Additions (§MM) $0.001  $0.001  $0.001  $0.002  $0.002  $0.002 ~ $0.002 ~ $0.002 ~ $0.002  $0.002
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Table 27b: Impacts of a the Alternative Requirement to Control Storage Tanks Exceeding 3 tpy of VOC

YEAR 2017 2018 2019 2020 2021 2022 2023 2024 2025 2026
Estimated Benefits - Cost Savings Present Value Using 7% Rate (§ in million)
Crude - model B $0.26 $0.27 $0.27 $0.27 $0.26 $0.25 $0.24 $0.23 $0.22 $0.21
Crude - model C $0.05 $0.05 $0.05 $0.05 $0.05 $0.05 $0.05 $0.05 $0.04 $0.04
Crude - model D $0.04 $0.04 $0.04 $0.04 $0.04 $0.03 $0.03 $0.03 $0.03 $0.03
Condensate - model E $1.36 $1.41 $1.43 $1.43 $1.37 $1.30 $1.25 $1.19 $1.14 $1.10
Condensate - model F $0.06 $0.06 $0.06 $0.06 $0.06 $0.05 $0.05 $0.05 $0.05 $0.05
Condensate - model G $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01
Condensate - model H $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01
Total cost savings $1.79 $1.85 $1.87 $1.87 $1.80 $1.71 $1.64 $1.57 $1.49 $1.45
Estimated Benefits - Cost Savings Present Value Using 3% Rate (§ in million)
Crude - model B $0.26 $0.28 $0.29 $0.31 $0.30 $0.30 $0.30 $0.30 $0.29 $0.30
Crude - model C $0.05 $0.06 $0.06 $0.06 $0.06 $0.06 $0.06 $0.06 $0.06 $0.06
Crude - model D $0.04 $0.04 $0.04 $0.04 $0.04 $0.04 $0.04 $0.04 $0.04 $0.04
Condensate - model E $1.36 $1.47 $1.54 $1.60 $1.60 $1.57 $1.58 $1.56 $1.54 $1.56
Condensate - model F $0.06 $0.06 $0.06 $0.07 $0.07 $0.07 $0.07 $0.06 $0.06 $0.06
Condensate - model G $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01
Condensate - model H $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01
Total cost savings $1.79 $1.92 $2.02 $2.10 $2.10 $2.06 $2.07 $2.04 $2.03 $2.04
Estimated Benefits Inaremental Production (Bcf)
Crude - model B 0.07 0.07 0.07 0.07 0.07 0.07 0.07 0.07 0.07 0.07
Crude - model C 0.01 0.01 0.01 0.01 0.01 0.01 0.01 0.01 0.01 0.01
Crude - model D 0.01 0.01 0.01 0.01 0.01 0.01 0.01 0.01 0.01 0.01
Condensate - model E 0.36 0.36 0.36 0.36 0.36 0.36 0.36 0.36 0.36 0.36
Condensate - model F 0.01 0.01 0.01 0.01 0.01 0.01 0.01 0.01 0.01 0.01
Condensate - model G 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00
Condensate - model H 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00
Total incremental production 0.47 0.47 0.47 0.47 0.47 0.47 0.47 0.47 0.47 0.47
Estimated Benefits - Methane Emissions Reductions (tons)
Crude - model B 300 300 300 300 300 300 300 300 300 300
Crude - model C 500 500 500 500 500 500 500 500 500 500
Crude - model D 1,900 1,900 1,900 1,900 1,900 1,900 1,900 1,900 1,900 1,900
Condensate - model E 1,700 1,700 1,700 1,700 1,700 1,700 1,700 1,700 1,700 1,700
Condensate - model F 500 500 500 500 500 500 500 500 500 500
Condensate - model G 900 900 900 900 900 900 900 900 900 900
Condensate - model H 3,300 3,300 3,300 3,300 3,300 3,300 3,300 3,300 3,300 3,300
Total CH4 reductions 9,100 9,100 9,100 9,100 9,100 9,100 9,100 9,100 9,100 9,100
Value of CH4 reductions (§MM) $9.97 $9.97 $9.97  $11.79  $11.79  $11.79  $11.79  $11.79  $13.60  $13.60
Estimated VOC Emissions Reductions
Crude - model B 1,200 1,200 1,200 1,200 1,200 1,200 1,200 1,200 1,200 1,200
Crude - model C 2,500 2,500 2,500 2,500 2,500 2,500 2,500 2,500 2,500 2,500
Crude - model D 8,600 8,600 8,600 8,600 8,600 8,600 8,600 8,600 8,600 8,600
Condensate - model E 7,700 7,700 7,700 7,700 7,700 7,700 7,700 7,700 7,700 7,700
Condensate - model F 2,100 2,100 2,100 2,100 2,100 2,100 2,100 2,100 2,100 2,100
Condensate - model G 4,300 4,300 4,300 4,300 4,300 4,300 4,300 4,300 4,300 4,300
Condensate - model H 15,000 15,000 15,000 15,000 15,000 15,000 15,000 15,000 15,000 15,000
Total VOC reductions 41,400 41,400 41,400 41,400 41,400 41,400 41,400 41,400 41,400 41,400
Net Benefits
Net Benefits - 7% ($ MM) -54 -54 -54 -52 -52 -52 -52 -52 -51 -51
Net Benefits - 3% (§ MM) -50 -49 -49 -47 -47 -47 -47 -47 -46 -46
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Table 27c: Impacts of a the Alternative Requirement to Control Storage Tanks Exceeding 30 tpy of VOC

YEAR 2017 2018 2019 2020 2021 2022 2023 2024 2025 2026
Impacted tanks
Crude - model B 0 0 0 0 0 0 0 0 0 0
Crude - model C 0 0 0 0 0 0 0 0 0 0
Crude - model D 65 65 65 65 65 65 65 65 65 65
Condensate - model E 0 0 0 0 0 0 0 0 0 0
Condensate - model F 0 0 0 0 0 0 0 0 0 0
Condensate - model G 20 20 20 20 20 20 20 20 20 20
Condensate - model H 14 14 14 14 14 14 14 14 14 14
Total tanks 99 99 99 99 99 99 99 99 99 99
Estimated Costs - Capital Costs Annualized Using a 7% Discount Rate ($ in million)
Crude - model B $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Crude - model C $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Crude - model D $1.34 $1.34 $1.34 $1.34 $1.34 $1.34 $1.34 $1.34 $1.34 $1.34
Condensate - model E $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Condensate - model F $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Condensate - model G $0.42 $0.42 $0.42 $0.42 $0.42 $0.42 $0.42 $0.42 $0.42 $0.42
Condensate - model H $0.29 $0.29 $0.29 $0.29 $0.29 $0.29 $0.29 $0.29 $0.29 $0.29
Total costs $2.05 $2.05 $2.05 $2.05 $2.05 $2.05 $2.05 $2.05 $2.05 $2.05
Estimated Costs - Capital Costs Annualized Using a 3% Discount Rate ($ in million)
Crude - model B $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Crude - model C $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Crude - model D $1.25 $1.25 $1.25 $1.25 $1.25 $1.25 $1.25 $1.25 $1.25 $1.25
Condensate - model E $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Condensate - model F $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Condensate - model G $0.39 $0.39 $0.39 $0.39 $0.39 $0.39 $0.39 $0.39 $0.39 $0.39
Condensate - model H $0.27 $0.27 $0.27 $0.27 $0.27 $0.27 $0.27 $0.27 $0.27 $0.27
Total costs $1.91 $1.91 $1.91 $1.91 $1.91 $1.91 $1.91 $1.91 $1.91 $1.91
Estimated Costs - CO2 Emissions Additions (tons)
Crude - model B 0 0 0 0 0 0 0 0 0 0
Crude - model C 0 0 0 0 0 0 0 0 0 0
Crude - model D 1 1 1 1 1 1 1 1 1 1
Condensate - model E 0 0 0 0 0 0 0 0 0 0
Condensate - model F 0 0 0 0 0 0 0 0 0 0
Condensate - model G 0 0 0 0 0 0 0 0 0 0
Condensate - model H 0 0 0 0 0 0 0 0 0 0
Total CO2 Additions 1 1 1 1 1 1 1 1 1 1
Value of CO2 Additions (§MM) $0.000  $0.000  $0.000  $0.000  $0.000  $0.000  $0.000 ~ $0.000  $0.000  $0.000
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Table 27c: Impacts of a the Alternative Requirement to Control Storage Tanks Exceeding 30 tpy of VOC

YEAR 2017 2018 2019 2020 2021 2022 2023 2024 2025 2026
Estimated Benefits - Cost Savings Present Value Using 7% Rate ($ in million)
Crude - model B $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Crude - model C $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Crude - model D $0.04 $0.04 $0.04 $0.04 $0.04 $0.03 $0.03 $0.03 $0.03 $0.03
Condensate - model E $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Condensate - model F $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Condensate - model G $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01
Condensate - model H $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01
Total cost savings $0.06 $0.06 $0.06 $0.06 $0.06 $0.05 $0.05 $0.05 $0.05 $0.05
Estimated Benefits - Cost Savings Present Value Using 3% Rate ($ in million)
Crude - model B $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Crude - model C $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Crude - model D $0.04 $0.04 $0.04 $0.04 $0.04 $0.04 $0.04 $0.04 $0.04 $0.04
Condensate - model E $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Condensate - model F $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00 $0.00
Condensate - model G $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01
Condensate - model H $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01 $0.01
Total cost savings $0.06 $0.06 $0.06 $0.07 $0.07 $0.06 $0.06 $0.06 $0.06 $0.06
Estimated Benefits Inaemental Production (Bdf)
Crude - model B 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00
Crude - model C 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00
Crude - model D 0.01 0.01 0.01 0.01 0.01 0.01 0.01 0.01 0.01 0.01
Condensate - model E 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00
Condensate - model F 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00
Condensate - model G 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00
Condensate - model H 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00 0.00
Total inaemental production 0.01 0.01 0.01 0.01 0.01 0.01 0.01 0.01 0.01 0.01
Estimated Benefits - Methane Emissions Reductions (tons)
Crude - model B 0 0 0 0 0 0 0 0 0 0
Crude - model C 0 0 0 0 0 0 0 0 0 0
Crude - model D 1,900 1,900 1,900 1,900 1,900 1,900 1,900 1,900 1,900 1,900
Condensate - model E 0 0 0 0 0 0 0 0 0 0
Condensate - model F 0 0 0 0 0 0 0 0 0 0
Condensate - model G 900 900 900 900 900 900 900 900 900 900
Condensate - model H 3,300 3,300 3,300 3,300 3,300 3,300 3,300 3,300 3,300 3,300
Total CH4 reductions 6,100 6,100 6,100 6,100 6,100 6,100 6,100 6,100 6,100 6,100
Value of CH4 redudions (§MM) $6.72 $6.72 $6.72 $7.94 $7.94 $7.94 $7.94 $7.94 $9.16 $9.16
Estimated VOC Emissions Redudions
Crude - model B 0 0 0 0 0 0 0 0 0 0
Crude - model C 0 0 0 0 0 0 0 0 0 0
Crude - model D 8,600 8,600 8,600 8,600 8,600 8,600 8,600 8,600 8,600 8,600
Condensate - model E 0 0 0 0 0 0 0 0 0 0
Condensate - model F 0 0 0 0 0 0 0 0 0 0
Condensate - model G 4,300 4,300 4,300 4,300 4,300 4,300 4,300 4,300 4,300 4,300
Condensate - model H 15,000 15,000 15,000 15000 15,000 15,000 15,000 15,000 15,000 15,000
Total VOC reductions 27,900 27900 27900 27900 27900 27900 27900 27,900 27900 27,900
Net Benefits
Net Benefits - 7% ($ MM) 5 5 5 6 6 6 6 6 7 7
Net Benefits - 3% (§ MM) 5 5 5 6 6 6 6 6 7 7
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7.12 Leak Detection and Repair

In general, the impacts of an LDAR requirement are uncertain given that the extent of voluntary
efforts within the industry are unknown. Generally, we believe that a substantial number of
operators currently conduct LDAR activities on oil and gas wells on Federal and Indian leases and
would continue to do so absent this rule. The EPA “has found that owners and operators are
voluntarily using [Optical Gas Imaging] systems to detect leaks. However, the EPA does not know
the extent of these voluntary efforts within the industry on a national level” (EPA 2014, p. 42). We
would not expect incremental costs if an operator currently administers an LDAR program that is
consistent with the proposed requirements.

The proposed requirements specify that inspections must be conducted using one of the following:
optical gas imaging (OGI) (such as an infra-red camera); other instrument-based monitoring device
or method approved by the BLM; or a portable analyzer device, assisted by audio, visual, and
olfactory (AVO) inspection. If an operator operates 500 or more wells within the jurisdiction of a
single BLM field office, the operator must use OGI or another instrument-based monitoring device
or method approved by the BLM to detect leaks. In order to comply with the inspection
requirements, the operator is likely either to contract with a service provider to conduct the
inspections or to conduct the inspections itself. In either scenario, the inspections must meet the
equipment and frequency standards established by the rule.

If the operator chooses to contract a service provider to conduct the inspections, it might anticipate
the following costs (Carbon Limits 2014, p. 32). These inspection costs do not include the costs to
repair potential leaks or the cost savings from the gas recovered after leaks are repaired. See below:

e 3400 per well site;

e $600 per single well batteries;

e $1,200 per multi-well batteries; and
e $2,300 per compressor station.

If conducting the inspections itself, then the operator would potentially encounter the following
equipment and labor costs. Infrared cameras have been reported to cost between $85,000 - $124,000
per device (EPA 2014, p. 40).(’(’ Infrared cameras, while requiring larger capital investment, can
monitor more pieces of equipment per hour, with estimates ranging up to 2,100 components per
hour. Portable analyzers have been reported to cost $10,800 per device, plus additional labor costs
associated with the inspections (EPA 2014, p. 39).” Portable analyzers, while requiring less capital
investment than infrared cameras, require frequent calibration during the inspection and thus limit
the speed with which an inspection may be accomplished. These analyzers require approximately 1
hour to inspect about 30-40 components (EPA 2014, pp. 39-40). While the EPA references costs of
$10,800 per device, the BLM identified portable detectors that cost as low as $1,000.%

In terms of repairing identified leaks, the Carbon Limits study offers average leak rates and repair
costs of several main components, including valves, connectors, regulators, and instrument

% Reported by Meister 2009 and ICF International 2014, respectively.
7 Reported costs from RTT memorandum.
% For example, Honeywell PhD6, http://www.honeywellanalytics.com/en/products/PhD6
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controllers. The average repair costs range from $56 to $189. We note that these repair costs are for
the equipment and replacement only, and do not consider potential cost savings from the sale of the
conserved gas.

Table 28: Engineering Costs of Leak Detection Devices, Capital Costs
and Annualized Costs Considering 5-year Equipment Life

Annualized Capital Costs!,
Capital Using Interest Rates of:
Device Costs! 3% 7%
IR camera $124,000 $27,076 $30,242
Portable analyzer $11,000 $2,402 $2,683
Portable analyzer (midpoint) $6,000 $1,310 $1,463
Portable detector $1,000 $218 $244

! Capital costs include the equipment costs only, without potential offsets from the sale of recoved gas.

Table 29: Total Average Leak Rate and Repair Costs by Components at Well Sites

Average Repair Costs
Leak Rate
Component (scfm) Minimum Average Median Maximum

Valve 0.12 $20 $90 $50 $5,500
Connector/ Connection 0.10 $15 $56 $50 $5,000
Regulator 0.12 $20 $189 $125 $1,000
Instrument Controller

(Leak only) 0.14 $20 $129 $50 $2,000

Source: Carbon Limits 2014, p. 32

However, given the value of the gas conserved by repairing a leak, Carbon Limits concludes that,
once identified, the vast majority of leaks are economic to tepair, even at a gas price of $3/Mcf (p.
106). It found that 90% of the leak volume could be repaired with a payback period of less than 1
year.

That finding is supported by experiences within the industry. In its comment letter® to the EPA
concerning the EPA’s white paper on Oil and Natural Gas Sector Leaks, Southwestern Energy
indicated that through its LDAR program, the company has identified that leaking components
represent less than 0.08% of the total components, and well sites with leaks represent about 20% of
the total wells. Southwestern Energy carries out an inspection program that includes annual
inspections of its roughly 4,660 wells and 1,730 well pads. It also indicated that 89% of the leaks are
repaired upon discovery and 100% of leaks are repaired within 15 days of discovery. It has found
that the majority of leaky components were connectors that were easily repairable at no replacement
cost and no significant personnel cost. This and generally supports the claim that most leaks are
easy to repair and, as such, are cost effective to repair.

9 Southwestern Energy 2014, p. 9.
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Potential leak reductions and volumes of gas conserved will generally vary depending on the
frequency of the inspection program. In its regulatory analysis for the Colorado AQCC regulations,
the Colorado Department of Public Health and and Environment used potential leak reduction rates
of 40% for annual LDAR inspections, 60% for quarterly LDAR inspections, and 80% for monthly
LDAR inspections (CO 2014, p. 49). ICF (2015) uses an assumed a leak reduction rate of 60% for
its analysis of quarterly LDAR. Carbon Limits (2014) examined potential emissions reductions
scenarios for a single survey and determined that potential leak reductions of 94.5% are obtainable if
the operator repairs all of the leaks that it identifies. In the TSD for the NSPS Subpart OOOOa
proposed rule, the EPA assumes a 40%, 60%, and 80% emissions reductions for annual, semi-
annual, and quarterly inspection frequency programs, respectively.

When considering the full costs of an LDAR program (including the inspections, repairs, and value
of the conserved gas, Carbon Limits found an average NPV of -$35 per survey on well sites and
batteries using a discount rate of 7% and an average NPV of $21 per survey on well sites using a
disount rate of 3% (Carbon Limits 2015b). A negative NPV indicates that the average survey posed
a net cost to the operator, while a positive NPV indicates that the average survey posed a net
savings to the operator. The analysis included observations for 1,764 surveys on wellsites and well
batteries that were generally conducted annually or bi-annually (i.e., once every two years).

Carbon Limits (2014) also examined the impacts of increased inspection frequencies using a subset
of the data where multiple inspections were conducted on the facilities and for which it could
ascertain reliable frequency information. Carbon Limits determined that increasing the LDAR
survey frequencies would achieve greater emissions reductions, since leaks can be identified and
repaired earlier. However, more frequent inspections would increase the overall costs, with
additional surveys being conducted and fewer remaining gas conservation opportunities as the leaks
are identified and repaired.

Carbon Limits (2015b) estimated average NPVs of $2,435, $854, and -$2,401 for annual, semi-
annual, and quarterly LDAR programs on well sites and batteries, respectively, using a discount rate
of 7%. The researchers estimated average NPVs of $2,6606, $1,051 and -$2,220 for annual, semi-
annual, and quarterly LDAR programs on well sites and batteries, respectively, using a discount rate
of 3%. Again, we note that the negative NPVs indicate that the average LDAR program for a well
site or battery would pose a net cost to the operator (a positive NPV would indicate cost savings).
These data, in Table 30, show that the average costs of LDAR programs on well sites or batteries
increases with the inspection frequency. The data also indicate that there could be a difference in the
wellsites and well batteries in the full dataset (1,764 survey observations) and those in the subset (62
survey observations).

Other research indicates that LDAR programs with quarterly inspection requirements would pose
cost savings to the operator at well pads, gathering and processing facilities. ICF (2015) estimates
that an LDAR program with quarterly inspections would result in cost savings of $7,334, $36,768,
and $12,214, for well pads, gathering facilities, and processing facilities, respectively. This analysis
uses a sales value of $4/Mcf for natural gas. Looking at their estimates for well pads only, ICF
estimates annual inspection costs of $1,084 (for all 4 inspections), initial set-up costs of $108, and
labor repair costs of $813, which are offset by a value of the recoved gas of $9,340 (p. 2).
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Table 30: Carbon Limits - Average NPV for LDAR Programs, by Inspection Frequency

NPV using a 7% Discount Rate

Inspection Frequency”

Site or Facility All Surveys' | Annual | Semi-Annual | Quarterly | Monthly
Compressor station $3,376 $2,890 ($460) ($7,319) ($34,880)
Gas plant $9.403 $12,600 §5.405 | (89,442) | (869,338
Wellsite and well battery ($35) $2,435 $854 ($2,401) | ($15,521)

NPV using a 3% Discount Rate

Inspection Frequency’

Site or Facility All Surveys' Annual Semi-Annual | Quarterly | Monthly
Compressor station $3,881 $3,349 ($56) ($6,934) ($34,519)
Gas plant $10,0694 $14,229 $6,873 ($8,054) | ($68,005)
Wellsite and well battery $21 $2,606 $1,051 ($2,220) | ($15,351)

Source: Carbon Limits (2015b).

I Surveys numbered 1,915, 614, and 1,764 for the compressor station, gas plant, and wellsite and well battery categories,
respectively.

2NPV should be considered as the cost to implement the LDAR program for the average well with the given inspection
frequency (and not the cost per inspection). Surveys numbered 268, 87, and 61 for the compressor station, gas plant,
and wellsite and well battery categories, respectively. These surveys were a subset of the larger dataset and included sites
and facilities that Carbon Limts was able to ascertain frequency information.

The available data and comments indicate that there are cost savings available to operators who
conduct LDAR programs on wellsites and well batteries. As such, we would expect that some
portion of operators currently conduct LDAR programs and would continue to do so regardless of
the proposed rule. The available data also indicate that increasing the inspection frequencies would
result in greater gas savings but there would be diminishing returns. Carbon Limits (2015b) shows
that, for wellsites and well batteries, an LDAR program with a semi-annual inspection requirement
would result in cost savings to the operator while a program with a quarterly inspection requirement
would pose a cost to the operator.

We note that many of the analyses referenced to this point present the net costs or costs savings on
a well, wellsite, or inspection basis, and do not provide the full costs that an operator might
encounter when developing a comprehensive company-wide LDAR program.

The NSPS Subpart OOOOa proposal includes LDAR provisions that would require Optical Gas
Imaging (OGI) inspections on a semi-annual basis, and allows for operators with existing company-
wide LDAR programs to continue with those efforts. The Technical Support Document for the
Subpart OOOOa proposed rule lists per-wellsite costs and emissions reductions of implementing an
LDAR program with annual, semi-annual, and quarterly OGI inspections, as well as LDAR
programs using Method 21 inspections of repair criteria. For the most part, the OGI programs,
irrespective of frequency, are less costly than the Method 21 programs. We calculated LDAR
program costs using the EPA’s cost formulation for equipment needs, inspections, and leak repair,
but did not include the EPA’s program formulation and reporting cost assumptions. The
administrative burden required to comply with the LDAR requirements are monetized and included
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in the costs estimates provided in Section 8.1. The Supporting Statement for the Paperwork
Reduction Act discusses the burdens posed by this requirement in greater detail.

Table 31: Per Facility Annual Costs and Emissions Reductions for OGI Monitoring and Repair
Programs at Wellsites

Annualized Cost Per Emissions Reduction
Frequency Facility ($)! Per Facility (tpy)? Incremental
of OGI 7% 3% Production
Monitoring Well Site Discount Discount Per Facility
and Repair Type rate rate Methane VOC (Mcf)3
Gas wellsite $1,279 $1,267 1.82 0.50 105
Annual
Oil wellsite $1,279 $1,267 0.44 0.12 25
. Gas wellsite $1,879 $1,867 2.72 0.76 158
Semi-annual
Oil wellsite $1,879 $1,867 0.65 0.18 38
Gas wellsite $3,079 $3,067 3.63 1.01 210
Quarterly
Oil wellsite $3,079 $3,067 0.87 0.24 50

! Costs do not consider the value of the gas recovered. Uses only the annualized equipment costs, and the inspection
and repair costs, of the data available in the TSD for the NSPS Subpart OOOOa proposed rule, pp. 85-89. The costs
using a 3% discount rate are calculated using the EPA data.

2 Emissions reductions per facility are available in the EPA’s Technical Support Document for the NSPS Subpart
O0OO0O0Oa proposed rule, pp. 85-89.

3 Inferred from the difference in per-facility costs with and without the value of the gas recovered, using a $4/Mcf
natural gas price.

We estimate the number of existing wellsites that would be impacted by the rule using a similar
formulation as the EPA. First, we identified the number of producing oil and gas wells on Federal
and Indian leases. Next we removed the wells in Colorado and Wyoming (in the Upper Green River
Basin only). Colorado has existing LDAR requirements and Wyoming’s new requirements will take
effect on January 1, 2017. Then, in order to calculate the number of impacted wellsites, we used an
assumed factor of 2 wells per wellsite. This assumption was made by EPA based on analysis that it
conducted. That derivation yields a total of 36,690 existing wellsites (about 20,660 gas wellsites and
16,030 oil wellsites) that would be impacted by the BLM’s proposed rule. However, some of these
affected existing wellsites would be modified over time. Assuming the Subpart OOOOa regulation
is finalized as proposed, those modified wellsites would be covered by Subpart OOOOQOa. As such,
the number of existing wellsites impacted by the BLM rule would decrease over time.

Table 32: Derivation of Impacted Well Sites

Federal Indian
Metric Gas Oil Gas Oil
Number producing wells! 52,131 28,510 6,443 5,292
Number of wells in CO and WY (GRB)! 15,457 1,357 1,795 388
Number of impacted wells 36,674 27,153 4,648 4,904
Number of wells per site? 2 2 2 2
Number of wellsites impacted by the rule 18,337 13,577 2,324 2,452
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! Data from AFMSS, as of January 1, 2015.
2 Basis for assumption provided in the TSD for the NSPS Subpart OOOOa proposed rule, p. 60.

We estimate the number of new wellsites that would be impacted by assuming that there would be
2,500 well completions in 2016 and that there would be a 3% growth rate in subsequent years. We
also assume that 71% of completions would be oil wells and 29% would be gas wells. We then
reduce the impacted wells by the number estimated to be completed in Colorado and Wyoming (in
the Upper Green River Basin only). Then, in order to calculate the number of impacted wellsites, we
used an assumed factor of 2 wells per wellsite. This assumption was made by EPA based on analysis
that it conducted. That derivation yields a total of 983 new wellsites (about 230 gas wellsites and 753
oil wellsites) that would be impacted by the BLM’s proposed rule in 2017, with the number of new
wellsites impacted increasing during the period of analysis. These wellsites would presumably be
covered by the EPA’s proposed regulation Subpart OOOQa, if that rule is finalized as proposed.

Based on these activity data and the per-facility cost, incremental production (or gas recovery) per
wellsite, and emissions reductions data from the TSD, we estimate the impacts of the BLM’s
proposal and alternatives. The summary of the proposal and alternatives are shown in Table 33 with
the details of each proposal and alternative in Tables 34a-g. The cost estimates are in 2012 dollars.
The cost savings estimates use projected natural gas prices found in the EIA’s Annual Energy
Outlook 2015.™

The description of impacts below assume a baseline in which the EPA does not finalize its proposed
Subpart OOOOa regulations. However, if the EPA finalizes that regulation, the BLM rule would
only practically impact existing wellsites, and the impacts for that subset of wellsites is presented in
Table 34a-g, although the number of existing wells impacted by the BLLM rule would decrease over
time as wellsites are modified.

As a simplifying assumption, we analyzed the proposed LDAR provisions as resulting in semi-
annual inspections. Because we have proposed to vary the required inspection frequency based on
the number of leaks that are found, it is likely that the proposed provisions would actually require
some portion of the inspections to be performed annually, and some portion to be performed semi-
annually.

Proposed Semi-Annual LDAR Requirement

If the Subpart OOOOa proposal is not finalized, we estimate that the proposed LDAR
requirements would:
e Impact up to about 37,000 — 38,000 wellsites per year;
e Pose total costs of about $70 — 71 million per year (capital costs annualized using 7% and
3% discount rates);
e Result in cost savings of about $12 — 18 million per year (present value of costs savings
calculated using 7% and 3% discount rates);
e Increase gas production by 3.9 — 4.0 Bcf per year;

70 AEO 2015, Table 13, access on November 16, 2015 at http://www.eia.cov/forecasts/aeo/tables ref.cfm.
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e Reduce methane emissions by 68,000 tons per year;

e Produce monetized benefits of the reduced methane emissions of $75 million per year in
2017 - 2019, $88 million per year in 2020 — 2024, and $102 million in 2025 and 2026; and

e Reduce VOC emissions by 19,000 tons per year; and

e Result in net benefits of $19 — 21 million per year in 2017 — 2019, $30 — 35 million per year in
2020 — 2024, and $43 — 48 million in 2025 and 2026.

If the EPA finalizes Subpart OOOQOa, then the rule would practically impact only existing facilities.
In addition, if an existing facility were modified in the future, it would be regulated by the EPA.
Therefore, we estimate that the rule would impact up to 36,700 existing wellsites, pose compliance
costs of about $69 — 70 million per year, result in cost savings of $12 — 15 million per year (using a
7% discount rate) or $15 — 17 million per year (using a 3% discount rate), increase gas production by
3.9 Bcf per year, reduce methane emissions by 67,000 tons per year, produce monetized benefits of
the reduced methane emissions of $73 million per year in 2017 — 2019, $87 million per year in 2020 —
2024, and $100 million per year in 2025 and 2026, reduce VOC emissions by 18,600 tons per year,
and result in net benefits of $19 — 21 million per year in 2017 — 2019, $31 — 35 million per year in
2020 — 2024, and $43 — 48 million per year in 2025 and 2026.

For both of these scenarios and the alternatives that follow, the BLM believes that the estimates
represent the maximum likely impact. As noted previously, some operators currently have existing
LDAR programs. This analysis accounts for state requirements in Colorado, Utah, and Wyoming (in
the Upper Green River Basin only), but it does not account for voluntary or existing LDAR
activities conducted by operators outside of these states. If we could account for these voluntary
activities, then the cost, emissions reductions, incremental production, and royalty estimates would
likely be less than that shown.

We used the EPA’s information, because we believe it represents an approximate picture of what a
company would have to undertake to implement an LDAR program. However, we recognize that if
we used per-facility or per-inspection cost data from other sources then that the result would show
lower compliance costs. For example, if we used the Carbon Limits cost estimate of $35 per well
inspection (7% discount rate), then the total cost of the rule’s LDAR requirement would be
estimated as $2.6 million per year.

We also analyzed the projected benefits and costs of several alternative LDAR requirements,
focusing on different possible inspection frequencies. These analyses use a baseline without a final
Subpart OOOOa. Assuming that EPA finalizes Subpart OOOOa, both the costs and benefits of
these alternatives would be slightly lower.

Alternative: Annual LDAR Requirement

We estimate that the alternative of requiring annual LDAR inspections would impact up to about
37,000-38,000 wellsites per year and pose total costs of about $§48-49 million per year (capital costs
annualized using 7% and 3% discount rates), result in cost savings of about $8-12 million per year
(present value of costs savings calculated using 7% and 3% discount rates), increase gas production
by 2.6 Bcf per year, reduce methane emissions by 45,000-46,000 tons per year, produce monetized
benefits of the reduced methane emissions of $50 million per year in 2017-2019, $59 million per year
in 2020-2024, and $68 million in 2025 and 20206; and reduce VOC emissions by about 12,500 tons
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per year. We estimate net benefits of $12-13 million per year in 2017-2019, $20-23 million per year
in 2020-2024, and $28-32 million in 2025 and 2026.

Alternative: Quarterly LDAR Requirement

We estimate that the alternative of requiring quarterly LDAR inspections would impact up to about
37,000-38,000 wellsites per year and pose total costs of about $116-117 million per year (capital
costs annualized using 7% and 3% discount rates), result in cost savings of about $16-23 million per
year (present value of costs savings calculated using 7% and 3% discount rates), increase gas
production by about 5.2-5.3 Bcf per year, reduce methane emissions by 90,000-91,000 tons per year,
produce monetized benefits of the reduced methane emissions of $99-100 million per year in 2017-
2019, $118 million per year in 2020-2024, and $136 million in 2025 and 2026; and reduce VOC
emissions by about 25,000 tons per year. We estimate net benefits of $3-6 million per year in 2017-
2019, $19-25 million per year in 2020-2024, and $36-43 million in 2025 and 2026.

Further, we examine additional variations to the proposed approach, where operators would be
required to conduct annual LDAR inspections on marginal wells and semi-annual LDAR
inspections on all other wells. We define marginal wells as those producing less than 15 bbl of oil
equivalent per day. According to 2009 data from the EIA, 85.4% of oil wells are marginal wells and
73.3% of gas wells are marginal wells.”" To analyze the impacts, we applied these rates to the existing
oil and gas wellsites expected to be impacted by the rule and calculated the costs and benefits of an
annual LDAR requirement. For the remaining existing wellsites and new wellsites, we calculated
costs and benefits of a semi-annual LDAR requirement,

Alternative: Semi-Annual LDAR Requirement; One-Time LDAR on Marginal Oil Wellsites

We estimate that the alternative of requiring semi-annual LDAR inspections with a one-time LDAR
requirement for marginal oil wells would impact up to about 37,000-38,000 wellsites in 2017 and
24,000 wellsites per year from 2018 to 2026. We estimate that the requirements would pose total
costs of about $65 million in 2017 and $45-46 million per year from 2018 to 2026 (capital costs
annualized using 7% and 3% discount rates), result in cost savings of about $11-15 million per year
(present value of costs savings calculated using 7% and 3% discount rates), increase gas production
by about 3.8 Bef in 2017 and 3.4 Bcef per year from 2018 to 20206, reduce methane emissions by
65,000 tons in 2017 and 59,000 tons per year from 2018 to 2026, produce monetized benefits of the
reduced methane emissions of $65-71 million per year in 2017-2019, $77 million per year in 2020-
2024, and $89 million in 2025 and 2026; and reduce VOC emissions by about 18,000 tons in 2017
and 16,500 tons per year from 2018 to 2026. We estimate net benefits of $23-35 million per year in
2017-2019, $43-47 million per year in 2020-2024, and $54-58 million in 2025 and 2026.

Alternative: Semi-Annual LDAR Requirement; Annual LDAR Requirement for Marginal Oil
Wellsites

We estimate that the alternative of requiring annual LDAR on marginal oil wells and semi-annual
LDAR on all other wells would impact up to about 37,000-38,000 wellsites per year and pose total

"l Energy Information Administration. United States Total 2009 Distribution of Wells by Production Rate Bracket. Retrieved
November 13, 2015, from http://www.eia.cov/pub/oil gas/petrosystem/us table.html.
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costs of about $62-63 million per year (capital costs annualized using 7% and 3% discount rates),
result in cost savings of about $12-17 million per year (present value of costs savings calculated
using 7% and 3% discount rates), increase gas production by about 3.8 Bcf per year, reduce methane
emissions by 65,000 tons per year, produce monetized benefits of the reduced methane emissions of
$71 million per year in 2017-2019, $85 million per year in 2020-2024, and $98 million in 2025 and
20206; and reduce VOC emissions by about 18,000 tons per year. We estimate net benefits of $23-25
million per year in 2017-2019, $34-39 million per year in 2020-2024, and $46-52 million in 2025 and
2026.

Alternative: Semi-Annual LDAR Requirement; Annual LDAR Requirement for Marginal Oil and
Gas Wellsites

We estimate that the alternative of requiring annual LDAR on marginal oil and gas wells and semi-
annual LDAR on all other wells would impact up to about 37,000-38,000 wellsites per year and pose
total costs of about $53-54 million per year (capital costs annualized using 7% and 3% discount
rates), result in cost savings of about $9-13 million per year (present value of costs savings calculated
using 7% and 3% discount rates), increase gas production by about 3 Bcf per year, reduce methane
emissions by 51,000-52,000 tons per year, produce monetized benefits of the reduced methane
emissions of $56 million per year in 2017-2019, $67 million per year in 2020-2024, and $77 million in
2025 and 2026; and reduce VOC emissions by about 14,000 tons per year. We estimate net benefits
of $14-16 million per year in 2017-2019, $23-27 million per year in 2020-2024, and $32-37 million in
2025 and 2026.

Alternative: Quarterly LDAR Requirement for Gas Wellsites; Annual LDAR Requirement for Oil
Wellsites

We estimate that the alternative of requiring quarterly LDAR on gas wellsites and annual LDAR on
oil wellsites would impact up to about 37,000-38,000 wellsites per year and pose total costs of about
$85-86 million per year (capital costs annualized using 7% and 3% discount rates), result in cost
savings of about $15-21 million per year (present value of costs savings calculated using 7% and 3%
discount rates), increase gas production by about 4.8 Bcf per year, reduce methane emissions by
83,000-84,000 tons per year, produce monetized benefits of the reduced methane emissions of $92
million per year in 2017-2019, $108 million per year in 2020-2024, and $125 million in 2025 and
2026; and reduce VOC emissions by about 23,000 tons per year. We estimate net benefits of $24-27
million per year in 2017-2019, $38-44 million per year in 2020-2024, and $54-60 million in 2025 and
2026.

We note that for the two alternatives examining quarterly LDAR for all or a portion of the wellsites,
the potential incremental gas production exceeds the amount of gas that we estimate to have been
lost through fugitive emissions in 2013. This discrepancy is likely due to differences in the emissions
factors between the latest GHG Inventory and the emissions reductions estimates provided in the
analysis for the Subpart OOOOQOa proposed rule.

Comparison of Proposed LDAR Requirement and Alternatives

The results of this analysis, illustrated in Table 33 below, show that among the alternatives
examined, two options (1. a quarterly LDAR program for gas wells and annual LDAR program for
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oil wells, and 2. a semi-annual LDAR program and a one-time LDAR inspection for marginal oil
wells) would maximize net benefits. By comparison, the BLM’s proposed semi-annual LDAR
program requirement poses slightly less net benefits. The BLM decided to propose the semi-annual
LDAR requirement with adjustable inspection frequencies, because it more closely resembles the
EPA’s proposal, but we seek comment on all of the alternatives presented.
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Table 33: Summary of Annual Impacts for LDAR Options and Alternatives

Semi-Annual

Semi-Annual LDAR; Quarterly
LDAR; Annual LDAR for
Semi- Annual LDAR for Gas Wells;
Annual Semi-Annual LDAR; LDAR for Marginal Oil Annual
Annual LDAR Quarterly One-Time LDAR on Marginal Oil and Gas LDAR for
Metric LDAR (Proposed) LDAR Marginal Oil Wells Wells Wells Oil Wells
Impacted wellsites 37,000 — 37,000 — 37,000 — | 37,000 — 38,000 in 2017; 37,000 — 37,000 — 37,000 —
38,000 38,000 38,000 24,000 in 2018 — 2026 38,000 38,000 38,000
Costs — Engineering Costs (§ in $48 — 49 $70-71 | $116-117 $63 in 2017, $62 — 063 $53 — 54 $85 - 86
million) $45 — 46 in 2018 — 2026
Carbon Dioxide Additions (tons) 100 150 200 140 in 2017; 140 110 180
130 in 2018 — 2026
Value of Carbon Dioxide Additions $0.004 $0.006 $0.007 $0.005 $0.005 $0.004 $0.007
2017-2019 ($ in million)
Value of Carbon Dioxide Additions $0.004 $0.006 $0.009 $0.006 $0.006 $0.005 $0.008
2020-2024 ($ in million)
Value of Carbon Dioxide Additions $0.005 $0.007 $0.009 $0.006 $0.007 $0.005 $0.009
2025-2026 ($ in million)
Benefits — Cost Savings (§ in million) $8—-12 $12-18 $16—23 $11 —-15 $12 -17 $9 —-13 $15 - 21
Methane Reductions (tons) 45,000 — 68,000 90,000 — 65,000 in 2017, 65,000 51,000 — 83,000 —
46,000 91,000 59,000 in 2018 — 2026 52,000 84,000
Value of Methane Reductions $50 $75 $99 — 100 $65 - 71 $71 $56 $92
2017-2019 ($ in million)
Value of Methane Reductions $59 $88 $118 $77 $85 $67 $108
2020-2024 ($ in million)
Value of Methane Reductions $68 $102 $136 $89 $98 $77 $125
2025-2026 ($ in million)
Incremental Production (Bcf) 2.6 39-40 52-53 3.81in 2017, 3.8 3.0 4.8
3.4 in 2018 — 2026
VOC Reductions (tons) 12,500 19,000 25,000 18,000 in 2017, 18,000 14,000 23,000
16,500 in 2018 — 2026
Net Benefits 2017-2019 (§ in million) $12-13 $19 — 21 $3 -6 $23 — 35 $23 — 25 $14 — 16 $24 — 27
Net Benefits 2020-2024 ($ in million) $20 — 23 $30 — 35 $19 — 25 $43 — 47 $34 — 39 $23 — 27 $38 — 44
Net Benefits 2025-2026 ($ in million) $28 — 32 $43 — 48 $36 — 43 $54 — 58 $46 — 52 $32 — 37 $54 — 60
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Table 34a: Estimates for OGI Monitoring and Repair - Semi-Annual LDAR Program

YEAR 2017 2018 2019 2020 2021 2022 2023 2024 2025 2026
Impacted wellsites
Existing gas wellsites 20,661 20,661 20,661 20,661 20,661 20,661 20,661 20,661 20,661 20,661
Existing oil wellsites 16,029 16,029 16,029 16,029 16,029 16,029 16,029 16,029 16,029 16,029
New gas wellsites 230 236 243 250 256 263 270 276 283 290
New oil wellsites 753 775 797 818 840 862 884 906 928 950
Total wellsites 37,672 37,700 37,729 37,758 37,786 37,815 37,843 37872 37901 37929
Estimated Costs - Capital Costs Annualized Using a 7% Discount Rate ($ in million)
Existing gas wellsites $38.82  $38.82  $38.82  $38.82  $38.82  $38.82  $38.82  $38.82  $38.82  $38.82
Existing oil wellsites $30.12  $30.12  $30.12  $30.12  $30.12  $30.12  $30.12  $30.12  $30.12  $30.12
New gas wellsites $0.43 $0.44 $0.46 $0.47 $0.48 $0.49 $0.51 $0.52 $0.53 $0.54
New oil wellsites $1.41 $1.46 $1.50 $1.54 $1.58 $1.62 $1.66 $1.70 $1.74 $1.78
Total costs $70.79  $70.84 $70.89  $70.95 $71.00 §$71.05 $71.11  $71.16  $71.22  §71.27
Estimated Costs - Capital Costs Annualized Using a 3% Discount Rate ($ in million)
Existing gas wellsites $38.57  $38.57  $38.57  $38.57  $38.57  $38.57  $38.57  $38.57  $38.57  $38.57
Existing oil wellsites $29.93  $29.93  $29.93  $29.93  $29.93  $29.93  $29.93  $29.93  $29.93  $29.93
New gas wellsites $0.43 $0.44 $0.45 $0.47 $0.48 $0.49 $0.50 $0.52 $0.53 $0.54
New oil wellsites $1.41 $1.45 $1.49 $1.53 $1.57 $1.61 $1.65 $1.69 $1.73 $1.77
Total costs $70.33  $70.39  $70.44  $70.49  $70.55  $70.60  $70.65  $70.71  $70.76  $70.81
Estimated Costs - CO2 Emissions Additions (tons)
Existing gas wellsites 124 124 124 124 124 124 124 124 124 124
Existing oil wellsites 23 23 23 23 23 23 23 23 23 23
New gas wellsites 1 1 1 1 2 2 2 2 2 2
New oil wellsites 1 1 1 1 1 1 1 1 1 1
Total CO2 Additions 150 150 150 150 150 150 150 150 150 150
Value of CO2 Additions (MM) $0.006  $0.006  $0.006  $0.006  $0.006  $0.006  $0.006  $0.006  $0.007  $0.007
Estimated Benefits - Cost Savings Present Value Using 7% Rate (§ in million)
Existing gas wellsites $12.42  $12.85  $1298  $13.01  $12.50  $11.85 $11.41  $10.87  $10.37  $10.06
Existing oil wellsites $2.32 $2.40 $2.42 $2.43 $2.33 $2.21 $2.13 $2.03 $1.93 $1.88
New gas wellsites $0.14 $0.15 $0.15 $0.16 $0.16 $0.15 $0.15 $0.15 $0.14 $0.14
New oil wellsites $0.11 $0.12 $0.12 $0.12 $0.12 $0.12 $0.12 $0.11 $0.11 $0.11
Total cost savings $14.98  $15.51  $15.67 $15.71  $15.11  $14.33  $13.81  $13.16  $12.56  $12.19
Estimated Benefits - Cost Savings Present Value Using 3% Rate (§ in million)
Existing gas wellsites $12.42  $13.35  $14.01  $14.58  $14.56  $14.33  $14.35 $14.20 $14.06 $14.18
Existing oil wellsites $2.32 $2.49 $2.61 $2.72 $2.72 $2.67 $2.68 $2.65 $2.62 $2.65
New gas wellsites $0.14 $0.15 $0.16 $0.18 $0.18 $0.18 $0.19 $0.19 $0.19 $0.20
New oil wellsites $0.11 $0.12 $0.13 $0.14 $0.14 $0.14 $0.15 $0.15 $0.15 $0.16
Total cost savings $14.98  $16.11  $16.91 $17.62  $17.59  $17.33  $17.36  $17.19  $17.03  $17.18
Estimated Benefits Incremental Production (Bcf)
Existing gas wellsites 3.26 3.26 3.26 3.26 3.26 3.26 3.26 3.26 3.26 3.26
Existing oil wellsites 0.61 0.61 0.61 0.61 0.61 0.61 0.61 0.61 0.61 0.61
New gas wellsites 0.04 0.04 0.04 0.04 0.04 0.04 0.04 0.04 0.04 0.05
New oil wellsites 0.03 0.03 0.03 0.03 0.03 0.03 0.03 0.03 0.04 0.04
Total incemental producion 3.94 3.94 3.94 3.94 3.95 3.95 3.95 3.95 3.95 3.96
Estimated Benefits - Methane Emissions Reductions (tons)
Existing gas wellsites 56,200 56,200 56,200 56,200 56,200 56,200 56,200 56,200 56,200 56,200
Existing oil wellsites 10,400 10,400 10,400 10,400 10,400 10,400 10,400 10,400 10,400 10,400
New gas wellsites 600 600 700 700 700 700 700 800 800 800
New oil wellsites 500 500 500 500 500 600 600 600 600 600
Total CH4 reductions 67,700 67,800 67,800 67,800 67,900 67,900 67,900 68,000 68,000 68,000
Value of CH4 reductions (§MM) $74.50  $74.54  $74.57  $88.18  $88.22  $88.26  $88.30  $88.34 $101.98 $102.03
Estimated VOC Emissions Reductions
Existing gas wellsites 15,700 15,700 15,700 15,700 15,700 15,700 15,700 15,700 15,700 15,700
Existing oil wellsites 2,900 2,900 2,900 2,900 2,900 2,900 2,900 2,900 2,900 2,900
New gas wellsites 200 200 200 200 200 200 200 200 200 200
New oil wellsites 100 100 100 100 200 200 200 200 200 200
Total VOC reductions 18,900 18,900 18900 18900 18,900 18,900 19,000 19,000 19,000 19,000
Net Benefits
Net Benefits - 7% ($ MM) 19 19 19 33 32 32 31 30 43 43
Net Benefits - 3% (§ MM) 19 20 21 35 35 35 35 35 48 48
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Table 34b: Estimates for OGI Monitoring and Repair - Annual LDAR Program

YEAR 2017 2018 2019 2020 2021 2022 2023 2024 2025 2026
Impaced wellsites
Existing gas wellsites 20,661 20,661 20,661 20,661 20,661 20,661 20,661 20,661 20,661 20,661
Existing oil wellsites 16,029 16,029 16,029 16,029 16,029 16,029 16,029 16,029 16,029 16,029
New gas wellsites 230 236 243 250 256 263 270 276 283 290
New oil wellsites 753 775 797 818 840 862 884 906 928 950
Total wellsites 37,672 37,700 37,729 37,758 37,786 37,815 37,843 37872 37,901 37,929
Estimated Costs - Capital Costs Annualized Using a 7% Discount Rate (§ in million)
Existing gas wellsites $26.43  $26.43  $26.43  $26.43  $26.43  $26.43  $26.43  $26.43  $26.43  $26.43
Existing oil wellsites $20.50  $20.50  $20.50  $20.50  $20.50  $20.50  $20.50  $20.50  $20.50  $20.50
New gas wellsites $0.29 $0.30 $0.31 $0.32 $0.33 $0.34 $0.34 $0.35 $0.36 $0.37
New oil wellsites $0.96 $0.99 $1.02 $1.05 $1.07 $1.10 $1.13 $1.16 $1.19 $1.21
Total costs $48.18  $48.22  $48.26  $48.29  $48.33  $48.37  $48.40 $48.44  $48.47  $48.51
Estimated Costs - Capital Costs Annualized Using a 3% Discount Rate (§ in million)
Existing gas wellsites $26.18  $26.18  $26.18  $26.18  $26.18  $26.18  $26.18  $26.18  $26.18  $26.18
Existing oil wellsites $20.31 $20.31 $20.31 $20.31 $20.31 $20.31 $20.31 $20.31 $20.31 $20.31
New gas wellsites $0.29 $0.30 $0.31 $0.32 $0.32 $0.33 $0.34 $0.35 $0.36 $0.37
New oil wellsites $0.95 $0.98 $1.01 $1.04 $1.06 $1.09 $1.12 $1.15 $1.18 $1.20
Total costs $47.73  $47.77  $47.80  $47.84  $47.88  $47.91 $47.95 $47.98  $48.02  $48.06
Estimated Costs - CO2 Emissions Additions (tons)
Existing gas wellsites 82 82 82 82 82 82 82 82 82 82
Existing oil wellsites 15 15 15 15 15 15 15 15 15 15
New gas wellsites 1 1 1 1 1 1 1 1 1 1
New oil wellsites 1 1 1 1 1 1 1 1 1 1
Total CO2 Additions 99 99 99 99 99 100 100 100 100 100
Value of CO2 Additions ($MM) $0.004  $0.004  $0.004  $0.004  $0.004  $0.004  $0.004  $0.004  $0.005  $0.005
Estimated Benefits - Cost Savings Present Value Using 7% Rate (§ in million)
Existing gas wellsites $8.25 $8.54 $8.62 $8.64 $8.31 $7.87 $7.59 $7.23 $6.89 $6.69
Existing oil wellsites $1.52 $1.58 $1.59 $1.60 $1.53 $1.45 $1.40 $1.33 $1.27 $1.24
New gas wellsites $0.09 $0.10 $0.10 $0.10 $0.10 $0.10 $0.10 $0.10 $0.09 $0.09
New oil wellsites $0.07 $0.08 $0.08 $0.08 $0.08 $0.08 $0.08 $0.08 $0.07 $0.07
Total cost savings $9.94  $10.29  $10.40  $10.43  $10.02 $9.50 $9.16 $8.73 $8.33 $8.09
Estimated Benefits - Cost Savings Present Value Using 3% Rate ($ in million)
Existing gas wellsites $8.25 $8.87 $9.31 $9.69 $9.67 $9.52 $9.53 $9.43 $9.35 $9.42
Existing oil wellsites $1.52 $1.64 $1.72 $1.79 $1.79 $1.76 $1.76 $1.74 $1.73 $1.74
New gas wellsites $0.09 $0.10 $0.11 $0.12 $0.12 $0.12 $0.12 $0.13 $0.13 $0.13
New oil wellsites $0.07 $0.08 $0.09 $0.09 $0.09 $0.09 $0.10 $0.10 $0.10 $0.10
Total cost savings $9.94  $10.69  $11.22  $11.69  $11.67  $11.50 $11.52  §11.40 $11.30  $11.40
Estimated Benefits Inaemental Produdion (Bdf)
Existing gas wellsites 2.17 2.17 2.17 2.17 2.17 2.17 2.17 2.17 2.17 2.17
Existing oil wellsites 0.40 0.40 0.40 0.40 0.40 0.40 0.40 0.40 0.40 0.40
New gas wellsites 0.02 0.02 0.03 0.03 0.03 0.03 0.03 0.03 0.03 0.03
New oil wellsites 0.02 0.02 0.02 0.02 0.02 0.02 0.02 0.02 0.02 0.02
Total inademental producion 2.61 2.61 2.62 2.62 2.62 2.62 2.62 2.62 2.62 2.62
Estimated Benefits - Methane Emissions Reductions (tons
Existing gas wellsites 37,600 37,600 37,600 37,600 37,600 37,600 37,600 37,600 37,600 37,600
Existing oil wellsites 7,100 7,100 7,100 7,100 7,100 7,100 7,100 7,100 7,100 7,100
New gas wellsites 400 400 400 500 500 500 500 500 500 500
New oil wellsites 300 300 400 400 400 400 400 400 400 400
Total CH4 reductions 45,400 45,400 45,400 45,500 45,500 45,500 45,500 45,600 45,600 45,600
Value of CH4 reductions (§$MM) $49.95  $49.97  $49.99  $59.11 $59.14  $59.17  $59.20  $59.22  $68.37  $68.40
Estimated VOC Emissions Reductions
Existing gas wellsites 10,300 10,300 10,300 10,300 10,300 10,300 10,300 10,300 10,300 10,300
Existing oil wellsites 1,900 1,900 1,900 1,900 1,900 1,900 1,900 1,900 1,900 1,900
New gas wellsites 100 100 100 100 100 100 100 100 100 100
New oil wellsites 100 100 100 100 100 100 100 100 100 100
Total VOC reductions 12,500 12,500 12,500 12,500 12,500 12,500 12,500 12,500 12,500 12,500
Net Benefits
Net Benefits - 7% ($ MM) 12 12 12 21 21 20 20 20 28 28
Net Benefits - 3% (§ MM) 12 13 13 23 23 23 23 23 32 32
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Table 34c: Estimates for OGI Monitoring and Repair - Quarterly LDAR Program

YEAR 2017 2018 2019 2020 2021 2022 2023 2024 2025 2026
Impacted wellsites
Existing gas wellsites 20,661 20,661 20,661 20,661 20,661 20,661 20,661 20,661 20,661 20,661
Existing oil wellsites 16,029 16,029 16,029 16,029 16,029 16,029 16,029 16,029 16,029 16,029
New gas wellsites 230 236 243 250 256 263 270 276 283 290
New oil wellsites 753 775 797 818 840 862 884 906 928 950
Total wellsites 37,672 37,700 37,729 37,758 37,786 37,815 37,843 37,872 37,901 37,929
Estimated Costs - Capital Costs Annualized Using a 7% Discount Rate ($ in million)
Existing gas wellsites $63.62 $63.62 $63.62 $63.62 $63.62 $63.62 $63.62 $63.62 $63.62 $63.62
Existing oil wellsites $49.35 $49.35 $49.35 $49.35 $49.35 $49.35 $49.35 $49.35 $49.35 $49.35
New gas wellsites $0.71 $0.73 $0.75 $0.77 $0.79 $0.81 $0.83 $0.85 $0.87 $0.89
New oil wellsites $2.32 $2.38 $2.45 $2.52 $2.59 $2.65 $2.72 $2.79 $2.86 $2.92
Total costs $115.99 $116.08 $116.17 $116.26 $116.34 $116.43 $116.52 $116.61 $116.70 $116.78
Estimated Costs - Capital Costs Annualized Using a 3% Discount Rate ($ in million)
Existing gas wellsites $63.37 $63.37 $63.37 $63.37 $63.37 $63.37 $63.37 $63.37 $63.37 $63.37
Existing oil wellsites $49.16 $49.16 $49.16 $49.16 $49.16 $49.16 $49.16 $49.16 $49.16 $49.16
New gas wellsites $0.70 $0.72 $0.75 $0.77 $0.79 $0.81 $0.83 $0.85 $0.87 $0.89
New oil wellsites $2.31 $2.38 $2.44 $2.51 $2.58 $2.64 $2.71 $2.78 $2.85 $2.91
Total costs $115.54 $115.63 $115.71 $115.80 $115.89 $115.98 $116.07 $116.15 $116.24 $116.33
Estimated Costs - CO2 Emissions Additions (tons)
Existing gas wellsites 165 165 165 165 165 165 165 165 165 165
Existing oil wellsites 30 30 30 30 30 30 30 30 30 30
New gas wellsites 2 2 2 2 2 2 2 2 2 2
New oil wellsites 1 1 2 2 2 2 2 2 2 2
Total CO2 Additions 199 199 199 199 199 199 199 199 199 199
Value of CO2 Additions (§MM) $0.007 $0.007 $0.007 $0.009 $0.009 $0.009 $0.009 $0.009 $0.009 $0.009
Estimated Benefits - Cost Savings Present Value Using 7% Rate ($ in million)
Existing gas wellsites $16.51 $17.08 $17.25 $17.29 $16.61 $15.74 $15.17 $14.45 $13.78 $13.37
Existing oil wellsites $3.05 $3.15 $3.19 $3.19 $3.07 $2.91 $2.80 $2.67 $2.55 $2.47
New gas wellsites $0.18 $0.20 $0.20 $0.21 $0.21 $0.20 $0.20 $0.19 $0.19 $0.19
New oil wellsites $0.14 $0.15 $0.16 $0.16 $0.16 $0.16 $0.15 $0.15 $0.15 $0.15
Total cost savings $19.88 $20.58 $20.80 $20.85 $20.05 $19.01 $18.33 $17.47 $16.66 $16.18
Estimated Benefits - Cost Savings Present Value Using 3% Rate (§ in million)
Existing gas wellsites $16.51 $17.74 $18.62 $19.38 $19.35 $19.05 $19.07 $18.87 $18.69 $18.84
Existing oil wellsites $3.05 $3.28 $3.44 $3.58 $3.57 $3.52 $3.52 $3.49 $3.45 $3.48
New gas wellsites $0.18 $0.20 $0.22 $0.23 $0.24 $0.24 $0.25 $0.25 $0.26 $0.26
New oil wellsites $0.14 $0.16 $0.17 $0.18 $0.19 $0.19 $0.19 $0.20 $0.20 $0.21
Total cost savings $19.88 $21.38 $22.44 $23.38 $23.35 $23.00 $23.03 $22.80 $22.60 $22.79
Estimated Benefits Inaemental Production (Bdf)
Existing gas wellsites 4.34 4.34 4.34 4.34 4.34 4.34 4.34 4.34 4.34 4.34
Existing oil wellsites 0.80 0.80 0.80 0.80 0.80 0.80 0.80 0.80 0.80 0.80
New gas wellsites 0.05 0.05 0.05 0.05 0.05 0.06 0.06 0.06 0.06 0.06
New oil wellsites 0.04 0.04 0.04 0.04 0.04 0.04 0.04 0.05 0.05 0.05
Total inaemental production 5.23 5.23 5.23 5.23 5.24 5.24 5.24 5.24 5.25 5.25
Estimated Benefits - Methane Emissions Reductions (tons)
Existing gas wellsites 75,000 75,000 75,000 75,000 75,000 75,000 75,000 75,000 75,000 75,000
Existing oil wellsites 13,900 13,900 13,900 13,900 13,900 13,900 13,900 13,900 13,900 13,900
New gas wellsites 800 900 900 900 900 1,000 1,000 1,000 1,000 1,100
New oil wellsites 700 700 700 700 700 800 800 800 800 800
Total CH4 reductions 90,400 90,500 90,500 90,600 90,600 90,600 90,700 90,700 90,800 90,800
Value of CH4 reductions ($MM) $99.48 $99.52 $99.57 $117.73 $117.79 $117.84 $117.90 $117.96 $136.17 $136.23
Estimated VOC Emissions Reductions
Existing gas wellsites 20,900 20,900 20,900 20,900 20,900 20,900 20,900 20,900 20,900 20,900
Existing oil wellsites 3,800 3,800 3,800 3,800 3,800 3,800 3,800 3,800 3,800 3,800
New gas wellsites 200 200 200 300 300 300 300 300 300 300
New oil wellsites 200 200 200 200 200 200 200 200 200 200
Total VOC reductions 25,100 25,100 25,200 25,200 25,200 25,200 25,200 25,200 25,200 25,200
Net Benefits
Net Benefits - 7% ($ MM) 3 4 4 22 21 20 20 19 36 36
Net Benefits - 3% (§ MM) 4 5 6 25 25 25 25 25 43 43
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Table 34d: Semi-Annual LDAR Program; Marginal Oil Wells One-Time

YEAR 2017 2018 2019 2020 2021 2022 2023 2024 2025 2026
Impacted wellsites
Existing gas wellsites 20,661 20,661 20,661 20,661 20,661 20,661 20,661 20,661 20,661 20,661
Existing oil wellsites 16,029 2,340 2,340 2,340 2,340 2,340 2,340 2,340 2,340 2,340
New gas wellsites 230 236 243 250 256 263 270 276 283 290
New oil wellsites 753 775 797 818 840 862 884 906 928 950
Total wellsites 37,672 24,012 24,041 24,069 24,098 24126 24,155 24,184 24212 24241
Estimated Costs - Capital Costs Annualized Using a 7% Discount Rate (§ in million)
Existing gas wellsites $38.82  $38.82  $38.82  $38.82  $38.82  $38.82  $38.82  $38.82  $38.82  $38.82
Existing oil wellsites $21.90 $4.40 $4.40 $4.40 $4.40 $4.40 $4.40 $4.40 $4.40 $4.40
New gas wellsites $0.43 $0.44 $0.46 $0.47 $0.48 $0.49 $0.51 $0.52 $0.53 $0.54
New oil wellsites $1.41 $1.46 $1.50 $1.54 $1.58 $1.62 $1.66 $1.70 $1.74 $1.78
Total costs $62.57  $45.12  $45.17  $45.23  $45.28  $45.33  $45.39  $45.44  $45.49 $45.55
Estimated Costs - Capital Costs Annualized Using a 3% Discount Rate (§ in million)
Existing gas wellsites $38.57  $38.57  $38.57  $38.57  $38.57  $38.57  $38.57  $38.57  $38.57  $38.57
Existing oil wellsites $21.71 $4.37 $4.37 $4.37 $4.37 $4.37 $4.37 $4.37 $4.37 $4.37
New gas wellsites $0.43 $0.44 $0.45 $0.47 $0.48 $0.49 $0.50 $0.52 $0.53 $0.54
New oil wellsites $1.41 $1.45 $1.49 $1.53 $1.57 $1.61 $1.65 $1.69 $1.73 $1.77
Total costs $62.12  $44.83  $44.88  $44.94  $44.99  $45.04  $45.10  $45.15  $45.20  $45.26
Estimated Costs - CO2 Emissions Additions (tons)
Existing gas wellsites 124 124 124 124 124 124 124 124 124 124
Existing oil wellsites 16 3 3 3 3 3 3 3 3 3
New gas wellsites 1 1 1 1 2 2 2 2 2 2
New oil wellsites 1 1 1 1 1 1 1 1 1 1
Total CO2 Additions 143 130 130 130 130 130 130 130 130 131
Value of CO2 Additions (§MM) $0.005  $0.005  $0.005 $0.006  $0.006  $0.006  $0.006  $0.006  $0.006  $0.006
Estimated Benefits - Cost Savings Present Value Using 7% Rate (§ in million)
Existing gas wellsites $12.42  $12.85  $12.98  $13.01 $12.50  $11.85 $11.41 $10.87  $10.37  $10.06
Existing oil wellsites $1.64 $0.35 $0.35 $0.35 $0.34 $0.32 $0.31 $0.30 $0.28 $0.27
New gas wellsites $0.14 $0.15 $0.15 $0.16 $0.16 $0.15 $0.15 $0.15 $0.14 $0.14
New oil wellsites $0.11 $0.12 $0.12 $0.12 $0.12 $0.12 $0.12 $0.11 $0.11 $0.11
Total cost savings $14.31 $13.46  $13.60  $13.64  $13.12  $12.44  $11.99 §$11.43  $10.90  $10.59
Estimated Benefits - Cost Savings Present Value Using 3% Rate ($ in million)
Existing gas wellsites $12.42  $13.35  $14.01 $14.58  $14.56  $14.33  $14.35  $14.20 $14.06  $14.18
Existing oil wellsites $1.64 $0.36 $0.38 $0.40 $0.40 $0.39 $0.39 $0.39 $0.38 $0.39
New gas wellsites $0.14 $0.15 $0.16 $0.18 $0.18 $0.18 $0.19 $0.19 $0.19 $0.20
New oil wellsites $0.11 $0.12 $0.13 $0.14 $0.14 $0.14 $0.15 $0.15 $0.15 $0.16
Total cost savings $14.31 $13.98  $14.68 $15.29  $15.28  §$15.05 $15.07  $14.92  $14.79 $14.92
Estimated Benefits Inaemental Production (Bcf)
Existing gas wellsites 3.26 3.26 3.26 3.26 3.26 3.26 3.26 3.26 3.26 3.26
Existing oil wellsites 0.43 0.09 0.09 0.09 0.09 0.09 0.09 0.09 0.09 0.09
New gas wellsites 0.04 0.04 0.04 0.04 0.04 0.04 0.04 0.04 0.04 0.05
New oil wellsites 0.03 0.03 0.03 0.03 0.03 0.03 0.03 0.03 0.04 0.04
Total incremental production 3.76 3.42 3.42 3.42 3.43 3.43 3.43 3.43 3.43 3.44
Estimated Benefits - Methane Emissions Reductions (tons)
Existing gas wellsites 56,200 56,200 56,200 56,200 56,200 56,200 56,200 56,200 56,200 56,200
Existing oil wellsites 7,500 1,500 1,500 1,500 1,500 1,500 1,500 1,500 1,500 1,500
New gas wellsites 600 600 700 700 700 700 700 800 800 800
New oil wellsites 500 500 500 500 500 600 600 600 600 600
Total CH4 reductions 64,900 58,900 58,900 58,900 59,000 59,000 59,000 59,100 59,100 59,100
Value of CH4 reductions (§MM) $71.34  $64.75  $64.79  $76.61 $76.65  $76.69 $76.74  $76.78  $88.64  $88.69
Estimated VOC Emissions Redudions
Existing gas wellsites 15,700 15,700 15,700 15,700 15,700 15,700 15,700 15,700 15,700 15,700
Existing oil wellsites 2,100 400 400 400 400 400 400 400 400 400
New gas wellsites 200 200 200 200 200 200 200 200 200 200
New oil wellsites 100 100 100 100 200 200 200 200 200 200
Total VOC reductions 18,100 16,400 16,500 16,500 16,500 16,500 16,500 16,500 16,500 16,500
Net Benefits
Net Benefits - 7% ($ MM) 23 33 33 45 44 44 43 43 54 54
Net Benefits - 3% (§ MM) 24 34 35 47 47 47 47 47 58 58
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Table 34e: Annual LDAR Program for Marginal Oil Wells; Semi-Annual LDAR Program for All Other Wells

YEAR 2017 2018 2019 2020 2021 2022 2023 2024 2025 2026
Impacted wellsites
Existing gas wellsites 20,661 20,661 20,661 20,661 20,661 20,661 20,661 20,661 20,661 20,661
Existing oil wellsites 16,029 16,029 16,029 16,029 16,029 16,029 16,029 16,029 16,029 16,029
New gas wellsites 230 236 243 250 256 263 270 276 283 290
New oil wellsites 753 775 797 818 840 862 884 906 928 950
Total wellsites 37,672 37,700 37,729 37,758 37,786 37,815 37,843 37,872 37,901 37,929
Estimated Costs - Capital Costs Annualized Using a 7% Discount Rate (§ in million)
Existing gas wellsites $38.82  $38.82  $38.82  $38.82  $38.82  $38.82  $38.82  $38.82  $38.82  $38.82
Existing oil wellsites $21.90  $21.90  $21.90 $21.90  $21.90 $21.90  $21.90 $21.90  $21.90  $21.90
New gas wellsites $0.43 $0.44 $0.46 $0.47 $0.48 $0.49 $0.51 $0.52 $0.53 $0.54
New oil wellsites $1.41 $1.46 $1.50 $1.54 $1.58 $1.62 $1.66 $1.70 $1.74 $1.78
Total costs $62.57  $62.63  $62.68  $62.73  $62.79  $62.84  $62.89  $62.95  $63.00  $63.06
Estimated Costs - Capital Costs Annualized Using a 3% Discount Rate ($ in million)
Existing gas wellsites $38.57  $38.57  $38.57  $38.57  $38.57  $38.57  $38.57  $38.57  $38.57  $38.57
Existing oil wellsites $21.71 $21.71 $21.71 $21.71 $21.71 $21.71 $21.71 $21.71 $21.71 $21.71
New gas wellsites $0.43 $0.44 $0.45 $0.47 $0.48 $0.49 $0.50 $0.52 $0.53 $0.54
New oil wellsites $1.41 $1.45 $1.49 $1.53 $1.57 $1.61 $1.65 $1.69 $1.73 $1.77
Total costs $62.12  $62.17  $62.23  $62.28  $62.33  $62.39  $62.44  $62.49  $62.55 $62.60
Estimated Costs - CO2 Emissions Additions (tons)
Existing gas wellsites 124 124 124 124 124 124 124 124 124 124
Existing oil wellsites 16 16 16 16 16 16 16 16 16 16
New gas wellsites 1 1 1 1 2 2 2 2 2 2
New oil wellsites 1 1 1 1 1 1 1 1 1 1
Total CO2 Additions 143 143 143 143 143 143 143 143 143 144
Value of CO2 Additions (§MM) $0.005 $0.005  $0.005  $0.006  $0.006  $0.006  $0.006  $0.006  $0.007  $0.007
Estimated Benefits - Cost Savings Present Value Using 7% Rate (§ in million)
Existing gas wellsites $12.42  $12.85  $12.98  $13.01 $12.50  $11.85 $11.41 $10.87  $10.37  $10.06
Existing oil wellsites $1.64 $1.70 $1.71 $1.72 $1.65 $1.56 $1.51 $1.44 $1.37 $1.33
New gas wellsites $0.14 $0.15 $0.15 $0.16 $0.16 $0.15 $0.15 $0.15 $0.14 $0.14
New oil wellsites $0.11 $0.12 $0.12 $0.12 $0.12 $0.12 $0.12 $0.11 $0.11 $0.11
Total cost savings $14.31 $14.81 $14.96  $15.00  $14.43  $13.68  $13.19  $12.57  $11.99  $11.64
Estimated Benefits - Cost Savings Present Value Using 3% Rate ($ in million)
Existing gas wellsites $12.42  $13.35  $14.01 $14.58  $14.56  $14.33  $14.35  $14.20 $14.06  $14.18
Existing oil wellsites $1.64 $1.76 $1.85 $1.93 $1.92 $1.89 $1.89 $1.87 $1.86 $1.87
New gas wellsites $0.14 $0.15 $0.16 $0.18 $0.18 $0.18 $0.19 $0.19 $0.19 $0.20
New oil wellsites $0.11 $0.12 $0.13 $0.14 $0.14 $0.14 $0.15 $0.15 $0.15 $0.16
Total cost savings $14.31 $15.38  $16.15 $16.82  $16.80  $16.55 $16.57  $16.41 $16.26  $16.40
Estimated Benefits Inaremental Produdtion (Bcf)
Existing gas wellsites 3.26 3.26 3.26 3.26 3.26 3.26 3.26 3.26 3.26 3.26
Existing oil wellsites 0.43 0.43 0.43 0.43 0.43 0.43 0.43 0.43 0.43 0.43
New gas wellsites 0.04 0.04 0.04 0.04 0.04 0.04 0.04 0.04 0.04 0.05
New oil wellsites 0.03 0.03 0.03 0.03 0.03 0.03 0.03 0.03 0.04 0.04
Total inaemental production 3.76 3.76 3.76 3.77 3.77 3.77 3.77 3.77 3.78 3.78
Estimated Benefits - Methane Emissions Redudions (tons)
Existing gas wellsites 56,200 56,200 56,200 56,200 56,200 56,200 56,200 56,200 56,200 56,200
Existing oil wellsites 7,500 7,500 7,500 7,500 7,500 7,500 7,500 7,500 7,500 7,500
New gas wellsites 600 600 700 700 700 700 700 800 800 800
New oil wellsites 500 500 500 500 500 600 600 600 600 600
Total CH4 reductions 64,900 64,900 64,900 65,000 65,000 65,000 65,100 65,100 65,100 65,100
Value of CH4 reductions (§MM) $71.34  $71.38  $71.41 $84.44  $84.48  $84.52  $84.57  $84.61 $97.67  $97.72
Estimated VOC Emissions Reductions
Existing gas wellsites 15,700 15,700 15,700 15,700 15,700 15,700 15,700 15,700 15,700 15,700
Existing oil wellsites 2,100 2,100 2,100 2,100 2,100 2,100 2,100 2,100 2,100 2,100
New gas wellsites 200 200 200 200 200 200 200 200 200 200
New oil wellsites 100 100 100 100 200 200 200 200 200 200
Total VOC reductions 18,100 18,100 18,100 18,100 18,100 18,100 18,100 18,100 18,100 18,200
Net Benefits
Net Benefits - 7% ($ MM) 23 24 24 37 36 35 35 34 47 46
Net Benefits - 3% (§ MM) 24 25 25 39 39 39 39 39 51 52
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Table 34f: Annual LDAR Program for Marginal Oil and Gas Wells; Semi-Annual LDAR Program for All Other Wells

YEAR 2017 2018 2019 2020 2021 2022 2023 2024 2025 2026
Impacted wellsites
Existing gas wellsites 20,661 20,661 20,661 20,661 20,661 20,661 20,661 20,661 20,661 20,661
Existing oil wellsites 16,029 16,029 16,029 16,029 16,029 16,029 16,029 16,029 16,029 16,029
New gas wellsites 230 236 243 250 256 263 270 276 283 290
New oil wellsites 753 775 797 818 840 862 884 906 928 950
Total wellsites 37,672 37,700 37,729 37,758 37,786 37,815 37,843 37.872 37,001 37,929
Estimated Costs - Capital Costs Annualized Using a 7% Discount Rate (§ in million)
Existing gas wellsites $29.74  $29.74  $29.74  $29.74  $29.74  $29.74  $29.74  $29.74  $29.74  $29.74
Existing oil wellsites $21.90  $21.90  $21.90 $21.90  $21.90 $21.90  $21.90 $21.90  $21.90  $21.90
New gas wellsites $0.43 $0.44 $0.46 $0.47 $0.48 $0.49 $0.51 $0.52 $0.53 $0.54
New oil wellsites $1.41 $1.46 $1.50 $1.54 $1.58 $1.62 $1.66 $1.70 $1.74 $1.78
Total costs $53.49  $53.54  $53.59  $53.65  $53.70  $53.75 $53.81 $53.86  $53.92  $53.97
Estimated Costs - Capital Costs Annualized Using a 3% Discount Rate (§ in million
Existing gas wellsites $29.49  $29.49  $29.49  $29.49  $29.49  $29.49  $29.49  $29.49  $29.49  $29.49
Existing oil wellsites $21.71 $21.71 $21.71 $21.71 $21.71 $21.71 $21.71 $21.71 $21.71 $21.71
New gas wellsites $0.43 $0.44 $0.45 $0.47 $0.48 $0.49 $0.50 $0.52 $0.53 $0.54
New oil wellsites $1.41 $1.45 $1.49 $1.53 $1.57 $1.61 $1.65 $1.69 $1.73 $1.7